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Foreword 

This volume, entitled Task Group Reports, 
is part of the National Petroleum Council's 
(NPC) report, Meeting the Challenges of the 
Nation's Growing Natural Gas Demand. Results 
of the 1999 study on natural gas (hereinafter 
referred to as "the 1999 Study") are presented 
in a three-volume report as follows: 

• Volume I, Summary Report, provides con­
clusions and recommendations on the 
potential contribution of natural gas in 
meeting the nation's growing demand 
for energy in the residential, commercial, 
industrial, and electric power generation 
sectors. Also included are summaries of 
key findings from the study's three Task 
Groups: Demand, Supply, and Transmis­
sion & Distribution. Volume I can be 
viewed and downloaded from the NPC 
web site, http :/  /www.npc.org. 

• Volume II, Task Group Reports, contains 
the results of the analyses conducted by 
the three Task Groups and provides fur­
ther supporting details for the conclu­
sions, recommendations, and findings 
presented in Volume I. 

• Volume III, Appendices, includes output of 
the study's computer modeling activities 
as well as various source and reference 
materials developed for or utilized by the 
Task Groups in the course of their analy­
ses . The Council believes that these 
materials will be of interest to the readers 

of the report and will help them better 
understand the results. The members of 
the National Petroleum Council were not 
asked to endorse of approve all of the 
statements and conclusions contained in 
Volume III but, rather, to approve the 
publication of these materials as working 
papers of the study. 

Enclosed with Volume III is a CD-ROM 
containing further model output on a 
regional basis. The CD also contains dig­
itized maps, which were used in assess­
ing a key critical factor-access to 
resources and rights-of-way. These maps 
provide a comprehensive inventory of 
acreage by land-use categories associated 
with related USGS gas plays for the sev­
eral key Rocky Mountain resource areas 
analyzed in the 1999 NPC Study. 

An outline of the full report and a form 
for ordering additional copies can be found in 
the back of this volume. 

Study Background 
The initial impetus for the 1999 Study 

came from a letter dated May 6, 1998, in 
which then-U.S .  Energy Secretary Federico 
Pefi.a requested the NPC to: 

Reassess its 1992 report [Potential for 
Natural Gas in the United States] taking 
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into account the past five years' 
experience and evolving market 
conditions that will affect the poten­
tial for natural gas in the United 
States to 2020 and beyond. Of par­
ticular interest is the Council's 
advice on areas of Government poli­
cy and action that would enable 
natural gas to realize its potential 
contribution toward our shared eco­
nomic, energy, and environmental 
goals. 

In making his request, the Secretary 
noted that II at least two major forces . . . are 
beginning to take shape which will profound­
ly affect energy choices in the future - the 
restructuring of electricity markets and grow­
ing concerns about the potentially adverse 
consequences that using higher carbon­
content fuels may have on global climate 
change and regional air quality." Further, the 
Secretary stated that "For a secure energy 
future, Government and private sector deci­
sion makers need to be confident that industry 
has the capability to meet potentially signifi­
cant increases in future natural gas demand." 
(See Appendix A for this letter and Secretary 
Bill Richardson's follow-up letter expressing 
his interest in receiving the NPC' s advice on 
these matters.) 

To respond to this request, the NPC 
established a Committee on Natural Gas, 
which, in turn, established a Coordinating 
Subcommittee and three Task Groups to assist 
it in conducting the study. 

2 

• NPC Committee on Natural Gas-chaired 
by Peter I. Bijur, Chairman of the Board 
and Chief Executive Officer, Texaco Inc., 
with T. J. Glauthier, Deputy Secretary of 
Energy, serving as the Committee's Gov­
ernment Cochair. H. Leighton Steward, 
Vice Chairman of the Board, Burlington 
Resources, Inc., and William A. Wise, 
President and Chief Executive Officer, 
El Paso Energy Corporation, served as 
Vice Chairs for Supply and for Transmis­
sion & Distribution, respectively. 

• Coordinating Subcommittee-chaired by 
Rebecca B. Roberts, Strategic Partner, 
Global Alignment, Texaco Inc., with 
Robert S. Kripowicz, Principal Deputy 
Assistant Secretary, Fossil Energy, U.S. 

Department of Energy, serving as 
Government Cochair. 

• Demand Task Group-chaired by Matthew R 
Simmons, President, Simmons and 
Company International, with James M. 
Kendell, Director, Oil and Gas Division, 
Office of Integrated Analysis and 
Forecasting, Energy Information Admin­
istration, U.S.  Department of Energy, 
serving as Government Cochair. 

• Supply Task Group-chaired by Thomas B. 
Nusz, Vice President, Strategic Planning 
and Engineering, Burlington Resources, 
Inc., with Guido DeHoratiis, Director, Oil 
and Gas Upstream R&D, Office of Fossil 
Energy, U.S. Department of Energy, serv­
ing as Government Cochair. 

• Transmission & Distribution Task Group 
-chaired by Susan B. Ortenstone, Vice 
President, El Paso Energy Corporation, 
with Joan E. Heinkel, Director, Natural 
Gas Division, Data Analysis & Fore­
casting Branch, Energy Information 
Administration, U.S .  Department of 
Energy, serving as Government Cochair. 

(Appendix B contains the Committee roster 
along with the rosters of its Coordinating 
Subcommittee and three Task Groups.) 

Key Differences from 1992 

The Secretary was correct in noting that 
the U.S. energy markets have changed signifi­
cantly since the 1992 NPC study on natural 
gas (hereinafter referred to as 11 the 1992 
Study") .  The U.S. economy is growing more 
rapidly than was anticipated in 1992, and with 
that growth has come a higher natural gas 
demand than was expected. Environmental 
regulations that favor natural gas consump­
tion are more firmly in place than in 1992 and 
environmental restrictions on fossil fuel­
burning facilities are increasingly stringent. In 
fact, gas demand has grown at a rate that 
exceeds even the most robust scenario project­
ed in the 1992 Study. Continued economic 
growth as well as concerns about air quality 
and climate change favor the continued 
expansion of natural gas demand. 

Since 1992, the gas industry has under­
gone a significant restructuring. The primary 



impetus came from Federal Energy 
Regulatory Commission (FERC) regulations 
that, over time, have converted interstate 
pipelines from sellers and transporters of nat­
ural gas to solely transporters. State regula­
tors and local distribution companies (LDCs) 
are moving toward a similar result in many 
jurisdictions. This restructuring has driven 
changes in roles and risks for industry partici­
pants because a number of market functions 
and obligations formerly managed under the 

. auspices of the LDCs and pipelines must now 
be accepted and carried out by other market 
participants. Since the 1992 Study, new mar­
ket structures-market hubs/ centers, futures 
trading for natural gas, and a capacity release 
market (a secondary pipeline capacity mar­
ket)-have either developed or matured. 
Other financial tools have been developed to 
reduce the risk of price change to buyers and 
sellers over extended time periods. In short, 
the gas market has become highly efficient 
and sophisticated, with numerous participants 
ensuring competitive prices. Increased confi­
dence in the functionality of the gas market 
and competitive gas prices has played a signif­
icant role in increasing gas demand. 

The industry has benefited from remark­
able progress in technology in areas that were 
not fully anticipated in 1992. For example, 
three-dimensional (3D) imaging now allows 
scientists to virtually "see" underground rock 
formations in graphic detail and to reduce 
drilling risk by more accurately predicting 
locations for hydrocarbon deposits. Progress 
in 3D and 4D seismic technology, in conjunc­
tion with imaging technology, has allowed 
producers to spot small hydrocarbon accumu­
lations. Improved drilling techniques enable 
production companies to more precisely hit 
drilling targets and accomplish difficult 
maneuvers such as drilling a vertical well, 
turning a comer, and then drilling horizontal­
ly over five miles . New technology now 
allows producers to access supply in ocean 
waters that are more than a mile deep. These 
improvements, along with many more, have 
resulted in significant reserve additions and 
prospects of new production in areas that 
were once considered physically or economi­
cally unreachable. 

Technological progress has also been evi­
dent in the transmission and distribution seg­
ments of the industry and has contributed to a 

steady and significant decline in transmission 
and distribution charges since the mid-1980s. 
Technological advances have taken place in 
areas such as gas measurement, pipeline mon­
itoring, compression, and storage manage­
ment. The dramatic improvements in infor­
mation and communications technology have 
contributed to more efficient data manage­
ment systems that support marketing activi­
ties and capacity scheduling. New end-use 
gas technologies, such as higher efficiency res­
idential furnaces, natural gas cooling, and 
combined cycle power plants, continue to 
offer consumers higher efficiency, lower costs, 
and cleaner energy. 

Although market confidence has grown 
and technology has improved the state of the 
industry, recent events have led to questions 
about the industry's ability to meet the 
demand growth potential. The downturn in 
world oil prices between late 1997 and early 
1999 dealt a heavy blow to the exploration and 
production sectors of the U.S. gas industry, 
particularly to the oilfield supply I service con­
tractors and the independent producers who 
supply over half of the nation's natural gas 
needs. Industry participants experienced an 
extended period of poor economic returns 
and, fearing a repeat of the 1984-89 depres­
sion in the industry, responded with signifi­
cant downsizing and cutbacks in spending. 
Investment capital for developing new pro­
duction, which for most industry participants 
is highly dependent on cash flow from crude 
oil and gas sales, declined dramatically in 
1999. As a result, new supply development in 
the United States has slowed considerably. 
Although oil prices have now rebounded, 
these events have highlighted the boom and 
bust nature of the business and have made 
industry participants and investors very cau­
tious. 

Several other trends highlight the chal­
lenges that could impact the future of gas pro­
duction and delivery. The broadening and 
extension of moratoria have reduced access to 
a portion of the nation's natural gas resource 
base. The economic hardship experienced by 
the oilfield supply I service sector has limited 
construction of rigs and other infrastructure, 
giving rise to questions on the industry's abil­
ity to respond to future drilling needs.  
Decreased spending on research and develop­
ment gives rise to concerns regarding future 
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technological breakthroughs. Continued cut­
backs and layoffs impair the industry's ability 
to attract new employees. 

While these issues are significant, the 
NPC wishes to emphasize that the industry 
has successfully met difficult challenges in the 
past and has proved to be resilient and 
resourceful. Each of the challenges identified 
in the 1999 Study can be met if immediate, 
cooperative, and focused actions are taken by 
the industry and the government. (See 
Volume I, Summary Report, for an overview of 
the 1999 Study's conclusions, recommenda­
tions, and key findings.) 

Approach to the 1999 Study 
In conducting the 1999 Study, the NPC 

Committee on Natural Gas and its 
Coordinating Subcommittee and three Task 
Groups developed projections for gas 
demand, gas supply, and gas transmission 
and distribution. The primary focus of the 
1999 Study was to test supply and delivery 
systems against significantly increased 
demand. As in the case of the 1992 Study, the 
Committee on Natural Gas selected Energy 
and Environmental Analysis, Inc. (EEA) to run 
econometric models for the analysis . The 
Coordinating Subcommittee and its Task 
Groups provided data and assumptions to 
EEA for inclusion in the development of a 
Reference Case for the focus period of 1999 to 
2010. The assumptions used in the Reference 
Case represent a plausible view of the future 
and were selected with full understanding 
that, in reality, each could vary significantly. 
Each of the Task Groups developed sensitivity 
analyses to test the Reference Case through 
2010 and to develop an extended view 
through 2015.  The results of the Reference 
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Case and the sensitivity analyses form a 
framework for better understanding the fac­
tors that influence supply and demand bal­
ances. This approach was particularly useful 
in exploring the potential range of outcomes 
beyond 2010, a point at which uncertainties in 
assumptions begin to escalate. Throughout 
this report, data are reported for the focus 
period of 1999 to 2010, with an extended view 
for the more uncertain period of 2011 through 
2015. While the 1999 Study did not attempt to 
model supply and demand beyond 2015, the 
issue of long-term sustainability is addressed. 

The 1999 Study participants endeavored 
to focus on the broader industry implications 
and dynamics indicated by the data rather 
than attempt to forecast specific end results. 
Issues such as new regulations for climate 
change were not examined in detail, but other 
factors that increase demand were specifically 
analyzed and some correlations can be made. 
Changes that are occurring in the areas of elec­
tricity generation, such as distributed genera­
tion, were not studied, but the overall impact 
of increases in gas demand due to electricity 
generation were examined. 

The NPC believes that the results of the 
1999 Study are amply supported by the rigor­
ous analyses conducted by the Committee on 
Natural Gas and its subgroups. Further, the 
NPC wishes to emphasize that the significant 
growth in demand that is projected in the 1999 
Study is based on long-term trends and 
should not be interpreted as a "goal" of the 
industry. However, as natural gas demand 
continues to expand, the natural gas industry 
stands ready to work with all stakeholders to 
economically develop the natural gas 
resources and infrastructure necessary for con­
tinuing the nation's economic growth and 
meeting its environmental goals. 
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Overview 

The news from the Demand Task Group 
is that record demand for natural gas can be 
projected well into the future. The investiga­
tion and studies conducted by the Demand 
Task Group have produced three key findings: 
(1 )  gas demand grew much faster than the 
projections made in the 1992 NPC study on 
natural gas (hereinafter referred to as "the 
1992 Study"); (2) gas demand is projected to 
increase by 36% between 1998 and 2010 and 
nearly 50% by 2015; and (3) new environmen­
tal regulations could add significant incre­
mental gas demand. 

The increase in demand that is projected 
in this study presents tremendous opportuni­
ties for the industry. Understanding the 
extent of the opportunity is critical to all seg­
ments of the industry. The drivers that will 
produce the increase are already in place. For 
example, electricity generators have already 
ordered many of the combined-cycle gas 
plants that will create much of this growth in 
demand. Many other plants, though not on 
order, inevitably will be ordered because elec-

tricity generators have foregone alternatives­
such as greenfields coal plants-that would 
have required longer lead times to implement. 
Enormous effort by all segments of the indus­
try is required immediately. Wells must actu­
ally be drilled; gathering lines and processing 
plants must be built; new pipelines must be 
constructed and existing lines expanded. 

Government, too, must understand the 
magnitude of both the opportunities and the 
challenges. Natural gas is the answer to many 
of the energy and environmental concerns 
that confront government on the road to 2015. 
But natural gas will not automatically become 
available on time and in the proper location 
without a proactive government effort sup­
porting industry efforts. 

Gas is in fact an idea whose time has 
come. But much needs to be done to make 
this idea a reality. Government and industry, 
armed with an understanding of the concerns 
expressed in this report, must act jointly to 
assure that the potential of natural gas, as out­
lined herein, is realized. 
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Chapter One 

The Reference Case­
A Bottom Up Analysis 

The 1992 NPC Study 

As noted in the Summary volume, the 
NPC Committee on Natural Gas appointed a 
task group to develop projections for gas 
demand. As in the case of the 1992 Study, the 
Committee on Natural Gas selected Energy 
and Environmental Analysis, Inc. (EEA) to 
run econometric models for the analysis. The 
Demand Task Group began its work by study­
ing the EEA model and the assumptions and 
results of the 1992 Study. The EEA demand 
model was adopted to provide the analytical 
framework for this study. (See the CD-ROM 
in Volume III, Appendices, for a description of 
the EEA model.) 

In reviewing the high and low forecasts 
for 2010 developed in the 1992 Study, it was 
apparent that Case 2, the "low case" scenario, 
was a low growth scenario that had proven to 
be so far from actual results that it did not 
merit further study or analysis. Even Case 1, 
the "high case" scenario, had proved to be too 
low to capture the real growth that occurred 
in the 1992-98 period .  The Demand Task 
Group felt, however, that Case 1 had proved 
close enough to reality to merit study (see 
Figure D-1) .  

Comparison of 
1992 Projected Data vs. Actual 

Table D-1 compares the projections of the 
1992 Study with actual demand for 1997 and 

1998. Note in Table D-1 that by 1997 residen­
tial consumption had grown to 102% of the 
high case volume predicted for 2010 and com­
mercial to 91% of 2010 high case volume. By 
1998, industrial demand had grown to 101% 
of the predicted 2010 volume. Weather during 
this period was warmer than normal in five of 
the seven winters during the period. Gas 
used for electricity generation in 1998 was 
61% of the amount predicted for 2010, but the 
slow growth in this category is accounted for 
by the data reporting problems discussed in 
the "Background of Data" section later in this 
chapter. In total, demand in 1997 for all end 
uses had already reached a level equal to 87% 
of the 2010 forecast although 13 years of the 
18-year study period then remained. Stated 
another way, in 1998 U.S. gas demand was 
over 1 trillion cubic feet (TCF) higher than 
was projected by the 1992 study for that year. 

Various questions are raised by the com­
parison of the 1992 projections with actuals. 
First, why were the 1992 projections too low? 
Second, what could be  learned from these 
errors? The Demand Task Group felt there 
was no real problem with the model used in 
1992 or the modeling methodology planned 
for the 1999 Study. The problem in the 1992 
Study lay with the assumptions. (By the same 
token, if the 1999 Study has problems, the cul­
prit will also be the assumptions that go into 
the model. The effect of varying key assump­
tions in the 1999 Study is analyzed in Chapter 
Three of this Demand Task Group Report.) 
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Figure D-1. Comparison of Actual Demand 
versus 1992 Projections 
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TABLE D-1 

END-USE GAS DEMAND* 

1996 

1 992 STU DY COMPARED TO 1 997 AND 1 998 ACTUAL 
(Tril l ion Cubic Feet) 

1 992 Study 1 997 
High Reference Actual 

Case-201 0 Demand 
Residential 4.8 5 .0 

Commercial 3.4 3.2 

Industrial 8 .6 8.8 

E lectricity Generation 5.2 3.0 

Net Storage Fi l l/Balance 0 0 

Total 22.0 20.0 

*Does not include lease, plant, and pipeline fuel. 

1997 

1 998 
Actual 

Demand 
4.5 

3.0 

8 .6 

3.3 

0 .6 

20.0 

Source: The 1992 NPC Study and the Energy Information Administration. 
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In comparing the assumptions used in the 
1992 model with actual events, the Demand 
Task Group noted several discrepancies. One, 
the 1992 Study assumed a growth in gross 
domestic product (GDP) of 2.4% per annum 
over the study period. GDP growth rates vary 
substantially depending on the period select­
ed. Actual growth in GDP over the 1990-98 
period was 2.6%. The 1990-98 period experi­
enced one recession in 1991 when GDP fell by 
0.9%. Over the 1992 to 1998 period, GDP 
growth was 3.2%. GDP growth in 1997 and 
1998 was 3.9% and it appears that GDP growth 
in 1999 will be approximately 4%. As this 
report was being written, third quarter 1999 
GDP was reported to have increased by 5.5% 
over the previous year. Clearly, the economy 
was growing much faster than was predicted 

in the 1992 Study or, for that matter, as forecast 
in current estimates from other groups .  

The 1992 Study also assumed a higher 
level of energy conservation than in fact 
occurred. The earlier study assumed that the 
slope of conservation improvement would 
continue to follow the pattern of the immedi­
ately preceding 20 years of increasing conser­
vation. In retrospect, a change in the angle of 
the slope occurred around 1988 reflecting a 
reduced rate of improvement in conservation 
(see Figure D-2).  

It should be emphasized that the econo­
my continues to consume less energy per dol­
lar of GDP, but this trend has flattened consid­
erably from the sizeable drop experienced in 
the 1980s (Table D-2).  In short, the economy 

Figure D-2. Energy Consumption Per Dollar of GDP 
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1 950 - 1 970 
-0.2% PER YEAR 

1 970- 1 985 
-2 .3% PER YEAR 
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-0.5% PER YEAR 
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1 950 1 955 1 960 1 965 1 970 1 975 1 980 1 985 1 990 

YEAR 

TABLE D-2 

ENERGY CONSUMPTION PER REAL DOLLAR OF GOP 
(Btu per Dollar of GOP) 

1 992 1 993 1 994 1 995 1 996 1 997 
Petroleum & 8.59 8 .56 8.47 8.40 8 .35 8 . 1 1 

Natural Gas 

Other Energy 4.56 4.57 4.48 4.50 4.53 4.37 

Total 1 3.1 5 1 3.1 3 1 2.95 1 2.90 1 2.88 1 2.47 

1 995 

1 998 
7.81  

4.23 

1 2.04 

Source : Energy Information Administration,  Monthly Energy Review, October 1999. 
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continues to use energy more efficiently; it 
simply is less efficient than the 1992 Study 
anticipated. 

Background of Data 
Because actual and projected gas con­

sumption data are used throughout the 
Demand Task Group Report, it is important to 
understand how the data have been collected 
and reported historically . For this reason, an 
extended discussion follows of the data con­
cerning the Industrial and the Electricity 
Generation categories. It is also important to 
understand that the data for the Residential 
and Commercial categories are impacted to a 
significant degree by the impact of winter 
weather on space heating loads. In both cases, 
the data set forth in the report are accurate. 
However, one cannot understand what the 
data mean without understanding something 
about how they are put together and what fac­
tors are responsible for shifts in data between 
years. 

ELECTRICITY GENERATION 

For decades, detailed historical data have 
been collected for primary energy consumed 
by regulated electric utilities and the sale of 
electricity by the utilities to end-use cus­
tomers. This information has been reported 
monthly by the Energy Information 
Administration (EIA) since early in its exis­
tence and has allowed detailed analysis of 
electricity markets. Much less detailed data 
were collected concerning energy consumed 
for electricity generation by industrial energy 
users. These users, such as large aluminum 
smelting plants, purchased gas or other fuel 
sources to generate electricity as well as steam 
or other process heat. Energy consumption by 
these users has been classified as Industrial. 

Cogeneration, the combined. production 
of electricity and steam or process heat, 
became a growing source of electricity sold by 
electric utilities with the adoption of the 
Public Utility Regulatory Policy Act of 1978, 
which required utilities to buy power generat­
ed by "qualified facilities ."  Growth in gas 
demand from cogeneration, reported as indus­
trial sector consumption, thus reduced sales to 
electric utilities and reduced utility purchases 
of gas or other primary energy for electricity 
generation in the decade of the 1990s. As a 
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result, some portion of electricity generation 
was effectively transferred from Electricity 
Generation (which was formerly titled Electric 
Utility) into the Industrial category. 

With the emergence of independent 
power producers (IPPs) one more complica­
tion was introduced into the data . IPPs, 
because they were not "electric utilities," 
were classified as Industrial and their con­
sumption so categorized. Since nearly all of 
the kilowatt-hours produced by IPPs to date 
have been sold to electric utilities for resale, 
more energy purchases were again effectively 
transferred from what would have been the 
Electric Utility category to Industrial. With 
increasing deregulation of the electric utility 
industry, many utilities are divesting genera­
tion assets and selling them to IPPs. A fur­
ther transfer of volumes from Electric Utility 
to Industrial, of course, is the result. 

The problem described above has been 
widely recognized in industry and govern­
ment and a satisfactory solution has not yet 
emerged.  Recently, EIA has begun to publish 
annual data derived from survey results 
(which the Demand Task Group believes to be 
the only available data reported to EIA) in an 
attempt to estimate all non-utility generation 
(NUG) and related primary fuel consump­
tion. The published annual data do not 
appear to differentiate between cogeneration 
and IPP generation. Comparison of the annu­
al data to other sources leads to the conclu­
sion that the vast majority (approximately 
85%) of the 2.4 TCF of NUG gas consumption 
reported by EIA is cogeneration. At the same 
time, ErA-appropriately-continues to col­
lect and publish the monthly data in the form 
used to date, that is to say, with cogeneration 
and NUG reported under Industrial. 

The Demand Task Group notes its opin­
ion that the admixture of Electricity 
Generation data with more traditional 
demand in the Industrial category makes 
growth comparisons very difficult. The Task 
Group suggests that government and industry 
work together to devise a solution that will 
produce data (including monthly data)  that 
would appear more meaningful in light of 
changing trends in the electricity markets. 
The Task Group further suggests that cogener­
ation should be left in the Industrial category 
because much of the electricity and heat is 
consumed on site or in the immediate vicinity. 



IPP fuel consumption should be rep orted 
under Electricity Generation because it serves 
the needs of other customers. Users of this 
report are cautioned to remain cognizant of 
the data background and to make future com­
parisons of actual demand with the projec­
tions in this rep ort in light of changes that 
may be instituted in the way data are reported 
and categorized. 

IMPACT OF WINTER WEATHER 
ON HEATING LOADS 

Since space heating loads are the primary 
use of gas in the Residential and Commercial 
categories, winter weather has a very signifi­
cant impact on consumption reported in these 
two categories. The severity of winter weath­
er is measured by heating degree days 
(HDDs) . (HDDs are explained in the "Wea­
ther" section later in this chapter. ) More 
HDDs increase space heating loads; fewer 
HDDs reduce loads. For this reason, conclu­
sions based on comparisons of consumption at 
historical points in time are misleading unless 
adjusted for weather. Table D-1 juxtap oses 
gas demand data for 1997 in order to illustrate 
the weather-sensitive nature of gas demand. 
Residential and commercial gas demand in 
1998 was 700 billion cubic feet (BCF), or 8%, 
lower than 1997 demand. This decline was 
solely a result of the varying severity of the 
winter and the regional patterns of the wea­
ther in those two years. Total HDDs declined 
by 11% from 4,546 HDDs in 1997 to 4,029 
HDDs in 1998. In contrast, gas demand in 
industrial and electricity generation applica­
tions was 300 BCF larger in 1998 than it was in 
1997. Increased industrial output and cooling 
requirements and increases in gas electricity 
generation requirements account for a signifi­
cant portion of the difference. (In addition, 
the increase in demand in those end-use cate­
gories reflected such temporary causes as suc­
cessful inter-fuel competition with fuel oil and 
the availability of inexpensive released firm 
and interruptible pipeline capacity to deliver 
gas to these price sensitive sectors .) 

Key Assumptions in 1999 Study 

After a review of the 1992 Study, the 
Demand Task Group began an analysis of the 
key assumptions to be used in preparing the 
1999 Study. The discussion that follows sum-

marizes the thinking that went into selecting 
the assumptions used in running the 
Reference Case model. Although the Task 
Group adopted what it believes to be the most 
reasonable assumptions, it nevertheless stud­
ied the effect of changing key variables. This 
sensitivity analysis is set forth in Chapter 
Three of this Demand Task Group Report and 
allows the reader to make his own adjust­
ments in the demand forecast based on 
changes in the Reference Case assumptions. 

Gross Domestic Product 

Gross domestic product reflects the 
changes in economic activity in a nation and 
thus is one of the primary drivers of gas 
demand. In the 1999 Study, U.S. GDP was 
assumed to grow at an annual rate of 2 .5% 
throughout the period. Canadian GDP was 
assumed to grow at an annual rate of 2 .2% 
throughout the period .  The Task Group 
reviewed the past history of growth in GDP in 
an effort to arrive at the most reasonable 
assumption concerning growth rates. GDP is 
defined in the b ox below: 

Definition of Gross Domestic Product 

GDP = C +I+ G +X- M 

C = Consumption (Autos, Retail Sales, Personal 

Consumption Expenditures) 

I = Investment (Housing, Durable Goods, 

New Homes, Construction, Inventories) 

G = Government (Receipts/Taxes and 

Expenditures/Transfer Payments) 

X= Exports 

M= Merchandise Imports 

The primary drivers of real GDP growth 
are population and productivity-simply, how 
many people are producing goods and ser­
vices and how much can each person produce 
in a given period ?  The rate of p opulation 
growth in the United States is projected to 
decline, from 1 .0% per year in the 1990-98 
period, slowing to 0.5% per year by 2010. In 
additi on, the lab or force participation is 
expected to decline with the "graying of the 
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Boomers." The measurement of productivity 
is currently the subject of some mystery; 
recent remarks by Alan Greenspan suggest 
that currently reported data underestimate the 
growth in productivity (see Appendix G), and 
some changes in methodology were made 
during 1999. Although the logic of those who 
predict a gradual decline in the rate of GDP 
growth is difficult to refute, the Task Group 
was troubled by the fact that the logic of the 
case for lower growth has not been manifest in 
the numbers for the 1997-99 period. If any­
thing, the GDP results over the 1992-99 period 
cast doubt on the prevailing wisdom and sug­
gest that new factors-perhaps those suggest­
ed by Chairman Greenspan-are at work in 
the U.S. economy. 

The Demand Task Group was also trou­
bled by the problem of reflecting recessions in 
an assumed future growth rate. Occurrence of 
the event itself is not a certainty, much less the 
timing. Various scenarios were tested (see 
sensitivity analysis in Chapter Three of this 
Demand Task Group Report) .  Rather than 
predict the occurrence of one or more reces­
sions, the Task Group simply assumed that a 
2.5% rate would represent the average growth 
experienced in the study period including 
periodic recessions and recoveries; high and 
low sensitivities were run at 3.0% and 2.0%, 
respectively. The 2.5% rate is greater than the 
2.4% used in the 1992 Study, but slightly lower 
than the 2.6% experienced in the period from 
1990 to 1998 and considerably lower than the 
3.9% in 1997 and 1998 and an estimated 4.0% 
in 1999. The estimates of GDP used in the 
1992 Study utilized a 1990 base. The 1992 
forecast was not adjusted to reflect the 1991 
recession then in progress. Relatively rapid 
growth from 1991 through 1998 has wiped out 
the effect of the 1991 recession and produced 
an average compound growth rate of 2.6% for 
the 1990-98 period. (It should be noted that 
the 1992 Study used "unchained" GDP data 
whereas the 1999 Study uses the more appro­
priate "chained" data.) 

Canadian GDP was assumed to grow at a 
rate of 2.2%. Historically, the growth rate of 
Canadian GDP has been 0.3% lower than the 
rate of growth for U.S. GDP. The Task Group 
notes, however, that as in the case of recent 
U.S. growth rates, the Canadian growth rate in 
recent years is well above the 2.2% rate 
assumed in the 1999 Study. Also, Canadian 
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Energy-Supply and Demand to 2025, recently 
issued by Canada's National Energy Board, 
forecasts a GDP growth of 2.55% per annum 
from 1997 to 2010 and 2.45% to 2015. 

U.S. Industrial Production 

GDP growth at an annual 2.5% level is 
assumed to generate an annual growth rate 
of 3.0% in U.S .  industrial production. An 
increase in rate of growth in GDP results in a 
corresponding increase in the growth rate of 
industrial production. Growth in industrial 
production in turn drives growth in demand 
for natural gas in several sectors. 

Alternative Fuels 

Because of their impact on gas demand, 
the prices of alternative fuels were also 
assumed in running the model. In view of the 
recent collapse of West Texas Intermediate 
(WTI) oil prices to the $12/bbl range and sub­
sequent recovery to the $25 /bbl area, it was 
difficult to derive a price from recent perfor­
mance in the oil markets. The Demand Task 
Group elected to use a historical average oil 
price based on the familiar WTI oil price. The 
Reference Case assumed a price of $18.50/bbl 
in 1999 dollars. Oil prices quoted in the 1992 
Study represented Refiner Acquisition Cost of 
Crude (RACC), which tends to be a lower 
number than the more familiar WTI numbers . 
Note in Figure D-3 that actual RACC prices 
were well below the prices predicted by the 
1992 Study. The RACC price for the 1999 
Study was assumed to be $16.50/bbl in 1999 
dollars. 

Coal price FOB at the mine was assumed 
to be $1 .25 per million British thermal units 
(MMBtu) in December 1998, with an annual 
increase of 1 .0% producing a price of 
$1 .41 /MMBtu by 2010 and $1 .48/MMBtu by 
2015. 

It should be noted that coal prices per 
MMBtu in 1998 are much lower than the price 
of gas at the same p oint in time 
($2.345 /MMBtu NYMEX near month average 
for December). Comparing cost of fuel a lone 
would suggest that coal has a competitive 
advantage over natural gas. In reality, the two 
prices are not comparable due to varying heat 
rates obtained with each fuel in individual 
generation stations and the far higher capital 



Figure D-3. U.S. Average Crude Oil RACC Price 
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cost to construct new coal-fired electricity gen­
eration plants. Also, construction time for 
coal-fired plants is two to three times as long 
as for gas-fired plants and permits for coal­
fired plants are more difficult to obtain. 

Electricity Demand 
The electricity demand forecast relies on 

econometric relationships that consider 
growth in GDP and weather, i.e., electricity 
demand is not an assumption, but is derived 
by running the model with the indicated 
assumptions. Electricity demand for space 
heating and cooling is affected by both sum­
mer and winter weather. Insofar as space 
heating is concerned, colder than normal 
weather also creates an increased demand for 
electricity. Obviously, a warm summer cre­
ates a greater demand for electricity used for 
air-conditioning purposes. 

Electricity demand growth projected for 
the study period is greater than recent North 
American Electric Reliability Council (NERC) 
forecasts . The model predicts the annual 
growth rate in electricity demand will be 2.1% 
for the 1999 to 2010 period and 2.0% for the 
2010 to 2015 period.  This assumption may 
well be too low. As a point of reference, net 

YEAR 

electricity generation grew by a compound 
rate of 2.6% from 1973 through 1998. The rate 
of electricity growth from 1989 to 1998 was 
2 .3%, but this figure only reflects growth in 
utility sales and does not count electricity gen­
eration for on-site use. It is possible that elec­
tricity demand data will rebound to the 
1973-98 average of 2.6%. 

The level of electricity demand is 
extremely important in projecting demand for 
natural gas, oil, and coal. Electricity is not a 
primary source of energy as are natural gas, 
oil, and coal. Rather, electricity is a secondary 
source, which requires the consumption of a 
primary source of energy to produce it. The 
laws of thermodynamics as applied to the 
generation of electricity dictate that many 
more Btu of primary energy will be input into 
the process than will emerge in the form of 
electricity. According to Table A-8 of the EIA's 
Monthly Energy Review (November 1999), the 
average heat rate during 1998 for the United 
States as a whole was 10,311 Btu per kilowatt­
hour. Because 1 kilowatt-hour equals 3,412 
Btu, average energy efficiency of electricity 
generation can be calculated as 33%. In addi­
tion, there are losses in transmitting electricity 
from the bus bar of the generating plant to the 
end-user; those losses vary from 6% to 10% 
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depending on the distance transported. Thus, 
as electricity demand grows, it exerts a multi­
plying effect on demand for primary energy in 
excess of 3 :1 .  For this reason, it will be impor­
tant to monitor trends in growth of electricity 
demand. 

Summarizing, there are currently four 
primary methods of generating electricity. Of 
these, (1)  nuclear is at maximum capacity and 
near maximum utilization, (2) hydro is at 
maximum capacity and utilization, and 
(3) coal is at maximum capacity but may be 
able to increase utilization. Additional elec­
tricity demand-translated and multiplied 
into demand for primary energy-will fall on 
the fourth method: natural gas supplemented 
by oil. The detailed discussion that follows 
amplifies this fundamental conclusion. 

Capacity Utilization of 
Electricity Generating Plants 

COAL 

The amount of each fuel consumed in 
meeting electricity generating demand is 
based on the capacity of plants utilizing each 
fuel and the utilization rate of each type of 
plant. Coal-fired generating plant capacity is 
assumed to remain at 320 gigawatts in 2010. It 
was further assumed that through 2010 the 
cost of electricity generated from coal (includ­
ing capital costs) would not be competitive 
with electricity from gas, but that after that 
date an estimated 20 gigawatts of new coal­
fired capacity would be built. 

While no significant amounts of new 
coal-fired capacity are projected in the 
Reference Case prior to 2010, increased utiliza­
tion of existing coal-fired plants is assumed to 
compete successfully with newly constructed 
gas-fired electricity generation. The ongoing 
restructuring of electricity markets provides a 
strong incentive to increase the use of the 
existing capital investment. Moreover, since 
the variable cost of operating coal-fired units 
is usually lower than the fully allocated cost of 
new gas-fired generation, increasing the hours 
of operation for coal-fired units to their techni­
cal limits is more economic than building new 
gas-fired units for base load use. Although 
additional investment to improve operating 
efficiency and meet emission requirements 
will be required, the basic conclusion remains 
unchanged. 
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The large base of coal-fired capacity­
utilization of which has grown from 55% in 
the late 1980s to 63% in 1998-provides an 
opportunity for growth in coal-fired electrici­
ty generation through improved utilization 
of installed capacity (see Figure D-4) . In­
deed, between 1998 and 2010, 29% of the pro­
jected incremental electricity demand growth 
is projected to be met through increased uti­
lization of existing coal-fired capacity. Coal­
fired capaci ty utilization is assumed to 
increase 11 percentage points from 64% in 
1997 to 75% by 2010. 

Continued improvement in coal-fired 
capacity utilization will be a considerable 
challenge for owners of generating stations. 
An analysis of existing coal-fired capacity sug­
gests that the greatest portion of coal-fired 
capacity is composed of relatively new, large 
units. Figure D-5 shows the age and size of 
existing coal-fired units, the "in service" date 
of the installed coal boiler, and the number of 
units built in that year. 

Nearly 330 gigawatts of coal-fired capaci­
ty was built from 1921 through 1996. Less 
than 5% of this capacity has been retired so 
far, leaving 320 gigawatts of coal-fired capaci­
ty on line by 1998. During the period from 
1967 through 1986, 67% or 222 gigawatts of 
coal-fired capacity was added, predominately 
through the construction of large units. The 
average size of units added from 1967 through 
1996 was nearly twice as large, 475 megawatts 
per boiler, as the average for the whole period, 
which was 165 megawatts per boiler. 

Figure D-6 presents 1996 capacity utiliza­
tion data for existing coal-fired units as a func­
tion of the " in service" date of the unit. 
Figures D-5 and D-6 indicate that the bulk of 
coal-fired capacity is comprised of large, rela­
tively new units that are likely to be loaded 
heavily by operators. And there is still the 
opportunity for these units to contribute more 
to electricity demand requirements through 
improved utilization. 

Nevertheless, there remains considerable 
uncertainty regarding the ability of coal-fired 
plants to reach 75% capacity utilization. A 
brief explanation of how capacity utilization 
is calculated is in order. If a particular plant 
were operated 24 hours a day at full load, 365 
days a year, it would have a 100% capacity 
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Figure D-6. 1996 Capacity Utilization Data for Coal Plants by In-Service Year 
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utilization rate . A 75% rate means that a 
plant operates 18  hours a day at full load, 365 
days a year. Or, by way of additional exam­
ple, it could operate at full load for 274 days 
and be shut down for the remainder of the 
year. In each case, it would be said that the 
plant generated 75% of its maximum poten­
tial output. When one considers aggregated 
coal-fired capacity, neither of the above exam­
ples is completely adequate in that the system 
does not act as a single generator and single 
load. Instead the load varies with the sea­
sons, weather, time of day, and day of the 
week. Individual power plants will operate 
base-loaded for much of the year while others 
cycle on and off and vary their outputs as 
necessary to balance the load. 

It should also be understood that with 
minor exceptions electricity loads are not con­
stant 24 hours a day, 365 days a year. Loads 
on electric utilities vary on a seasonal basis; 
seasonal variations are caused by weather 
variations that impact primarily space heat­
ing/ cooling and lighting loads. Electricity 
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loads also vary substantially on an intra-day 
basis; intra-day variations are caused by 
changing temperatures, day /night changes, 
customer work schedules, and the like. 
Electricity for the residential and commercial 
market sectors, which account for 67% of elec­
tricity demand in the United States, drops off 
dramatically after 10 :00 to 11 :00 p .m.  each 
night and only starts to rise after 6:00 to 7:00 
a.m. each morning. It should also be tmder­
stood that, with minor exceptions, electricity 
cannot effectively be stored, and thus it is not 
possible to produce electricity at night for use 
the following day when loads are up . The 
electric utility load curve is not expected to 
change significantly during the study period. 
As total electricity load expands, base load 
will also increase. Operators may increase 
coal-fired p lant utilization rates in order to 
satisfy a portion of the expanded base load. 

The issue presented by the assumption of 
75% utilization is whether such a shift will in 
fact occur. Improvement in the utilization rate 
above 70% is probably a very ambitious objec-



tive. Although the subject is discussed in 
Chapter Three of this Demand Task Group 
Report, it should be noted here that a 10% 
decrease in the assumed utilization level of 
coal-fired electricity generation (i.e., from 75% 
to 65%) would potentially increase gas con­
sumption by 1 .7 TCF annually from the 
Reference Case. 

It should further be noted that other dis­
incentives for improved coal-fired plant uti­
lization may arise due to environmental 
restrictions. In this connection, the De­
partment of Justice and several state govern­
ments have recently filed suit against seven 
large utilities, charging that their coal-fired 
plants had effectively added to capacity dur­
ing maintenance activities without installing 
new pollution equipment that would have 
been required if capacity had otherwise been 
expanded. It should also be noted that recent 
EPA regulations concerning installation of cat­
alytic converters for NOx control will decrease 
heat rates by approximately 1% in coal-fired 
plants. While it is too early to calculate the 
effect of these measures on capacity utilization 
of coal-fired plants, the effect is presumably 
negative. 

GAS 

Installed capacity of gas/ oil combined­
cycle and gas-fired combustion turbine capaci­
ty will grow from 25 gigawatts in 1998 to 113 
gigawatts in 2010 and 140 gigawatts in 2015. 

Fossil-fuel-fired unit heat rates are pre­
dicted to improve 0.3 to 0.5% per year 
depending on generation type between 1998 
and 2015. The improvement in electricity gen­
eration heat rates reflects the view that compe­
tition in electricity generation markets and 
improved technology will continue to "raise 
the performance bar" in this market segment. 
However, mandated addition of new exhaust 
equipment on coal-fired plants could push 
performance in the other direction. 

Seventy percent of combined-cycle plants 
are assumed to be capable of burning either 
gas or oil and would therefore switch fuels 
depending on cost. The examination of fuel­
switching capabilities of new combined-cycle 
plants by the Demand Task Group indicated 
that operating these units with distillate oil 
would be both technically feasible and eco­
nomic given the relationship between gas and 

oil prices projected in the Reference Case. 
Under these conditions, the seasonal switch­
ing of gas-fired units to distillate oil during 
the winter heating season provides an oppor­
tunity for electricity generators to lower their 
annual operating costs while simultaneously 
providing residential and commercial gas cus­
tomers with a source of seasonal gas supply. 
The effect of fuel switching is to reduce peak 
load growth on pipeline and gas storage sys­
tems and to lower energy costs during periods 
when gas prices are likely to exceed the cost of 
oil. It should be recognized, however, that 
electricity generating plants contemplating 
fuel switching over seasonal periods will 
require very substantial quantities of low sul­
fur distillate. 

By 2015, when 140 gigawatts of gas-fired 
generating plants will be in operation, fuel 
switchers would require nearly 3,500,000 bar­
rels per day of distillate throughout the peak 
month. This calculation is based on the 
assumption that fuel-switching plants operate 
on oil for an entire month. Under normal 
winter conditions, peaks on pipeline systems 
last for a few days and are followed by 
warmer weather and then by another peak 
period as another cold wave follows. As more 
and more gas-fired units go on line, fuel 
switchers will need to evaluate the need for 
special fuel oil contracts, additional invest­
ment in oil storage facilities, or both. 

NUCLEAR 

Considerable effort was devoted to the 
subject of nuclear capacity and its utilization. 
The Reference Case does not include any new 
nuclear capacity. The Demand Task Group 
studied all announced nuclear plant shut­
downs and reviewed a schedule of the exist­
ing expiration dates for all licenses of nuclear 
plants. Installed capacity of nuclear generat­
ing plants was approximately 97 gigawatts in 
1998. The problem faced by the Demand Task 
Group in estimating nuclear capacity during 
the study period centered on the re-licensing 
question. Licenses for 30 gigawatts of capaci­
ty are due to expire during the period to 2015. 
Will the owners of these plants apply for 
Nuclear Regulatory Commission (NRC) 
approval to re-license these plants to dates 
beyond the study period? Or will these 
plants simply be retired at the license expira­
tion date? To date, no U.S. nuclear plant has 
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ever been re-licensed. Therefore there is no 
precedent from which to make a forecast. The 
Task Group chose to make the assumption 
that 50% of the capacity at issue (15 
gigawatts) would be re-licensed and the other 
50% (15 gigawatts) would be retired at license 
expiration. Under this assumption, nuclear 
capacity of approximately 81 gigawatts 
would remain in operation at 2015. As noted 
in Chapter Three of this Demand Task Group 
Report, a difference of 15 gigawatts of nuclear 
capacity equates to approximately 0.8 TCF of 
additional annual gas demand. The Task 
Group was somewhat comforted by the fact 
that the bulk of the 30 gigawatts of nuclear 
capacity licenses at issue expire during the 
period 2010 to 2015, and therefore the 
assumptions made should be reasonably 
valid to 2010. 

It should be noted that  nuclear plant 
capacity utilization, which in earlier periods 
was very poor, has increased dramatically in 
recent years (Figure D-7). With the resumption 
of service at the Clinton, LaSalle, and Millstone 
units in the spring of 1999, daily nuclear capac­
ity utilization reached an unprecedented high 
of 96.5% in August 1999. This figure compares 
with the previous daily high utilization of 86% 
in July 1998 and a historical average daily high 
of approximately 75%. 

Annual capacity utilization rates for 
nuclear plants have increased in recent years 
to approximately 75%. The model projects a 
further increase in the nuclear utilization rate 
to the 80% range by 2005 continuing at 
approximately the same rate to 2015. Nuclear 
retirements in the out years beyond this study 
could significantly increase gas demand. 

Figure D-7. Total U.S. Daily Nuclear Capacity Utilization 
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HYDRO AND RENEW ABLES 

According to EIA statistics, approximate­
ly 4% of total U.S. purchased energy demand 
is supplied by hydro and other renewable 
sources. Of that total, 3.8% is supplied by 
hydro and 0.2% by renewables. An additional 
volume of energy is sourced from renewables 
but is not included in the total demand 
because industrial by-product fuel is not typi­
cally measured or reported. 

Hydro generation is assumed to remain 
nearly constant throughout the period of the 
Reference Case. However, hydro generation 
could diminish due to environmental con­
cerns about the adverse impact of dams on 
anadromous fish. Hydro dams in the United 
States are granted licenses by the Federal 
Energy Regulatory Commission (FERC, for­
merly Federal Power Commission) . These 
licenses are for a stated period of years and 
unless re-licensed, dams must be removed on 
expiration of the licensing period . Several 
small, non-operational dams have been 
removed due to expiration and non-renewal 
of licenses. There is considerable pressure 
from environmental and sportsmen's organi­
zations in favor of breaching dams that 
obstruct the migration of anadromous fish. 
Several species of anadromous fish have 
recently been classified as endangered. 

Renewables (particularly from wood) 
are a larger source of energy than is general­
ly recognized .  Most renewables are con­
sumed to make steam and electricity. 
Wastewood, usually sawdust from mill oper­
ations or wood chips from tops and branches 
removed during logging operations, has 
been used for many years for cogeneration 
and power generation purposes and 
undoubtedly will continue to be so used in 
the future. Wind power currently provides 
approximately 0 . 1% of electricity demand. 
Wind is growing faster than any other 
renewable energy source, but its growth is 
from a very small base. 

For some time, there have been proposals 
concerning the use of biomass materials (other 
than wood) as a fuel source for electricity gen­
eration. Technological progress in this area 
may indeed make such biomass economically 
competitive with fossil fuels. The Demand 
Task Group is not aware of currently available 

technology that would make such fuels eco­
nomically feasible .  Therefore, it did not 
assume an increase in electricity generation 
from renewables. If renewables do develop 
more rapidly than anticipated, the resulting 
error may be offset by a decline in hydro. In 
any event, the error will occur in the out years 
of the study and corrections can be made in 
subsequent NPC natural gas studies. 

Weather 
Actual heating degree days (HDD) and 

cooling degree days (CDD) were used through 
February 1999; weather was assumed to be 
"normal" thereafter. HDDs are calculated by 
subtracting the mean temperature on any day 
from 65 degrees Fahrenheit. (It is assumed 
that heating is not required on a day on which 
mean temperature is above 65 degrees.) Thus, 
a day on which the mean temperature was 30 
degrees would have 35 HDDs. CDDs are cal­
culated by subtracting a base of 75 degrees 
Fahrenheit from the mean temperature on any 
day. Thus, a day on which the mean tempera­
ture was 90 degrees would have 15 CDDs. 
The foregoing definitions of HDDs and CDDs 
are widely accepted in the utility industry. 
Individual companies sometimes vary the def­
inition for proprietary estimates of load send­
out. Normal weather is defined as the popu­
lation-weighted average of HDDs and CDDs 
for the 1961 to 1990 period. 

Factors Not Included 
in Assumptions 

After careful consideration, the Demand 
Task Group decided not to make assumptions 
concerning a number of matters that it 
reviewed. 

Technology 
As noted above, the Demand Task Group 

did include technological progress concerning 
fossil fuel heat rates for electricity generation. 
The Task Group did not include the effects of 
other new and important downstream tech­
nologies because it believed the net effect of 
these technologies was difficult to quantify. 
(The Supply Task Group performed a sensitiv­
ity analysis of the impact of improved 
upstream technologies.) 
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As an example of the complexity of ana­
lyzing downstream technology, many experts 
believe that distributed generation by means 
of micro-turbines or fuel cells will experience 
considerable growth between now and 2015. 
Essentially, "distributed generation" is elec­
tricity generation produced by relatively small 
generating units located within the electricity 
distribution network and typically at the con­
sumption site; the alternative to distributed 
generation is central plant generation involv­
ing large generating units connected to cus­
tomers by transmission and distribution lines. 
The Reference Case assumes very limited pen­
etration of distributed electricity generation 
technologies. The Task Group recognizes that 
improvements in distributed generation tech­
nologies and changes in electricity pricing 
structures, combined with potential bottle­
necks in electricity transmission capacity, 
could result in significant market penetration 
of distributed generation. Growth in dis­
tributed generation could significantly 
increase the percentage of gas sold or trans­
ported by local distribution companies (LDCs) 
for electricity generation. 

While distributed generation might 
increase gas demand in the residential and 
commercial segments as customers in these 
segments purchase generation equipment, 
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such growth would probably be offset by a 
decline in gas demand for electricity genera­
tion at central plants. At this point, it is not 
clear whether gas-fired generation would back 
out natural gas or coal at central generating 
stations. While a 1 : 1  relationship between gas 
demand for distributed generation and 
backed out gas demand at central generation 
stations probably does not exist, the net error 
is probably too small to be relevant in the con­
text of total gas demand. 

Environmental and Regulatory 

The demand estimates do not include the 
effect of future environmental and other regu­
lations, such as the effect of complying with 
the Kyo to protocol. EIA and the Edison 
Electric Institute have conducted separate 
studies of the impact of meeting the U.S. tar­
get under the Kyo to protocol. These studies 
confirm that substantial reductions in coal and 
oil consumption would be required with a 
concomitant increase in gas demand. These 
studies examine various scenarios and indi­
cate an increase in gas demand of 2-12% in 
the case of EIA, and 10-22% in the case of 
Edison Electric Institute . The indicated 
increase represents an increment above 
demand levels that would otherwise prevail. 



Chapter Two 

Gas Demand Proj ected 
by Current Study 

As a necessary prelude to the projection 
of future gas demand, it is necessary to look at 
the growth in both U.S.  and Canadian gas 
demand for the 1987-98 period (see Table D-3). 
Compound growth rate for U.S. consumption 
for the 1987-98 period was 1 .9%; for Canada 
during the same period, 2.9%. Growth in gas 
demand flattened in 1997 and 1998 as a result 
of mild winter weather in both years. 

Employing the assumptions discussed in 
the preceding chapter, the model estimates 
that U.S. gas consumption will increase from 
22 TCF in 1998 to 29 TCF in 2010 and around 
31 TCF in 2015 (see Figure D-8). Table D-4 
shows the breakdown of consumption by end­
use categories. North American gas con­
sumption for the same period is shown in 
Table D-5. (See Appendix C and the CD-ROM 
for detailed results of the reference and sensi­
tivity cases.) 

It should be noted that-consistent with 
the form of EIA reports-the 1999 Study nets 
gas exports to Mexico against gas imports and 
reports the net amount in the supply tables. 
An alternative method would have been to 
report Mexican exports, most of which is gas 
used for electricity generating projects in areas 
of Mexico contiguous to the United States, as 
additional demand. 

Compound growth rates for both U.S. 
and Canadian consumption projected to 2010 
and to 2015 are set forth in Table D-6. The 

1998 data included a significantly warmer 
than normal winter, which masks the underly­
ing growth in residential and commercial 
space heating demand for the historical per­
iod. (Also see textual explanation of Table D-1 

TABLE D-3 

CANADIAN AND U.S. 
GAS CONSUMPTION 
1 987 THROUGH 1 998 

(Tri ll ion Cubic Feet per Year) 

Canadian Gas U.S. Gas 
Year Consumption Consumption 
1 987 2.08 1 7.26 

1 988 2 .31  1 8.04 

1 989 2.46 1 8.85 

1 990 2.34 1 8.77 

1 991 2.37 1 9.08 

1 992 2.57 1 9.58 

1 993 2.68 20.26 

1 994 2 .84 20.71 

1 995 2 .86 21 .56 

1 996 3.04 21 .91  

1 997 2.85 21 .7 

1 998 2.85 21 .3 

Source: U . S. Department of  Energy and 
the National Energy Board of Canada. 

D-17 



I-w w LL 0 m ::J 0 z 0 
::J _, 
0: I-

25 

20 

1 5  

1 0  

Figure D-8. U.S. Natural Gas Demand 
Comparison of 1992 and 1999 NPC Study Results 

E X TE N D E D  V I E W  

1 992 NPC High Case 

1 992 NPC Low Case 

Actual 

1 999 NPC Reference Case 

5 1--------------------+---------� 
1 999 N PC Range of Outcomes 

0��-r�--����r-+--r�--r-�-r�--r-���--���--r-��� 
1 990 1 995 2000 2005 201 0 201 5 

YEAR 
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TABLE D-4 

U.S. NATURAL GAS CONSUM PTION 
{Trillion Cubic Feet) 

1 998 2005 201 0 201 5 
Total Consumption 22.0 26.3 29.0 3 1 .3 

Total End Use 1 9.4 24.0 26.4 28.7 

Residential 4.5 5. 6 5.8 6. 1 

Commercial 3. 0 3. 7 3.8 4. 1 

Industrial 8. 6 9. 6 1 0. 2  1 0. 8  

Electricity Generation 3.3 5. 1 6. 6 7. 8 

Lease, P lant, & P ipel ine Fuel 2 .0  2.2 2 .5  2 .5  

Net Storage Fil l/Balancing 0.6 0 . 1 0 . 1  0 .0 

Source: Energy and Environmental Analysis, Inc. 
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TABLE D-5 

U.S. AND CANADIAN NATURAL GAS CONSUM PTION 
(Trill ion Cubic Feet) 

1 998 2005 
Total Consumption 24.2 29.6 

Total End Use 21 .8 26.7 

Residential 5. 1 6.2 

Commercial 3.4 4.2 

Industrial 10. 1 1 1 . 3  

Electricity Generation 3.2 5. 1 

Lease, P lant, & Pipel ine Fuel 2.4 2.8 

Net Storage Fi l l/Balancing 0.0 0.2 

Source: Energy and Environmental Analysis, Inc. 

TABLE D-6 

NATURAL GAS CONSUMPTION 
COMPOUND GROWTH RATES 

1 990-98 201 0 

201 0 
32.5 

29.4 

6. 5 

4.4 

12. 0 

6. 6 

3 . 1  

0 . 1  

Actual Forecast 
Residential 0. 1 %  2. 1 %  

Commercial 1 .2% 2.2% 

Industrial 2. 7% 1 . 4 %  

Electricity Generation* 1 . 7% 6. 1 %  

U.S. End-Use Total 1 .9% 2.6% 

Canadian End-Use Total 2.5% 1 .8% 

201 5 
35.2 

31 .8  

6.8 

4.6 

12. 7 

7.8 

3.2 

0.0 

201 5 
Forecast 

1 . 7% 

1 .9% 

1 . 3% 

5. 3% 

2.3% 

1 .7% 

* Industrial volumes through 1 998 include consumption of gas for non-util ity 
generation, which grew rapidly in the early 1 990s. After that date, the model 
reclassifies gas used in new generating plants (whether utility or  non-util ity) as 
"Electricity Generation." Existing non-utility plants as of 1 998 remain classified 
as "Industrial." 

Source: Energy and Environmental Analysis, I nc.  

data in Chapter One of this Demand Task 
Group Report.) 

Largest Growth in Demand is 
for Electricity Generation 

The most significant growth in gas 
demand is estimated to be for electricity gen­
eration. In the 1992 Study, increased penetra-

tion of the electricity generation market was 
an objective. Today-as a result of a dramatic 
improvement in heat rate for combined-cycle 
gas/ oil generating stations, the relatively low 
capital cost of such plants, the relatively short 
construction time required to bring them on 
line, tighter emission standards for electricity 
generation, and the deregulation of electricity 
generation-gas is virtually the sole choice of 
the electricity generating industry for new 
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electricity generating plants. Currently, 98% 
by capacity of the 243 electricity generating 
plants that have been announced for construc­
tion in the next five years are to be gas-fired; 
the remaining 2% by capacity will be fueled 
by coal, oil, wastewood, wood, wind, and 
other (Table D-7). Assuming that the indicat­
ed gas-fired plants are all built, gas-generated 
electricity would increase to approximately 
one-third the theoretical capacity (330 
gigawatts) of coal-fired plants. 

TABLE D-7 

PLANNED 
ELECTRICITY GENERATION 

PLANTS 

No. of Total 
Plants Megawatts 

Fossil-Fueled 

Gas-Fired 202 1 02,588 

Coal-Fired 1 0  553 

Oil-Fired 2 477 

Total Fossil-Fueled 2 1 4  1 03,61 8 

Renewables 

Wastewood-Fired 3 69 

Wood-Fired 2 67 

Wind 1 7  477 

Total Renewables 22 61 3 

Other 7 1 68 

Total All Plants 243 1 04,399 

Source: Online data base at Resource Data 
International, I nc. (July 1 999), except wind data. 
Wind data from American Wind Energy Associa­
tion web site. 

It is highly significant that electricity 
generators have changed their attitudes radi­
cally toward gas-fired generation since the 
1992 Study. The price of coal increases frac­
tions of a single percent per year. The price 
of gas is highly volatile and routinely swings 
up and down 50% during the course of a 
year. Notwithstanding volatility, five circum­
stances have led to the choice of natural gas 
as the preferred fuel for new generating sta-

D-20 

tions . One, the heat rate1 on combined-cycle 
gas generating plants gives gas a strong eco­
nomic advantage. Two, the capital cost of a 
combined-cycle gas-fired p lant is approxi­
mately $500 to $650 per megawatt, compared 
to $1,000 to $1 ,500 per megawatt for coal­
fired plants. Three, the construction time for 
combined-cycle plants is approximately two 
years versus five to seven years for coal-fired 
plants. Four, in a deregulated environment, 
electricity generators seek the shortest possi­
ble time between the decision to build and 
point at which capital costs are recovered .  
Gas-fired plants have the shortest construc­
tion time. Five, it is far easier to obtain per­
mits for new combined-cycle gas p lants than 
for coal-fired p lants. 

As a result, by 2010, gas use for electricity 
generation will account for 47% of the incre­
mental gas demand projected in the Reference 
Case. The growth in relative importance of 
electricity generation results from the retire­
ment of nuclear capacity and the dominant 
position of gas as the fuel of choice for newly 
constructed generation capacity. After 2010, 
however, the dominance of gas could be chal­
lenged as cost comparisons of coal and other 
alternatives vs. natural gas improve. It should 
be noted that the assumptions used in the 
Reference Case assume that the utilization rate 
of coal-fired plants will improve significantly 
over the study period. Many knowledgeable 
observers, though accepting the economic 
rationale for increased utilization, question 
whether existing coal-fired plants are physi­
cally capable of operating at the higher levels 
assumed. If not, natural gas usage will have 
to meet the gap. 

It should also .be noted that although pre­
dicted electricity demand is derived from the 
model, electricity growth could rise faster than 
the predicted rate. The model predicts the 
annual growth rate will be 2 .3%. Some 
observers believe that growth in the Internet 
may increase electricity consumption beyond 

1 Heat rate is a measurement of the amount of 
thermal energy consumed in producing electricity, 
expressed in Btu of energy input per kilowatt-hour gen­
erated. For example, the heat rate of modern combined­
cycle electricity generating plants is approximately 7,000 
Btu per kilowatt-hour, representing an efficiency of 
nearly 50%. Modern coal-fired plants have a heat rate of 
approximately 10,000 Btu per kilowatt-hour, represent­
ing an efficiency of roughly 34%. 



the predicted levels. It should be noted that 
net U.S. electricity generation increased from 
3,494,441 million kilowatt-hours in 1997 to 
3,619,632 million kilowatt-hours in 1998, or 
3.6%.2 Trends in electricity consumption 
should be actively monitored as an early 
warning indicator of potential error in the 
study forecast. 

Although the precise level of increased 
demand for electricity generation is subject to 
some debate, the total under any scenario is 
very large. The Reference Case projects an 
additional gas demand of 3.9 TCF by 2010 for 
electricity generation. It is critical for the gas 
industry to recognize that the increased demand 
for gas for electricity generation is no longer just 
potential-it's a fact. The supply side of the 
industry and the transmission and distribu­
tion segment must begin planning now to 
meet this new load. 

Growth in Peak Demand 

Continued growth-albeit at a slow 
rate-in the traditional residential, commer­
cial, and industrial applications will lead to a 
growth in peak demand. The space heating 
load, as has historically been the case, will 
establish new peaks. Peak-day demand 
requirements are projected to grow in the 
Reference Case by 29% by 2010. Assuming 
that most operators of combined-cycle gas/ oil 
plants switch to oil on the basis of price differ­
entials fuels during peak periods, gas demand 
for electricity generation is likely to fall in the 
"valley" between seasonal peaks. This subject 
is discussed at greater length in the report of 
the Transmission & Distribution Task Group. 

Sector Analysis 

It is useful to break down the growth in 
gas demand by sectors in order to understand 
some of the factors that are driving the market 
for gas to 2010 and 2015. 

Residential 

From 1992 to 1997, gas consumption in 
the residential sector grew from 4.7 TCF to 

2 Energy Information Administration, Electrical 
Power Annual 1 998, Vol. I, p. 5. 

5.0 TCF, or a compound annual rate of 1 .3%. 
Residential gas consumption is estimated to 
increase from 4.5 TCF in 1998 to 5.8 TCF in 
2010 and 6 . 1  TCF in 2015, or a compound 
annual rate of 2% to 2010 and 1 .7% to 2015. 
The principal uses of gas for residential pur­
poses are cooking, water heating, space heat­
ing, clothes drying, and air conditioning. 
According to the 1998 EIA report, Residential 
Energy Consumption Survey, space heating is by 
far the largest use, accounting for 51% of ener­
gy demand and 68% of natural gas use in U.S. 
households. For this reason, variations from 
normal winter weather can substantially 
increase or decrease natural gas demand in 
any year. Natural gas competes with electrici­
ty for each of these uses. Oil has a significant 
share of the space heating market in the 
Northeast. Liquefied petroleum gas (LPG) is 
used for the same purposes; LPG users are 
typically found in areas beyond the reach of 
the gas distribution grid.  Of the total fuel 
used in the residential sector in 1998, 45% is 
estimated to be natural gas, 37% electricity, 
12% fuel oil, and 6% other. These numbers 
exclude the energy input required to create 
purchased electricity. 

In terms of market penetration in particu­
lar end uses, natural gas is estimated to enjoy 
the market shares shown in Table D-8. The 
gas industry continues to serve the majority of 
new space-heating customers. Due to a grow­
ing economy and the increased number of 
households, the number · of gas customers is 
projected to increase from 60.5 million in 1998 
to 71.5 million in 2010 and 76 million in 2015. 

Net growth in the residential sector is the 
result of several contrasting trends. On the one 
hand, U.S. housing stock is expected to grow 
1 .3% per annum (including multi-family) . 
These numbers compare with an annual 
growth rate of 1 .5% in the years 1993 through 
1997. Total U.S. housing stock at December 31, 
1997, is estimated at 101 .6  million units, an 
increase from 90.5 million units a decade earli­
er. Increases in housing stock obviously result 
in increased demand for natural gas. It should 
be noted that gas space heating also increases 
electricity consumption for fans and pumps to 
distribute heat within the dwelling unit. 
Although gas-heated housing units are project­
ed to increase roughly 50% to 2015, residential 
gas consumption grows by 22%. This apparent 
disparity is due in large part to improvement in 
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TABLE D-8 

1 998 MARKET SHARE 
RESIDENTIAL END USES 

(Thousands of Btu) 

End Use Gas 
Cooking 1 55.5 

Water Heating 1 ,322.2 

Space Heating 2 ,938.2 

Clothes Drying 6 1 .1 

Air Conditioning 6.8 

Other 1 32.2 

Total 4,61 6 

furnace efficiency in both existing and project­
ed housing stock. 

Because of better insulation and other 
construction practices and high-efficiency fur­
naces, new construction is more fuel efficient 
than the average home in the nation's housing 
stock. The efficiency rate of new furnaces 
installed in residential construction has 
increased from an estimated 78% in 1992 to 
84% in 1997. Average installed furnace effi­
ciency has been estimated by the American 
Gas Association to be between 60% and 65%. 
Current NAECA (National Appliance Energy 
Conservation Act) standards prohibit the 
manufacture and sale of furnaces with an effi­
ciency of less than 78%. The model assumes 
that furnace efficiency will continue to 
improve as new construction becomes a big­
ger proportion of the nation's housing stock 
and as older furnaces are replaced with new, 
high-efficiency equipment. These trends tend 
to reduce residential demand. 

On the other hand, new homes tend to 
be larger than the average house; more square 
feet translate into increased demand. "Large" 
homes (over seven rooms) increased from 
21 .7 million in 1987 to 29.4 million in 1997. 
"Small" homes (four rooms or less) grew by 
only 0.7% per year in the same period. 
Pushing in the other direction, however, new 
construction is disproportionately located in 
the South and West, where space-heating 
requirements are lower than in the North. 
And the addition of new air conditioning 
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Electricity Oi l  Other 
1 35.7 22.6 0 

529.8 1 40.5 0 

748.9 1 ,002.7 667.2 

1 71 0 0 

754.8 0 0 

1 ,484.7 78 

3,835 1 ,243.8 667.2 

units for homes built in the South will tend to 
increase the demand for natural gas as a pri­
mary fuel for incremental electricity genera­
tion. Average annual gas consumption per 
single family home is about 79.4 thousand 
cubic feet (MCF) per unit. In the Midwest 
and Northeast, the consumption rate is 94.9 
MCF and 88.7 MCF, respectively. In the South 
and West, the consumption rate is 63.1  MCF 
and 69.8 MCF, respectively. 

Although residential volume is expected 
to grow only 1 .6 TCF over the period to 2015, 
LDCs will be required to invest substantial 
sums in new mains and service lines to serve a 
very large increase in the number of residen­
tial customers. Since the space heating load 
falls on (and indeed creates) the peak day, 
pipelines will also be required to invest in 
additional transportation and storage facili­
ties .  (See the Transmission & Distribution 
Task Group Report.) 

Commercial 
Between 1992 and 1997, commercial gas 

consumption grew from 2.8 TCF to 3.2 TCF, or 
a compound annual growth rate of 2.7%. Gas 
use in the commercial category is estimated to 
grow from 3.0 TCF in 1998 to 4.3 TCF in 2010 
and 4.5 TCF in 2015, or a compound annual 
growth rate of 3 .3% to 2010 and 2.6% to 2015. 
The Commercial category covers a wide range 
of business types, including restaurants, 
hotels, and office buildings. Commercial con-



sumption broken down by end use is shown 
in Table D-9. 

TABLE D-9 

COMMERCIAL SALES VOLUMES 
1 998 

Percentage 
End Use BCF of Total 

Space Heating 1 ,650.5 53.9% 

Space Cooling 1 20.1 3.9% 

Water Heating 447 . 1  1 4.6% 

Cooking 330.7 1 0.8% 

Drying 1 74.6 5.7% 

Other 1 86.6 6.1 % 

Power Generation 1 55.3 5 . 1 % 

Cogeneration 1 5 1 . 9  5. 0% 

Other Generation 3. 3 0. 1 %  

Total 3,064.8 1 00.0% 

Source: Energy Information Administration, 
AE02000 Forecasting System. 

Like the residential market, a majority of 
commercial gas consumption is for space heat­
ing (54%). For this reason, growth in the com­
mercial market will add to peak-day require­
ments and will necessitate additional 
investment by LDCs and pipelines. Water 
heating accounts for 15% of commercial gas 
sales; cooking, 11 %; drying, 6%; and cogenera­
tion, 5%. Commercial air conditioning has 
made considerable progress in recent years 
and now accounts for 3.9% of the commercial 
market. Commercial gas air conditioning 
plays a useful role in building off-peak, sum­
mer load. 

In general, drivers of commercial gas 
demand are the growth in the service economy 
and growth in the square footage of commer­
cial buildings. As in the case with residential, 
commercial applications are becoming more 
and more fuel efficient. High-efficiency ovens 
and stoves have been introduced for commer­
cial cooking. These and other improvements 
in food service appliances have contributed to 
the intense competition between gas and elec-

tricity in the commercial sector. Finally, 
improvements in gas-fired cooling and desic­
cant technology have contributed to increased 
gas use in the commercial sector. 

Industrial 
From 1992 to 1997, gas consumption in 

the industrial sector grew from 7.5 TCF to 8.6 
TCF, or a compound annual rate of 2 .8%. 
Industrial gas consumption is estimated to 
increase from 8.6 TCF in 1998 to 12.4 TCF in 
2010 and 13.0 TCF in 2015, or a compound 
annual rate of 2.5%. Problems arise in making 
comparisons between years because of 
changes in the categorization of gas used by 
non-utility generators. See the discussion of 
this subject in Chapter One of this Demand 
Task Group Report. 

Natural gas is widely used across most 
industries from mining to manufacturing. 
The chemicals industry is the largest con­
sumer of gas, accounting for 33% of industrial 
gas consumption in 1998.  The next largest 
industrial gas users are the petroleum refining 
(11 %), primary metals industry (8%), food 
(7%), paper (6%), and the stone/ clay I glass 
industries (4%). Figure D-9 shows industrial 
gas use by type of industry. 

The industrial gas market is large, highly 
diverse, and highly competitive. Gas is used 
in the industrial sector for process heating, 
process steam, and directly as a feedstock. 
Gas competes for the industrial load with fuel 
oil, electricity, coal, and LPG. In 1998, gas 
market share for industrial fuels was estimat­
ed to be 40%, with 36% for fuel oil (including 
distillate, residual, and other liquid hydrocar­
bons), 14% for electricity, and 9% for coal. 

The key drivers of industrial demand are 
the level of economic activity, as represented 
by industrial production, and the price of gas 
and alternative fuels. Projected industrial gas 
consumption is derived econometrically based 
on historical data. 

Electricity Generation 

As has been repeatedly noted, the largest 
growth in gas demand to 2010 and 2015 will 
be in electricity generation. Consumption for 
this category is projected to grow from 3.2 
TCF in 1998 to 6.6 TCF in 2010 and to 7.8 TCF 
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Figure D-9. Industrial Gas Use by Type of Industry 

STONE/CLAY/GLASS 4% 

in 2015. Annual rate of growth in this catego­
ry is 6.6% to 2010 and 5.4% to 2015. 

Clearly, environmental regulations have 
been one of the motivations leading electricity 
generators to select gas as the fuel of choice 
for new electricity generating plants. But eco­
nomics will be the prime motivator at least 
until 2010.  Gas combined-cycle electricity 
generating plants have a heat rate of approxi­
mately 7,000 Btu per kilowatt-hour compared 
to 10,000 Btu per kilowatt-hour for coal-fired 
units. The Demand Task Group assumed that 
after 2010 some coal-fired plants would again 
be built as technology or economics alter the 
economics of fuel selection. 

The construction time for gas combined­
cycle p lants has been as low as 18 months. 
Because of the demand for these units, the 
world's principal manufacturers of these 
plants now have an increasing backlog, with 
the result that construction time is stretching 
out to 24-30 months. However, construction 
time for a greenfields coal p lant is estimated to 
be 5-7 years depending on permitting prob­
lems. The long lead time for construction of 
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OTHER 
31 %  

coal-fired plants means that absent a change 
by 2003 in the competitive relationships 
between electricity from gas and electricity 
from coal, a new coal-fired plant could proba­
bly not be p laced in service prior to 2010.  
Currently, 98% by capacity of the 243 electrici­
ty generating plants that have been announced 
for construction in the next five years are to be 
gas-fired; the remaining 2% by capacity will be 
fueled by coal, oil, wastewood, wood, wind, 
and other (see Table D-7) . 

There can be no doubt that deregulation 
of electricity generation has hastened the move 
to natural gas. Utility and non-utility genera­
tors now compete on a level p laying field; the 
name of the game is cost per kilowatt-hour 
generated. With gas combined-cycle p lants 
having a cost advantage, there is a rush by 
both types of generators to put combined-cycle 
plants in service. The relatively short construc­
tion time for gas combined-cycle plants allows 
an owner to put a plant in service in time to 
take advantage of this cost advantage and 
recover a substantial portion of its investment 
in the plant during the early years when pro­
jected economics are most likely to hold true. 



With acute competition expected to develop 
among electricity generators and the resulting 
potential for surplus generating capacity to be 
constructed, it is imperative for an owner to go 
on line and contract to sell his output before a 
possible surplus can develop. 

Finally, coal-fired plants have serious 
permitting problems. Various environmental 
agencies have imposed restrictions on emis­
sions of various combustion products. These 
restrictions are scheduled to take effect at 
varying points during the study period.  
Without getting into the details, it is sufficient 
to note that permitting of coal-fired plants is 
becoming more difficult and the cost of com­
pliance will add to capital and maintenance 
costs of coal-fired plants. 

Non-End Use Demand 
There are two other significant uses of 

natural gas that should be considered: lease 
and plant, and pipeline. Neither involves an 
end use in the United States, but each requires 
a brief explanation. 

LEASE AND PLANT 

Lease and plant use is estimated to rise 
from 1 .2 TCF in 1998 to 1 .6  TCF in 2010 and 
1 .8 TCF in 2015.  Lease use refers to gas that is 
produced from wells but consumed on the 
lease in connection with oil and gas opera­
tions on the lease. The volume of lease use is 
generally a function of production and rises 
and falls with production. In making its esti­
mate, the Demand Task Group assumed that 
lease use grows proportionately with oil and 
gas production. 

Plant use refers to (1)  gas consumed in 
processing gas in order to remove from the 
gas stream certain marketable products (such 
as propane, ethane, and other liquids) and 
undesirable constituents of natural gas (such 
as carbon dioxide, sulfur, entrained water, and 
the like) and (2) that portion of the gas stream 
comprising the removed products. The vol­
ume of plant use is generally a function of the 
volume of production, but also depends on 
gas quality in different fields. 

PIPELINE 

Pipeline use is expected to rise from 0.7 
TCF in 1998 to 0.9 TCF in 2010 and remain at the 

same level for 2015. Long-distance transporta­
tion of gas requires the operation of compressors 
located every 150-200 miles along the pipeline. 
The most economical source of fuel for these 
compressors is the natural gas being transport­
ed. Pipeline use is a function of gas transported 
and rises or falls with throughput/mile. 

Regional Analysis 

As in the case of the sector analysis set 
forth above, demand can also be analyzed on a 
regional basis (Table D-10) . Natural gas demand 
will increase throughout the forecast period in 
every region. The largest absolute increases in 
demand take place in the South Central, Mid­
Atlantic, and Midwest regions, which account 
for nearly 50% of total growth between 1997 and 
2015. In relative terms, the fastest growth is 

TABLE D-1 0 

REGIONAL DEMAND ANALYSIS* 
REFERENCE CASE 

NATURAL GAS DEMAND 
(Tri ll ion Cubic Feet) 

1 997 201 0 201 5 
New England 0.6 0.9 1 .0 

Mid-Atlantic 3.2 4.3 4.7 

South Atlantic 0.7 1 .0 1 .1 

Florida 0.5 1 .0 1 .1 

East South Central 1 .1 1 .4 1 .5 

Midwest 3.5 4.4 4.7 

Upper Midwest 0.7 1 .0 1 .1 

Central 0.7 0.9 0.9 

South Central 6.7 8.4 8.9 

Southwest 0.4 0.5 0.6 

Mountain 0.6 0.9 1 .0 

West North Central 0.1 0.2 0.2 

Northwest 0.5 0.7 0.8 

California 1 .9 2.6 3.0 

Offshore Shelf 0.2 0.2 0.1 

Offshore Slope 0.2 0.2 

Canada 2.9 3.5 3.8 

Alaska 0.4 0.5 0.6 

*Excludes Mexican Exports. 

Source: Energy and Environmental Analy-
sis, Inc. 
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expected to occur in the Florida, New England, 
Mountain, and Mid-Atlantic regions, where 
growth will increase faster than 2.3% per year 
between 1997 and 2010. 

Gas Price 

In a market economy, price is always the 
point at which supply and demand balance. 
Gas price is not an assumption in the model 
but a product of the model. Gas prices for the 
study period were derived by running the 
model using the assumptions discussed herein. 
Gas demand was adjusted by the model for 
fuel switching, primarily in electricity genera­
tion and industrial applications, based on the 
relative prices of gas, oil, and, potentially, coal. 
Fuel-switching forecasts are based on patterns 
of least cost dispatching of electricity generat-

ing units built into the model. (See discussion 
of least cost dispatching in Appendix H.) The 
results of the model runs are shown in Figure 
D-10. It is important to remember that in the 
Reference Case oil price, unlike gas price, is 
based on an assumed price of $18.50/bbl that 
remains constant throughout the study period. 

It should be noted that projections of 
price, whether of oil or natural gas, are notori­
ously unreliable at any particular point in time. 
Although long-term price trends are reason­
ably predictable from the model, price at any 
point in time reflects variables, such as season­
al weather, supply disruptions due to hurri­
canes, and many other factors. Macro factors 
also disrupt long-term price movements. In 
Figure D-10, note the variation from actuals in 
the prices forecast by the 1992 Study. 

Figure D-10.  Historical and Projected U.S. Natural Gas Prices* 
Lower-48 Weighted Average Wellhead Price 
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Source: DOE/EIA, Monthly Energy Review, September 1 999. 
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Chapter Three 

Sensitivity Analyses 

The Dema nd Task Group developed se n­
sitivity a nalyses-or "delta" a nalyses-to 
evaluate the impact of key assumptio ns o n  
gas dema nd i n  the Refere nce Case. I n  the fol­
lowi ng sce narios, all assumptio ns i n  the 
Reference Case remain the same except those 
specifically me ntio ned i n  the delta cases. Oil 
price references are to WTI. Figure D-11 illus­
trates the effect o n  dema nd of various key 
se nsitivities. 

Electricicy Generation 
Sensitivities 

The largest pote ntial delta i n  the dema nd 
study i nvolves the assumptio ns made con­
cerni ng electricity generation. The two critical 
assumptio ns, both of which were subject to 
debate amo ng members of the Dema nd Task 
Group a nd which are discussed i n  greater 
detail i n  Chapter Two of this Dema nd Task 
Group Report, are as follows: 

• The assumptio n  that coal-fired pla nt uti­
lizatio n will i ncrease 11 perce ntage poi nts 
from 64% i n  1997 to 75% by 2010 

• The assumptio n  that o nly 15 gigawatts of 
nuclear ge neratio n capacity will be 
retired by 2015 as lice nses expire. 

The Dema nd Task Group co nti nues to believe 
that the assumptio ns used i n  the Refere nce 
Case are reaso nable, but recog nizes that its 
judgme nt is primarily based o n  eco nomics. 

I n  fact, i n  additio n to eco nomics, both 
assumptio ns i nvolve certai n no n-eco nomic 
factors that are difficult to assess from a 1999 
perspective. 

I n  the case of coal-fired pla nt capacity 
utilizatio n, the primary u ncertai nty lies i n  
whether utilizatio n ca n be improved by 11%, 
from 64% to 75%. The subject of coal-fired 
pla nt capacity utilizatio n was discussed i n  the 
precedi ng chapter. As stated earlier, it is not 
clear that a n  11% improveme nt i n  capacity uti­
lizatio n of coal-fired plants ca n be achieved. 
A se nsitivity a nalysis i ndicates that a 10% 
decrease i n  cap acity utilizatio n from the 
assumed rate of 75% (i.e., coal-fired capacity 
utilizatio n  holdi ng at 65%) would increase gas 
dema nd for electricity ge neratio n by 1 .7  TCF 
annually from the Refere nce Case. A 1 .7 TCF 
i ncrease i n  gas dema nd for electricity ge nera­
tio n would represe nt a 26% i ncrease i n  the 
volume of gas dema nd forecasted for that use 
i n  2010. 

The assumptio n co ncer ni ng nuclear 
retireme nts is not quite as critical as that con­
cer ni ng coal-fired pla nt capacity utilizatio n, 
but it is still very significa nt. The Refere nce 
Case assumes that 50% of the existing nuclear 
capacity that reaches the expiratio n date of the 
facility's curre nt Nuclear Regulatory Com­
missio n (NRC) lice nse is  gra nted a lice nse 
extensio n that allows for the co ntinued opera­
tio n of the u nit. To date, however, no nuclear 
lice nse exte nsio ns have bee n gra nted. With no 
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Figure D-11 . Influence of Key Assumptions on Natural Gas Demand 

I 
Resource Base Smaller by 250 TCF 

I I 
Oil Prices Decreased $3.50/bbl 

I I 
GOP Growth 0.5%/year Lower 

I I 
Slower Upstream Technology Advances 

I 
Reduced Access 

I 

Resource Base Larger by 250 TCF 

I I 
Faster Upstream Technology Advances 

I I 
Oil Prices I ncreased $3 .50/bbl 

I I 
GOP Growth 0.5%/year Higher 

I 
Increased Access 

I 
-2 .0  - 1 . 5  - 1 . 0  - 0 . 5  0 . 0  0 . 5  1 . 0 1 . 5  2 . 0  

CHANGE I N  ANNUAL DEMAND I N  2010 (TCF) 

precedent to guide it, the Task Group cannot 
say with any sense of assurance that 50% of 
licenses will or will not be re-issued. To the 
extent that future re-licensing differs from the 
50% assumption, gas demand for electricity 
generation could be increased or decreased 
from the Reference Case. 

In the Reference Case, nuclear generation 
accounts for 15 .4% of lower-48 electricity gen­
eration in 2010 and 12.4% in 2015. A sensitivi­
ty analysis was conducted testing cases in 
which nuclear generation was 20% above and 
20% below the Reference Case level. A 20% 
change in nuclear generation would add or 
subtract between 650 and 800 BCF (depending 
on the plants involved) of gas consumption 
annually from the Reference Case levels. The 
range is dependent on the amount of nuclear 
capacity in service in any particular year. 

A note concerning electricity generation 
sensitivities is required .  The results cited 
above utilize a somewhat different approach 
from the model because the results present the 
demand sensitivities in isolation. These sce­
narios are not "fully integrated" in the same 
manner as the GDP and oil price sensitivities 
that follow. Rather, the demand increments 
presented assume the delivered price of gas 
remains unchanged from the Reference Case 
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levels. By presenting the analysis in this man­
ner, the magnitude of the effects of electricity 
generation sensitivities can be fully appreciat­
ed and not complicated by large changes in 
the gas supply or transmission and storage 
requirements. 

Higher GOP Growth Case 

The higher GDP growth case assumes an 
annual growth rate of 3 .0% throughout the 
study period. It further assumes that indus­
trial production grows at an annual growth 
rate of 3 .5% throughout the study period, 
because productivity improvement is suffi­
cient to support the higher level of economic 
expansion. Under the higher GDP growth 
case, U.S. gas demand grows by an additional 
0.6 TCF above the Reference Case in 2010, and 
by 0.9 TCF in 2015. 

Lower GOP Growth Case 

The lower GDP growth case assumes an 
annual growth rate of 2 .0% throughout the 
study period. Industrial production grows at 
an annual rate of 2 .5%. Under the lower GDP 
growth case, U.S .  end-use gas demand 
declines from the Reference Case by 0.9 TCF 
in 2010 and by 1 . 1  TCF in 2015. 



Higher Oil Price Case ($22/bbl) 

The higher oil price case assumes that oil 
price is $3.50 /bbl higher than the $18 .50 
assumed in the Reference Case. Under the 
higher oil price case, gas demand grows in 
2010 by 0 .7  TCF and in 2015 by 2 .0 TCF 
(includes lease plant and pipeline fuel) . 

Lower Oil Price Case ($15/bbl) 

The lower oil price case assumes that oil 
price is $3 .50/bbl lower than the $18.50 
assumed in the Reference Case. Under the 
lower oil price case, gas demand declines in 
2010 by 1 .0 TCF and in 2015 by 1 .9 TCF 
(includes lease plant and pipeline fuel) . 

Weather 
As indicated in the discussion of 

Reference Case assumptions, the 1999 Study 
assumes that weather during the study period 
will remain normal. Obviously, weather-as 
it always has-will vary substantially and will 

have pronounced short-term impacts on 
demand, price, peak day, and other important 
variables. However, weather predictions over 
extended periods of time-such as those 
involved in the study period-are notoriously 
unreliable. Assumptions concerning "nor­
mal" weather are based on a 30-year average 
published by the National Oceanic and 
Atmospheric Administration (NOAA) and 
revised every 10 years. There is no statistical 
basis to assume anything other than normal 
weather over a 15-year study period. 

Conclusions Concerning 
Sensitivities 

It is important to understand that the 
deltas are not cumulative. Before attempting 
to calculate a d ifferent result than the 
Reference Case, it is necessary to make a cer­
tain set of assumptions and then select an 
end result based on those assumptions. 
Figure D-11 illustrates the variations result­
ing from various assumptions. 
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Summary and Key Findings 
of the Supply Task Group 

North America has substantial natural 
gas resources in place. The NPC estimates 
remaining lower-48 natural gas resources to 
be 1,466 trillion cubic feet (TCF)-an increase 
of 171 TCF, or 13 .2%, from the 1,295 TCF esti­
mate contained in the in the NPC's 1992 study 
on natural gas (hereinafter referred to as "the 
1992 Study").  Approximately 124 TCF have 
been produced in the intervening years, 1992 
through 1998. Thus, net of intervening pro­
duction, the total change in resource assess­
ment is approximately 295 TCF, or 23% 
greater than the 1992 Study's resource base. 
This resource base is more than sufficient to 
supply expected growth in U.S. natural gas 
demand well into the twenty-first century­
but if and only if the following significant 
challenges are fully addressed through the 
cooperation of the producing sector, govern­
ment, and other significant stakeholders: 

• Restricted access to resource-bearing 
public lands limits (both onshore and 
offshore) the availability of natural gas 
supply. 

• A healthy oil and gas producing sector is 
crucial for natural gas supply to satisfy 
expected increases in demand. The pro­
ducing sector must do the following: 

- To attract required capital, demon­
strate and maintain financial perfor­
mance that is substantially better than 
historical returns 

- Replenish attrition from an aging 
workforce 

- Expand the existing drilling rig fleet 
while replacing older obsolete rigs. 

• Continued investment in research and 
development will be needed to maintain 
the pace of advancements in technology. 

It is industry's challenge to attract the invest-
ment capital and human resources necessary to 
build rigs and service-related assets, maintain the 
pace of technology advancement, and explore for, 
develop, and produce ample quantities of natural 
gas to attain this goal. It is government's chal­
lenge to minimize impediments to a competitive 
marketplace for not only the end-use consumer, but 
also for companies involved in risky exploration 
and production of natural gas. This partnership 
between government and the oil and gas industry 
is essential to enable the development of sufficient 
quantities of natura l  gas supplies to meet the 
nation's economic and environmental goals. 

The producing sector has shown remark­
able resiliency during the seven years since 
the 1992 Study despite extremely difficult and 
challenging economic conditions. During the 
next decade, the producing sector will be chal­
lenged to grow natural gas production to sat­
isfy unprecedented levels of demand in an 
increasingly competitive marketplace. 

Growth in natural gas demand is expect­
ed to be driven largely by increases in gas uti­
lization to generate electricity. Electric power 
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providers are in the process of undergoing 
dramatic restructuring as a result of state and 
federal efforts to encourage increased compe­
tition in this sector of the energy industry. 
Such restructuring will intensify the electric 
power sector 's desire for reliable fuel supplies 
at competitive prices. A fiscally healthy natu­
ral gas producing sector is essential to take 
advantage of the substantial opportunities to 
enhance the reputation of natural gas as a reli­
able, environmentally friendly, competitively 
priced fuel. 

Continued funding for research and 
development (R&D) is crucial, because tech­
nology advancements are essential to produce 
increased quantities of natural gas resources at 
competitive prices. Cooperative efforts 
between government and industry are needed 
to facilitate the investment in R&D required 
for these technology advancements to occur. 
The 1999 Study's conclusions are highly 
dependent on continuous improvement in 
technology. The ability to produce increased 
supplies of natural gas from even the current 
robust resource base will be severely stressed 
should technological advancements stall or 
fail to occur. 

The natural gas exploration and produc­
ing sector also needs reasonable and pre­
dictable requirements-uniformly applied­
that first, enable the industry to assess the 
commercial viability of developing natural gas 
from resource-bearing lands managed by gov­
ernmental entities . Second, for those 
prospects determined to be commercially 
viable and desirable to develop, similar rea­
sonable and predictable requirements are 
imperative to ensure timely access for explo-
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ration, development, and production activi­
ties .  Most notable among these lands are 
areas in the Rocky Mountains and the Eastern 
Gulf of Mexico. Prior cooperative efforts by 
industry and government-i.e . ,  deepwater 
royalty relief and Section 29 credits-have 
been successful and mutually beneficial. The 
NPC believes that increased access to public 
lands via predictable, uniformly applied land 
management policies, drafted from a sense of 
shared opportunity, can be equally successful 
and beneficial by enabling development of 
additional profitable quantities of natural gas 
with related enhancement in government roy­
alty revenues. 

The NPC notes that if natural gas 
demand were merely to grow at the same rate 
as the U.S. economy (which is estimated to 
grow at the modest pace of 2.5% per year), 
demand for natural gas would increase by 
32%-from 22 TCF in 1999 to roughly 29 TCF 
by 2010-and could increase beyond 31 TCF 
by 2015. The energy marketplace is intensely 
competitive, and maintaining natural gas's 
market share is not guaranteed. Nonetheless, 
the Council expects growth from strong 
demand drivers in gas-fired electric power. 
This growth is a significant challenge to the 
producing sector, which is only beginning to 
recover from a difficult business environment 
which occurred from late 1997 through early 
1999. Yet, the NPC firmly believes that all of 
these challenges can be overcome to the mutu­
al benefit of the economy, the environment, 
and the nation's energy consumers, as well as 
companies responsible for natural gas explo­
ration, development, production, marketing, 
transmission, and distribution. 



Key Findings of the Supply Task Group 

1. Sufficient resources exist to meet growing demand well into the twenty-first 
century. 

• With over 1,460 TCF of U.S. and nearly 670 TCF of Canadian remaining 
resources, supply is available to satisfy a 30+ TCF per year market for 
many decades. 

• Future U.S. demand will be satisfied from increasingly challenging 
sources of production, between 1998 and 2015. 

- Deepwater production from the Gulf of Mexico, currently in its infancy, 
is projected to increase more than five-fold from 0.8 TCF to a projected 
4.3 TCF annually. 

- Onshore production from nonconventional formations is projected to 
increase from 4.4 TCF to 8.5 TCF, with most such production coming 
from tight, low-permeability reservoirs. 

- Onshore production from deep conventional formations (> 10,000 feet) is 
projected to increase by approximately 20% from 4.6 TCF to 5.5 TCF. 

• Imports from Canada are projected to continue to be important in meeting 
U.S. demand. The 1999 Study is projecting that Canadian supply will con­
tinue to account for 13-14% of projected total lower-48 supply. 

• Of nearly equal importance, lower-48 gas associated with oil production 
must be sustained. Associated gas will continue to account for approxi­
mately 15% of lower-48 supply. 

2. Restricted access limits the availability of natural gas supply. 

• To increase the production of natural gas, access to resources is critical for 
areas onshore and offshore as well as new regions. 

• Currently, access is limited in the Rockies, Eastern Gulf of Mexico, and off 
both the Atlantic and Pacific U.S. Coasts. 

• Efforts must be funded to update land management plans for natural gas 
resource-bearing federal acreage, and administration of access regulations 
among governmental agencies must be consistent to ensure that explo­
ration, drilling, and production activities proceed. 

• Access to frontier areas will be required for long-term sustainability. 
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3. A healthy oil and gas industry is critical for natural gas supply to satisfy 
expected increases in demand. 

• Over $650 billion (1998$) of capital expenditures will be required in the 
United States through 2015 to fund exploration, drilling, and production 
of sufficient supplies needed to satisfy projected growth in U.S. demand. 

• Financial performance substantially better than historical returns must be 
demonstrated to compete for and attract investment capital to the U.S. and 
Canadian upstream sectors. 

• Aging rig fleets and service assets will require replacement and expansion. 

• An aging workforce necessitates immediate aggressive action by the pro­
ducing sector to attract, train, and retain qualified workers at all levels. 

• Industry must also aggressively undertake initiatives to attract high 
school students with strong math/ science skills to replenish diminished 
university enrollments in Petroleum and Geoscience disciplines and 
attract similarly capable personnel to skilled trades associated with the 
upstream sector. 

• As a growth industry, upstream companies and their investors must avoid 
excessive reactions to short-term performance that conflict with long-term 
strategic growth expectations. 

• The actual or perceived benefit of environmental legislation or regulation 
must be carefully balanced against the potential to impose higher costs on 
natural gas exploration and production, significantly limiting the efforts of 
industry to supply increasing natural gas demand at competitive prices. 

4. Investment in research and development will be necessary to maintain the 
pace of technological advancement. 

• The 1999 Study foresees a shift in focus from "better tools" to "better tech­
niques."  Technology is expected to focus on data interpretation and inte­
gration. 

• A more collaborative approach among industry, government, and 
academia for developing upstream technology must continue and expand. 

• Technological advancement will significantly impact the ability to explore 
for, produce, and develop increasingly deeper, more remote, and noncon­
ventional deposits of natural gas. 



Overview of Methodology 
for Supply Analyses 

The Supply Task Group was responsible 
for (1) reviewing the resource base, technolo­
gy, and cost assumptions made in the 1992 
Study, (2) recommending changes for the 
analyses to be made in the 1 999 Study, 
(3) reviewing various model projection cases 
and other study results, and (4) writing this 
report. The Supply Task Group organized 
itself into eight regional resource assessment 
subgroups. Additionally, three supporting 
subgroups investigated upstream technolo­
gies, reserve appreciation in existing fields, 
and upstream financial/policy matters. 

The Supply Task Group met several 
times over the 12-month study period, and 
each of the subgroups met as required.  In 
addition to these deliberations, two special 
studies were conducted to look into the 
reserve appreciation potential of existing U.S. 
fields and the amount of natural gas resources 
in the Rocky Mountain area restricted by vari­
ous federal land management laws and prac­
tices. Also, two limited surveys were con­
ducted by the Supply Task Group to assess 
recent R&D funding trends in the oil and gas 
production industry and its support indus­
tries and the demographics of the workforce 
at large oil and gas producing companies. 

The intent of the Supply Task Group was 
not to conduct a comprehensive review of the 
U.S. and Canadian natural gas resource base 
and other forecasting assumptions. Rather, its 
objective was to identify those areas where 

industry experience over the last seven years 
and current expectations differed significantly 
from the conclusions reached in the 1992 
Study. Those changes were incorporated into 
the GRI Hydrocarbon Supply Model (HSM) as 
a basis for an updated natural gas supply pro­
jection. As in the 1992 Study, areas in which 
there were significant uncertainties about the 
future-most notably the size of the remain­
ing resource base, restrictions on land access, 
and the pace of technological advances-were 
the subject of supply sensitivity analyses. 

Modeling Framework 

The HSM was developed and refined for 
the Gas Research Institute (GRI) under a con­
tract that began in the early 1980s with Energy 
and Environmental Analysis, Inc. (EEA). The 
HSM was used to investigate gas supply 
issues for the NPC's 1992 Study on natural 
gas. The HSM is a PC-based analytical frame­
work designed for the simulation, forecasting, 
and analysis of natural gas, crude oil, and nat­
ural gas liquids supply and cost trends in the 
United States and Canada. The HSM, along 
with the gas transmission and demand com­
ponents of EEA's Gas Market Data and 
Forecasting System were chosen as the model­
ing systems for the 1999 Study. The repeat use 
of the HSM for the 1999 Study allowed the 
Supply Task Group to start its analysis using 
the same assumptions contained in the 1992 
Study. Starting with these assumptions, a 
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series of successive cases were developed in 
which various new assumptions were tested 
and adopted until the final "Reference Case" 
was decided upon. 

Update of Regional Resource 
ASsessments 

To help decide where changes needed to 
be made, the regional resource assessment 
subgroups first identified where the projec­
tions from the 1992 Study deviated from what 
actually happened. (See Appendix E for 
additional information on the retrospective 
look at the 1992 Study.) The subgroups also 
looked at the underlying resource base 
assumptions and the post-1999 projections 
from the model to further determine where 
current expectations differed significantly 
from the conclusions reached in the 1992 
Study. To help the regional assessment sub­
groups in their deliberations, EEA gave each 
group a package containing the following 
information: 

• The resource base assumptions from the 
1992 Study 

• The gas drilling activity, reserves, and gas 
production projected in the 1992 Study 
through the end of 1997, by type of gas 
(non-associated, associated-dissolved, 
coalbed methane, shales, and tight gas) 
and actual history for the same items 

• Historical exploration activity and dis­
covery trends by field size and drilling 
depth (generally from the 1940s through 
the mid-1990s) 

• Where available, historical statistics on 
nonconventional gas drilling activity, 
production, and ultimate recovery per 
well 

• Reserve appreciation to existing fields for 
recent years from Energy Information 
Administration (EIA) Form 23 data 

• Alternative resource base assumptions 
from several other sources including the 
U.S. Geological Survey, the U.S. Potential 
Gas Committee, GRI, Canadian Geo­
logical Survey, the National Energy 
Board of Canada, and Canadian Gas 
Potential Committee. 

S-6 

Using this information, additional data 
provided by the Supply Task Group members, 
and their own experience and knowledge 
about the areas in question, the regional 
resource assessment subgroups recommended 
changes to various modeling assumptions. 
The major areas of change were increases in 
the new field assessment in the deepwater 
Gulf of Mexico and in the Eastern Gulf of 
Mexico, and various adjustments to the 
coalbed methane and shale resources in sever­
al basins. These changes were incorporated 
into the HSM for the successive model runs, 
each including new data and assumptions cre­
ated and refined as the study proceeded. In 
some instances, results of these projections 
were presented and discussed at Peer Review 
Sessions with industry personnel who were 
not direct participants of the NPC study. 

The resource base assumptions that 
resulted from this process are described in 
Chapter One of this Supply Task Group Report. 
Alternative assumptions used in the Larger 
Resource Base and Smaller Resource Base sen­
sitivities are presented in Chapter Five. 

Reserve Appreciation Studies 

Two statistical analyses were conducted 
to update the assumptions used in the 1992 
Study for the potential for reserve appreciation 
from existing fields. The first approach was an 
update to EEA's analysis conducted for GRI in 
1993 based on the observation that successive 
increments of drilling in fields of a certain age 
show declining reserves added per well. By 
extrapolating those declining recoveries, it is 
possible to estimate how many economic 
reserves could be added by additional gas 
completions in existing fields. The 1999 Study 
was conducted by EEA using publicly avail­
able data from PI/Dwights gas well reports. 

The second approach was to match an­
nual Estimated Ultimate Recovery (EUR) 
derived from confidential EIA Form 23 data 
with gas well drilling activity from the 
PI/Dwights gas well reports. Those data were 
then used to estimate growth curves for each 
field vintage (i.e., all fields found in one year) 
within a region as a function of time and the 
number of wells drilled in those fields. The 
Dallas Field Office of EIA, using confidential 
information contained in the Form 23 reserve 
reports, performed this work. 



The two statistical approaches yielded 
very similar results that led to an increase in 
the old field appreciation resource relative to 
the 1992 Study. The Reference Case assump­
tions for field growth are shown in Chapter 
One of this Supply Task Group Report. The 
data and methodology are more fully dis­
cussed in Chapter Seven and in Appendix K. 

Rocky Mountain 
Land Access Study 

The financial/policy subgroup of the 
Supply Task Group conducted a special study 
of federal land restrictions on oil and gas 
development in the Rocky Mountain region. 
This was the first comprehensive attempt to 
determine how federal laws and policies are 
restricting access to natural gas resources. The 
1999 Study was conducted with the coopera­
tion of several federal and state agencies and 
involved the creation and processing of signif­
icant amounts of Geographical Information 
System (GIS) data. 

The impact of "current policy" as deter­
mined in the 1999 Study was incorporated 
into the Reference Case. Two alternative cases 
for Rocky Mountain land access were also 
modeled, one with more restricted access and 
a second reflecting the impact of more efficient 
and balanced federal land management prac­
tices. These assumptions for the Rockies were 

combined with like assumptions for offshore 
areas into "Increased Access" and "Reduced 
Access" cases. 

A discussion of the access case results can 
be found in Chapter Two of this Supply Task 
Group Report. Background material on the 
access issue and details of the Rocky 
Mountain access GIS study can be found in 
Appendix J. 

Surveys 
The Supply Task Group conducted two 

surveys during the 1999 Study. The first was 
an informal survey by the technology sub­
group of oil and gas producers and support 
companies concerning trends in R&D spend­
ing and practices. The purpose of the survey 
was not to estimate expenditure levels per se, 
but to learn how the companies were coping 
with lower R&D spending. The results of this 
inquiry are presented in Chapter Four of this 
Supply Task Group Report, with additional 
details provided in Appendix L. 

The second survey augmented informa­
tion from four major oil and gas producers 
regarding the age distribution of their work­
force. This information was used in the dis­
cussion of workforce requirements that 
appears in Chapter Three of this Supply Task 
Group Report. 
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Chapter One 

Sufficient Resources Exist to 
Meet Growing Demand Well 
into the Twenty-First Century 

Overview of North American 
Natural Gas Resource Base 

North America contains abundant 
resources of natural gas, and a large portion of 
this resource base has yet to be discovered. 
Table S-1 summarizes the current NPC assess­
ment of the North American gas resource 
base, and compares the assessment to that of 
the 1992 Study. Shown on the table are assess­
ment data for the lower-48 states, Alaska, and 
Canada. (Alaska resources were not assessed 
in the 1999 Study, and the values shown in the 
table are from published sources.) Total All­
Time Recovery for the three areas totals over 
3,400 TCF, and Total Remaining Resources are 
over 2,400 TCF. A glossary of natural gas 
resource base terminology is located at the 
end of this chapter. 

Lower-48 Total Remaining Resources of 
1,466 TCF in the 1999 Study represent a 13.2% 
(171 TCF) increase from the 1,295 TCF of the 
1992 Study. Canada's Total Remaining Re­
sources are assessed to be 667 TCF. The work 
of the Supply Task Group on resource assess­
ment indicates a high level of confidence in 
the robustness of the North American 
resource base. 

The Supply Task Group notes that the 
171 TCF increase in lower-48 Total Remaining 
Resources has occurred at the end of a 
six-year period, 1992 through 1997, in which 
124 TCF of reserves were produced in the 

lower-48 states. During that same period, the 
Proved Reserves component of Total 
Remaining Resources declined by a statisti­
cally insignificant 3 TCF, from 160 TCF in the 
1992 Study to 157 TCF in the 1999 Study. The 
primary factors contributing to the increase in 
lower-48 Total Remaining Resources over the 
period from 1992 through 1998 are: 

• T he impact of improved technology. 
Technologies such as 3D seismic, direc­
tional drilling, and advanced completion 
methods have had a major impact on 
activity over the past decade. 

• T he increase in resource estimates from 
Old Field Reserve Appreciation. The 
assessment of remaining potential in 
existing lower-48 oil and gas fields 
increased from 236 TCF in the 1992 Study 
to 305 TCF in the 1999 Study. This 
increase reflects industry's improved 
ability to identify and exploit opportuni­
ties in older fields. 

• Increases in the assessment of resources 
from New Fields, primarily in the deep­
water Gulf of Mexico. The New Fields 
resource of 57 TCF estimated for the 
deepwater Gulf of Mexico in the 1992 
Study was increased to 140 TCF for the 
1999 Study-an increase of 145%. 

As summarized in Table S-2, 89% of the 
lower-48 Total Remaining Resources remains 
unproved. In addition, the regions shown on 
this table contain a combined 68% of the 
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TABLE S-1 

U.S. AND CANADIAN NATURAL GAS RESOURCES 
(Tri ll ion Cubic Feet) 

1 992 NPC Study* 1 999 NPC Study 

LOWER-48 RESOURCES 
Proved Reserves 

Assessed Additional Resources 

Old Fields (Reserve Appreciation) 

New Fields 

Nonconventional 

Total Remaining Resources 
(Proved + Assessed Additional) 
Cumulative Production 

Total All-Time Recovery 

ALASKAN RESOURCESt . 
Proved Reserves 

Assessed Additional Resources 

Old Fields (Reserve Appreciation) 

New Fields 

Nonconventional 

Total Remaining Resources 
(Proved + Assessed Additional) 
Cumulative Production 

Total All-Time Recovery 

CANADIAN RESOURCES 
Proved Reserves 

Assessed Additional Resou rces 

Old Fields (Reserve Appreciation) 

Discovered Undeveloped 

New Fields 

Nonconventional 

Total Remaining Resources 
(Proved + Assessed Additional) 
Cumulative Production 

Total All-Time Recovery 

(1 -1 -91 ) 

1 60 

1 , 1 35 

236 
493 
406 

1 ,295 
758 

2,053 

9 

1 71 

30 
84 
57 

1 80 
5 

1 85 

72 

668 
24 
47 

379 
218 

740 
65 

805 

(1-1 -98) 

1 57 

1 ,309 

305 
633 
371 

1 ,466 
881 

2,347 

1 0  

303 

32 
214 

57 

31 3 
9 

322 

64 

603 
22 
35 

384 
162 

667 
1 03 

770 

*Assessed Additional Resources from the 1 992 Study reflect re-allocation of tight gas 
resources among categories consistent with 1 999 Study allocations. 

told Fields resource includes 25 TCF for Prudhoe Bay; New Fields resource is based 
on 1 995 USGS/MMS assessment; and Nonconventional resource is PGC coalbed methane 
resource. 



TABLE S-2 

LOWER-48 NATURAL GAS RESOURCE BASE 
ANALYSIS OF KEY PRODUCING REGIONS 

Assessed Total Assessed 
Proved Additional Remaining Additional 

Reserves Resources Resources Resources as a 
Resource Area (TCF) (TCF) (TCF) % of Remaining 

Rockies* 36 346 382 91 % 

Gulf of Mexico 33 31 9 352 91 % 

Texas Gulf Onshore 1 5  1 1 6 1 31 89% 

Mid-Continent 26 1 1 2 1 38 8 1 %  

All Other Areas 47 41 6 463 90% 

Total 1 57 1 ,309 1 ,466 89% 
Cumulative through 1 2/97 881 

Total All-Time Recovery 2 ,347 

*Rockies = Foreland + Overthrust + San Juan + Williston model regions. 

potential Assessed Additional Resources in 
the lower-48 states. This information is fur­
ther illustrated for all of North America in 
Figures S-la and S-1b. Because of the impor­
tance of the four regions shown in Table S-2 
and the Western Canadian Sedimentary Basin 
to future North American gas supply, the 
Supply Task Group concentrated its effort on 
the assessment of these regions. 

Reference Case Results 

U.S. natural gas supply is projected in the 
Reference Case to grow as shown in Table S-3. 
As is shown in the table, Canada will continue 
to be a significant supply source, providing 
about 14% of U.S. gas supply throughout the 
projection. 

Future lower-48 production is expected 
to be from deeper and more nonconventional 
sources. Table S-4 shows projected gas pro­
duction by reservoir type. While associated­
dissolved gas production is projected to 
maintain its share of about 14%, the relative 
contribution of high permeability non-associ­
ated gas production will decline. Noncon­
ventional production, especially from tight 

gas reservoirs and coalbed methane, will 
increase substantially. A significant factor 
supporting the continued production of asso­
ciated gas is the emergence of the deepwater 
play in the Gulf of Mexico, which is predomi­
nantly associated gas. 

Growth in production from nonconven­
tional sources will be especially pronounced 
in the Rocky Mountain Foreland region. In 
1995, nonconventional production (i .e . ,  the 
sum of tight gas and coalbed methane) in that 
region was 0 .5 TCF, accounting for 45% of 
total production. This is projected to increase 
to over 2.0 TCF, or 76% of total production by 
2010, as detailed in Table S-5 . In order to 
achieve the projected amounts of gas produc­
tion from coalbed methane and tight gas, tech­
nological hurdles will have to be overcome. 

As Table S-6 demonstrates, lower-48 
onshore production from deeper wells will 
increase. Most lower-48 gas production is 
already derived from strata deeper than 5,000 
feet (72% as of 1998) . Deep drilling is increas­
ing, and 1994 marked the first year in which 
more than 50% of all wells were drilled to 
depths deeper than 5,000 feet. Production 
from depths deeper than 1 0,000 feet is 

S-11 



S-12 

Figure S-la. U.S. and Canadian 
Assessment Regions 

* Alaskan resources were not assessed in this study 



Figure S-lb. Assessed Additional Resources by Region 
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TABLE S-3 

U.S. GAS SUPPLY 
(Trill ion Cubic Feet) 

1 998* 2005 

U.S. Gas Production 1 9.0 22.6 

Net Imports from Canada 3.0 3.7 

LNG Imports 0 . 1  0.4 

Exports to Mexico and Japan -0.1 -0.4 

Total Supply 22.0 26.3 

Canada as a % of Total 1 4% 1 4% 

* Including synthetic natural gas. 

201 0 2015 

25.1 26.6 

3.8 4.3 

0.6 0.9 

-0.5 -0 .5 

29.0 31 .3 

1 3% 1 3% 

Source: 1 998 actuals from Energy I nformation Administration,  Natural Gas 

Monthly, September 1 999. 

TABLE S-4 

PROJ ECTED GAS PRODUCTION BY RESERVOIR TYPE 
(Production Percentages) 

1 995 1 998 2000 2005 201 0 

Associated 1 4% 1 4% 1 3% 1 3% 1 4% 

High Perm Non-Assoc. 62% 60% 63% 62% 59% 

Tight & Shale Gas 1 7% 20% 1 9% 20% 2 1 % 

Coalbed Methane 5% 6% 5% 5% 6% 

TABLE S-5 

PRODUCTION FROM NONCONVENTIONAL SOURCES 
IN ROCKY MOUNTAIN FORELAND REGION 

1 995 2000 2005 201 0 201 5 

45% 57% 72% 76% 79% 

201 5 

1 3% 

54% 

25% 

8% 



TABLE S-6 

ONSHORE LOWER-48 GAS PRODUCTION 
BY DEPTH 

1 998 2000 

0-5,000 ft 28% 28% 

5-1 0,000 ft 39% 37% 

1 0-1 5,000 ft 26% 27% 

>1 5,000 ft 7% 8% 

expected to increase from 35% in 2000 to 41% 
by 2010.  It is important to note, however, that 
industry's ability to achieve production from 
deeper horizons will be dependent on ade­
quate deep drilling infrastructure and the con­
tinued evolution of technology. 

Production from deeper waters of the 
Gulf of Mexico will be a driving force in 
future supply growth. Table S-7 shows the 

2005 201 0 201 5 

27% 25% 25% 

37% 34% 32% 

26% 29% 32% 

1 0% 1 2% 1 1 % 

projected importance of gas production from 
water depth intervals of 200 meters (656 feet) 
or more. Deepwater production is increasing 
rapidly and is projected to represent a very 
important component of North American gas 
production by 2015. In Chapter Four of this 
Supply Task Group Report, some of the inno­
vations needed to achieve the projected deep­
water production are discussed in detail. 

TABLE S-7 

GULF OF MEXICO PRODUCTION 

1 995 1 998 2000 2005 201 0 201 5 

Production (TCF/Year) 5.2 5.3 5.7 7.4 8.0 7.6 

Conventional Production (%) 
Shelf 0-40 meters 53% 49% 40% 27% 20% 1 9% 

Shelf 40-200 meters 39% 35% 3 1 %  24% 20% 1 7% 

Slope 200-1 ,000 meters 8% 1 4% 1 9% 26% 25% 23% 

Slope 1 ,000-1 ,500 meters 0% 0% 4% 9% 1 3% 1 4% 

Slope > 1 ,500 meters 0% 1 %  2% 8% 1 5% 1 8% 

Subsalt Production (%) 

Shelf 40-200 meters 0% < 1 %  3% 3% 4% 4% 

Slope 200-1 ,000 meters 0% 1 %  1 %  2% 2% 3% 

Slope >1 ,000 meters 0% 0% 0% 1 %  1 %  2% 
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Glossary of Resource Base Terminology 

• Proved Reserves: the most certain of the resource base categories represent­
ing estimated quantities that analysis of geological and engineering data 
demonstrate with reasonable certainty to be recoverable in future years 
from known reservoirs under existing economic and operating condi­
tions; generally, these gas deposits have been "booked," or accounted for 
as assets on the SEC financial statements of their respective companies 

• Assessed Additional Resources: the sum of natural gas deposits estimated to 
be in-place (using accepted engineering models and analytical tools) that 
will become recoverable in the future at various assumed technology and 
price levels; current economic and operating conditions are insufficient 
to justify Proved Reserves status for this category, which includes the 
following: 

- Old Field Reserve Appreciation: additional estimated conventional and 
nonconventional resources resulting from the recognition that currently 
booked Proved Reserves are conservative by definition and will con­
tinue to grow over time; based on historical experience, existing fields 
have been shown over time to contain, and ultimately produce, signifi­
cant additional quantities of natural gas in excess of initial proved 
reserve estimates 

- New Fields: a quantification of resources estimated to exist outside of 
known fields on the basis of broad geologic knowledge and theory; in 
practical terms, these are statistically determined resources likely to be 
discovered in additional geographic areas with geologic characteristics 
similar to known producing regions, but which are as yet untested with 
the drillbit 

- Nonconventional: resources that are estimated to be contained in known 
strata of deposits requiring application of technologies different from 
those required to extract high permeability gas reserves (e.g., shale gas, 
coalbed methane, tight gas, etc.) 

• Total Remaining Resources: the sum of Proved Reserves and Assessed 
Additional Resources; this term is often used interchangeably with "Total 
Resources" and refers to the total quantity of natural gas estimated to 
remain available for production 

• Cumulative Production: the total volume of natural gas that has been with­
drawn from producing reservoirs 

• Total All-Time Recovery: the sum of Total Remaining Resources plus 
Cumulative Production; the estimate of total natural gas that will ulti­
mately be produced after all wells cease economic production 



Chapter Two 

Restricted Access Limits 
the Availability 
of Natural Gas Supply 

Lack of, or excessive interference with, 
access to U.S.  natural gas resources will 
impair development in several key areas, and 
will impede the construction of needed 
pipelines required to deliver natural gas to 
markets. For the purposes of the 1999 Study, 
the following assumptions were made with 
regard to access: 

• All scheduled lease sales will continue on 
time (including proposed Minerals 
Management Service (MMS) Lease Sale 
181 in the Eastern Gulf of Mexico). 

• All existing regulatory requirements and 
restrictions on (as well as any and all cur­
rent rights to drill on) public lands are 
honored. 

• Rights-of-way will be obtained for con­
structing and expanding any necessary 
pipeline infrastructure. 

If any of these assumptions fall short, the 
ability to explore for, produce, and deliver 
adequate natural gas supplies will be 
impaired. 

Two areas that will significantly con­
tribute to future U.S. gas supplies are the Rocky 
Mountain Region and the Gulf of Mexico, both 
of which have significant access restrictions. In 
the Rocky Mountains, remaining natural gas 
resources have been estimated in the 1999 
Study to be roughly 380 TCF, of which over 
75%, or about 290 TCF, underlie federal land­
in other words, 20% (one-fifth) of the 1,466 TCF 

of lower-48 remaining resource is located on 
Rocky Mountain federal lands. 

Appendix J, Part 1, describes the method­
ology used in the 1999 Study to assess Rocky 
Mountain access issues. This assessment 
resulted in the following determinations 
regarding percentage availability of undevel­
oped gas resources on federal lands for natu­
ral gas exploration and production activity: 

• 9% of gas resources on lands that are 
completely inaccessible due to "no leas­
ing" and "no surface occupancy" restric­
tions (hereinafter referred to as "No 
Access" lands) 

• 32% of gas resources on lands that are 
specifically subject to restrictions that 
delay development activity by an aver­
age of two years and cause a risk­
weighted increase of roughly $25,000 in 
the cost of drilling each well on these 
properties (hereinafter referred to as 
"High Cost" lands) 

• 59% of gas resources are on lands that are 
subject to "standard leasing terms" that 
are developed as economic conditions 
warrant. 

As a practical matter, regardless of the 
lack of specific stipulations, "standard leasing 
terms" have regularly been interpreted very 
restrictively, resulting in delays and added 
costs on Rocky Mountain public lands that are 
otherwise accessible for development. Such 
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Figure S-2. Lower-48 Natural Gas Resources 
Subject to Access Restrictions 

• Approximately 29 TCF of the Rockies gas 

resources are closed to development and 

108 TCF are available with restrictions. 

lands regularly become encumbered in dis­
putes among stakeholder groups and incon­
sistent application of regulatory policy by the 
governmental group(s) charged with manag­
ing these lands. However, for purposes of the 
1999 Study Reference Case, the Supply Task 
Group chose to allow access without cost 
penalties or delays to that 59% of Rockies pub­
lic acreage subject to "standard leasing terms."  
This assumes that legislation, regulation, and 
administrative policies provide more expedi­
tious means for resolving disputes and incon­
sistencies so that development may proceed. 

Offshore resources in much of the 
Eastern Gulf of Mexico are also off-limits to 
development. In the Eastern Gulf, remaining 
natural gas resources have been estimated in 
the 1999 Study to be nearly 50 TCF, much of 
which is physically proximate to substantial 
infrastructure from development that has 
occurred in eastern segments of the Central 
Gulf of Mexico. Mobile Bay is the only area in 
the Eastern Gulf that has been developed. 
Mobile Bay accounts for roughly 16 TCF 
(one-third) of the Eastern Gulf of Mexico 
resource base; thus, at the present time, nearly 
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34 TCF of Eastern Gulf resource is undevel­
oped. The 1999 Study assumes that proposed 
MMS Lease Sale 181 will occur as scheduled 
in December 2001, and production from this 
area will commence in 2004. Should Lease 
Sale 181 occur as planned, development of an 
additional 9 TCF of resources will commence. 
Stated another way, after Lease Sale 181, half 
of the Eastern Gulf resources will remain 
off-limits during the study period. The 1999 
Study Reference Case does not assume that 
access will be granted during the study period 
for development of the 24 TCF off the Florida 
coast, as illustrated above (except for tracts in 
the Lease Sale 181 area); these areas have not 
been opened up and no plans to do so are 
presently in progress. Similarly, the Destin 
Dome area off the panhandle of Florida is not 
assumed to commence production in the 
Reference Case; approval processes are incom­
plete and remain in a state of significant 
uncertainty in this promising area just east of 
existing production in Mobile Bay. 

Figure S-2 provides an overview of the 
lower-48 natural gas resources that are subject 
to access restrictions. Of the almost 215 TCF 



of Total Remaining Resources under restric­
tion, about half are not open to either assess­
ment or development and the remainder are 
subject to significant restrictions. 

Discussion of Rocky Mountain 
Access Issues 

According to a 1997 report by the 
Cooperating Associations Forum, entitled 
Federal Land Access to Oil and Gas Minerals in 
Eight Western States, discretionary restrictions 
apply to an average of 57% of Bureau of Land 
Management (BLM) and Forest Service lands in 
the eight states reviewed (California, Colorado, 
Montana, Nevada, New Mexico, North Dakota, 
Utah, and Wyoming) . Assumptions used in 
the 1999 Study optimistically imply a bit more 
openness in application of those discretionary 
restrictions as the nation's growing need for 
cleaner-burning natural gas is balanced against 
other concerns associated with multi-use feder­
al land; however, this increased openness is by 
no means assured. 

For the 1999 Study, several individuals 
from the BLM and Forest Service combined 

with industry representatives to form a team 
that was instrumental in assessing the status 
of access issues in the Rocky Mountain region. 
Early on, all participants recognized the need 
for a comprehensive and consistent digitized 
inventory of acreage by land use that could be 
made available to all federal lands manage­
ment agencies and other interested parties. 
Lacking such an inventory and database, 
assessing the impact of access restrictions on 
Rocky Mountain resource availability in the 
1999 Study occurred by extrapolating results 
from a detailed study of sample key 
resource-bearing areas within the region. 
Figure S-3 shows the names and locations of 
those areas. 

Furthermore, part of the problem in 
assessing access questions is that "official poli­
cy" and "practice" often diverge. (See 
Appendix J, Part 2.) Application of restrictions 
is inconsistent both inter- and intra-agency. 
Industry stands able to apply its considerable 
expertise toward exploration and production 
of resources in the Rocky Mountain region 
using environmentally conscious drilling and 
development techniques .  However, vague 
laws regarding resource development policy, 

Figure S-3. Access Study Areas 

BRIDGER-TETON 

U T A H  PRICE 

C O L O R A D O  

MANTI-LA SAL 
--· 

S-19 



even more vague regulations, and a resultant 
variety of personal interpretations and biases 
plus third-party stakeholder action has result­
ed in an excessively difficult environment for 
natural gas producers in the Rocky Mountains. 

Nonetheless, in the 1999 Study, improve­
ment of these conditions was assumed to 
occur in expectation that all stakeholders 
would recognize the need for more reasonable 
rules on access to balance important needs for 
ample quantities of natural gas to attain envi­
ronmental goals with other land-use concerns. 
As a result, the 1999 Reference Case assumed 
that access restrictions in the Rocky Mountain 
region would improve, in aggregate, as 
referred to in the following percentage avail­
ability of undeveloped gas resources on feder­
al lands for natural gas exploration and pro­
duction activity: 

• 9% "No Access" lands 

• 32% "High Cost" lands 

• 59% "standard leasing terms."  

Table S-8 shows the NPC' s assumptions 
on how the foregoing restrictions affect avail­
able Rocky Mountain resources. These 
assumptions were based on the actual legal 
characterizations associated with lands con­
taining natural gas resources in the Rocky 
Mountains. As stated above, roughly 59% of 
these resource-bearing lands are subject to 
so-called "standard leasing terms," which 
means that they are, at least nominally, acces­
sible for exploration and production activity. 
Similarly, such characterization also suggests 
that these lands are available consistent with a 
producer's normal decision-making process 
for such activity; i .e., when the economics of a 
project justify drilling activity, that activity 
will occur in the due course of business with­
out unusual delays or costs. 

The 1999 study participants acknowledge 
that access to these resource-bearing lands is 
much more restrictive than the nominal char­
acterization suggests. These resource-bearing 
lands are managed by BLM/Forest Service 

TABLE S-8 

IMPACT OF ACCESS RESTRICTIONS ON ROCKY MOUNTAIN REGION 
NPC REFERENCE CASE 

(Bil lion Cubic Feet) 

Old Field 
Reserve Coal bed 

Appreciation New Fields Methane Tight Gas Other Total 

Foreland Province 28,949 99,1 80 29,371 1 36,972 1 4,689 309,1 61 

Overthrust 702 6,731  0 0 0 7,433 

San Juan Basin 1 1 ,673 2,209 1 0,058 0 0 23,940 

Total 41 ,324 1 08, 1 20 39,429 1 36,972 1 4,689 340,534 

No Access Resource 0 1 0,81 2 2 ,721 1 3,971 1 ,763 29,266 

High Cost Resource 1 6,530 37,842 8,793 40, 1 33 4,700 1 07,998 

SL T Resource* 24,794 59,466 27,9 1 6  82,868 8,226 203,270 

Total Resource 340,534 

No Access Percentage 0.0% 1 0.0% 6.9% 1 0.2% 1 2.0% 8.6% 

High Cost Percentage 40.0% 35.0% 22.3% 29.3% 32.0% 31 .7% 

SL T Percentage* 60.0% 55.0% 70.8% 60.5% 56.0% 59.7% 

*SL T = "standard leasing terms" 
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Rocky Mountain Access Study Summary 

Analysis of access constraints in the Rockies included review of both actual 
prohibitions (i.e., lands on which no leasing or no surface occupancy is allowed) 
and de facto prohibitions (i.e., lands for which access is so drastically time limited 
as to effectively put the land off-limits to time-consuming gas drilling and develop­
ment). As time progresses, increasing quantities of natural gas resource will be 
obtained from wells tapping deeper horizons; these wells take much longer to drill 
and will intensify the problem posed by the de facto prohibitions. Therefore, the 
analysis categorized the availability of the resource base underlying Rockies lands 
as follows: 

• Drilling Prohibited <3 months per year: Full Resource Availability 

• Drilling Prohibited >9 months per year: No Resource Availability 

• Drilling Prohibited >3 but <9 months: the "gray area" - Resource Available, 
but with cost penalties and delayed development schedules 

"Prohibitions," which limit access to resource-bearing lands, are defined to 
include the combined effect of not only direct lease stipulations, but also other 
terms and conditions, such as: 

• Conditions of Approval imposed in the certification of an Application to Drill ­
these conditions often arise from Environmental Impact Statements (EIS). 

• Delays incurred to obtain a "clean" EIS - industry, not the agency charged with 
these studies, must often incur costs to conduct an EIS to complete this require­
ment within a commercially viable period of time .  Even then, the time 
required to analyze, assess, and obtain a "clean" EIS for one development in 
the Pinedale area took nearly two years to complete. This EIS, originally bud­
geted at $0.75 million for a 2,800-well program, ultimately cost 
$2.0 million for a greatly reduced 400-well program. 

• Budget restrictions on the governing agency - resource management plans or 
Habitat Studies at many agency offices are out of date, requiring industry to 
fund updates in order to further progress toward approval of drilling permits. 

• Wilderness Study and Re-inventory Areas - unexpected reclassification placing 
otherwise available resources under no surface occupancy or other excessive 
restrictions. 

• Habitat Improvement - requirements that prospective drillers plant additional 
vegetation to remedy problems caused by other resource exploiters (i.e., over­
grazing). 

The net result of these direct lease stipulations and other terms and conditions 
on access to Rocky Mountain resources currently adds an estimated $25,000 to the 
average cost of drilling and delays the drilling activity for an average of two years. 
As the next decade progresses, these restrictions will cause additional quantities of 
"gray area" resources to be effectively off-limits. This is because deeper wells will 
be difficult to drill within the "gray area's" six-month window of opportunity. 
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area offices. These offices are often also 
responsible for much larger contiguous 
acreage for which land management practices 
are much more restrictive. As a result, land 
management practices associated with the 
resource-bearing land segment are often inter­
preted substantially more restrictivly than 
nominal legal labels would indicate. If 
Reference Case Rocky Mountain productive 
potential is to be realized, more restrictive 
actual practices will have to be replaced with 
accessibility more consistent with nominal 
characterizations of resource-bearing lands. 

Discussion of Eastern Gulf of 
Mexico Access Issues 

The model used to test assumptions for 
the 1999 Study divides the Eastern Gulf of 
Mexico in to eight Subregions . Figure S-4 
shows those regions. At the present time, only 
Subregion 1, entitled Western Norphlet (i.e., 
Mobile Bay), is producing natural gas. 
Subregion 2, entitled Eastern Norphlet (i.e., 
Destin Dome) has been under review by sev-

eral operators for many years; however, com­
plicated federal and state concerns for explo­
ration and producing activity have repeatedly 
delayed development of prospects identified 
in this area, which is immediately adjacent to 
substantial production in Mobile Bay. For 
purposes of the 1999 Study Reference Case, 
Subregion 2 is not assumed to be developed 
during the study period. Subregions 3, 4, and 
5 comprise the area that will be made avail­
able for development in proposed MMS Lease 
Sale 181 scheduled to occur in December 2001 .  
The 1999 Study Reference Case assumes that 
MMS Lease Sale 181 proceeds as planned and 
with first production of marketable quantities 
of natural gas by around 2007. For the 
Reference Case, Subregions 6, 7, and 8 are not 
assumed to be developed nor produce natural 
gas during the study period. 

Access Issues for 
Other Offshore Regions 

By Executive Order dated June 12, 1998, 
President Clinton extended the moratorium 

Figure S-4. Eastern Gulf of Mexico Subregions 
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on development of offshore U.S. Atlantic and 
Pacific natural gas reserves through the year 
2012. The moratorium had been scheduled to 
expire in 2002. The natural gas resource base 
associated with these areas totals 21 TCF in 
the Pacific and 31 TCF in the Atlantic. At 
today's natural gas prices, a substantial quan­
tity of this resource base is accessible through 
safe and environmentally conscious drilling 
techniques perfected in the Gulf of Mexico. 

Additionally, the Eastern Gulf of Mexico 
contains 24 TCF that are inaccessible due to 
state and federal moratoria. As shown in 
Figure S-4, a substantial percentage of these 
off-limits resources are in readily accessible 
areas where natural gas production facilities 
would be well beyond the view from the 
Florida Gulf Coast. 

Access-Related 
Public Policy Issues 

A clearly delineated public policy sup­
porting development of ample supplies of nat­
ural gas is critical in order to satisfy growing 
demand at reasonable prices. Excessive 
restrictions on development of otherwise easi­
ly accessible and readily marketable domestic 
supplies of natural gas will impair the ability 
of natural gas to successfully contend for mar­
ket share among increasingly price-sensitive 
electric power and industrial customers. 
Removing impediments to opportunities for 
growth in natural gas market share among 
these customers is necessary to support 
national economic and environmental goals. 

Clarification of public policy regarding 
the role of natural gas in attaining environ­
mental objectives will be crucial. Such public 
policy should encourage market forces to sug­
gest wise environmental choices. Critical 
path market forces must include attaining 
air-quality environmental objectives without 
the economic detriment of higher energy 
commodity prices. For market forces to 
ensure reasonable natural gas commodity 
prices, policy must enable development of 
ample supplies of natural gas. Definitive 
governmental goals and objectives for clean­
burning natural gas are especially needed in 
three key areas: (1)  development of offshore 
U.S. resources currently encumbered by 
moratoria, (2) development of onshore public 

lands resources currently encumbered by 
access restrictions, and (3) reversal of the 
trend toward increased environmental costs 
associated with drilling and development. 

Over 105 TCF of Total Remaining 
Resources have been effectively placed 
off-limits to development-offshore moratoria 
account for 76 TCF, with 29 TCF located in 
national parks, monuments, and other sensi­
tive areas. Additionally, another 108 TCF in 
the Rocky Mountains are subject to substantial 
restrictions. Excluding national parks, monu­
ments, and other sensitive areas, the 184 TCF 
subject to moratoria and other restrictions rep­
resents nearly 13% of lower-48 Total Re­
maining Resources. 

Relief from these restrictions is needed in 
order for the Rocky Mountain's vast resource 
base to realize its full potential in supplying 
increased demand for natural gas at reason­
able prices. Likewise, industry will have to 
be much more diligent in executing develop­
ment plans in order to achieve strategic goals 
under such constraints. 

• Relief from restrictions can come in the 
form of additional funding to key agency 
offices that manage lands bearing the 
most promising quantity of resource 
base. This would enable these offices to 
maintain current status for all resource 
management plans, Habitat Studies, and 
other responsibilities, which would 
enable industry to expedite drilling and 
development. 

• Relief from restrictions may also come 
in the form of creating a uniform land­
management plan that eliminates incon­
sistency in statutory and regulatory inter­
pretation within and among federal 
agencies and better coordinates with 
state agencies. 

• Relief may also come in the form of better 
management of air quality issues where­
by reductions in emissions of another 
party underwritten by a prospective 
driller will be credited to the driller. 

• Relief from restrictions may come in 
reducing the cost of obtaining rights to 
develop gas resource minerals by abol­
ishing "combined hydrocarbon" leasing, 
which forces lessees to incur expenses for 
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de m inimis value shallow tar sands in 
order to have rights to gas resource at 
deeper horizons. 

The goal of such relief is to provide con­
sistent land administration among federal and 
state agencies in order to provide access to the 
natural gas resource base that has been effec­
tively placed off-limits by moratoria and other 
restrictions. 

1999 Study Access Issue 
Sensitivities 

To illustrate the potential for a more 
cooperative atmosphere for natural gas pro-

clueing sector activity, and the detriment if 
current increasingly restrictive trends persist, 
two access sensitivity cases were crafted by 
the Supply Task Group: "Increased Access" on 
the one hand and "Reduced Access" on the 
other hand. Reference, Increased Access, and 
Reduced Access model assumptions are 
shown in Table S-9. Table S-10 illustrates the 
details of these restrictions by Rocky 
Mountain basin and resource type. 

Although access is already very restricted 
in areas such as the Eastern Gulf of Mexico 
and the U.S. coasts, further restricting access 
to resource development in the U.S. onshore 
and offshore had a noticeable decremental 
impact. Production was reduced by more 

TABLE S-9 
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SUMMARY OF NPC FEDERAL LANDS AND WATERS 
ACCESS SENSITIVITIES 

Reference Increased Reduced 
Case Access Case Access Case 

Rocky Mountains 
Standard Lease Terms 59% 59% 22% 

Off Limits 9% 9% 1 4% 

High Cost 32% 32% 64% 

High Cost 6% of 0% 6% of 
Penalty per Well* Wel l  Costs Well Costs 

High Cost Delay 2 Years None 2 Years 

Eastern Gulf of Mexico 
Destin Dome No Production by No 

Development 2002 Development 

MMS Lease Sale 1 8 1  Lease Sale Lease Sale No Sale 
in  2001 in 2001 

Non-Sale 1 81 No Sale or Lease Sale No Sale or 
Eastern Gulf Development in 2004 Development 

Other Offshore U.S. 
Pacific No Lease Sale No 

Development in 2004 Development 

Atlantic No Lease Sale No 
Development in 2004 Development 

*Estimated to be approximately $25,000 per well .  



Cf) I N Ul 

Nonconventional Resource -
Basin Level Specifications 

U inta-Piceance 

San Juan Basin 

Powder River Basin 

Wind River Basin 

Green River Basin 

Denver Basin 

Raton Basin 

Conventional New Fields -
Aggregate 

Old Field Reserve Appreciation -
Aggregate 

TABLE S-1 0 

ROCKY MOUNTAIN REGION ACCESS SENSITIVITIES 
RESOURCE BASE CATEGORIZATION BY PERCENTAGE 

Reference and Increased Access Cases 

High No 
Normal Cost Access Total Normal 

62% 29% 9% 1 00% 28% 

71 % 23% 6% 1 00% 45% 

96% 3% 1 %  1 00% 92% 

73% 22% 5% 1 00% 48% 

55% 33% 1 2% 1 00% 1 6% 

1 00% 0% 0% 1 00% 1 00% 

98% 1 %  1 %  1 00% 96% 

55% 35% 1 0% 1 00% 1 5% 

60% 40% 0% 1 00% 20% 

Reduced Access Case 

High No 
Cost Access Total 

58% 1 4% 1 00% 

46% 9% 1 00% 

6% 2% 1 00% 

44% 8% 1 00% 

64% 20% 1 00% 

0% 0% 1 00% 

2% 2% 1 00% 

70% 1 5% 1 00% 

80% 0% 1 00% 

Note: Basins that were evaluated but that do not contain nonconventional gas resources in the Hydrocarbon Supply Model include 
the Paradox Basin, Montana Thrust Belt, North Central Montana, Wil l iston, Big Horn, and Wyoming Overthrust. 



than 0.5 TCF per year in 2010 by tightening 
access restrictions-with a corresponding 
increase in 2010 Henry Hub natural gas price 
of $0. 16  per million British thermal units 
(MMBtu) . A model scenario relaxing access 
restrictions in the Rockies and offshore result­
ed in a converse impact, increasing production 
by 0.5 TCF per year in 2010-with a corre­
sponding decrease in 2010 Henry Hub natural 
gas price of $0.22 per MMBtu. However, the 
increased access scenario had a much more 
dramatic impact after the year 2010-by 2015, 
production was nearly 1 .5 TCF greater than 
Reference Case production and Henry Hub 
natural gas price was $0.45 per MMBtu lower. 
The impact beyond 2010 is much greater 
because the assumptions in the scenario only 
allow leasing in most of the currently restrict­
ed offshore areas to begin after 2004; thus, 
substantial development does not commence 
in earnest until late in the next decade, with 
production coming on-line between 2010 
and 2015. 

Production increases or decreases relative 
to the Reference Case in the Increased Access 
and Reduced Access cases, respectively, are 

portrayed in Figure S-5. This sensitivity anal­
ysis provides some insight into the impact of 
access issues in the Rockies, Eastern Gulf of 
Mexico, and the Pacific and Atlantic offshore 
regions. Access issues may serve to constrain 
or open opportunities for the natural gas 
exploration and production (E&P) sector to 
explore for, develop, and produce this impor­
tant resource base. Restraining unreasonable 
access restrictions will accelerate the timing 
for bringing these resources to markets both 
enhancing reliability of natural gas supplies 
and improving the competitive position of 
natural gas relative to the price of other less 
environmentally friendly fuels. Finally, large 
untapped reservoirs, robust resource base size, 
and proximity to infrastructure of the Rockies 
and Eastern Gulf of Mexico make greater 
access to these resources an important comple­
ment to the producing sector 's efforts to 
restore its financial health. 

Increased Access Sensitivity 

An "Increased Access" sensitivity case 
was run to evaluate the potential impact of 
improved access to onshore and offshore fed-

Figure S-5 . Effect of Access Restrictions on U.S. Gas Production 
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eral lands. Onshore lower-48 access restric­
tions a�e pr�maril y found in the Rocky 
Mountam regwn, while most offshore areas 
outside of the Central & Western Gulf of 
Mexico .have been placed off-limits through 
moratona. 

In the Reference Case, 9% of the resource 
base in the Rockies is "No Access," while 32% 
is subject to higher costs as a result of access 
restrictions. The Increased Access case 
assumes that the same percentages of the 
Rocky Mountain resource base are off-limits 
and higher cost, but the high-cost penalties 
and delays are removed. In the Reduced 
Acc�ss case, the amounts of restricted acreage 
are mcreased, and the cost penalties are the 
same as in the Reference Case. 

In the Eastern Gulf of Mexico, the 
Reference Case assumes that the Destin Dome 
gas project is not allowed to go forward. In 
the Increased Access case, activity is allowed 
to begin in the year 2002. MMS Lease Sale 181 
is allowed to take place in 2001 as in the 
Reference Case. Eastern Gulf areas outside of 
the Lease Sale 181 area are off-limits in the 
Reference Case, but are opened up to drilling 
starting in 2004 in the Increased Access case. 

The Atlantic and Pacific offshore areas 
are currently under moratoria and are held 
off-limits in the Reference Case. In the 
Increased Access Case, these areas are opened 
to exploration starting in 2004. The resource 
base volumes assumed for these areas are 
those developed by the Minerals Management 
Service in their 1996 assessment. 

The Increased Access case yielded a net 
increase U.S. production of nearly 0.5 TCF per 
year in 2010 and more than 1 .5 TCF per year 
by 2015. In this scenario, only three regions 
are expected to experience net increases in 
2010 production relative to the Reference 
Case-the Rockies, the Eastern Gulf of 
Mexico, and the Pacific Offshore. Of those 
2010 production increases relative to the 
Reference Case, Rockies and Eastern Gulf 
account for 95%. By 2015, Atlantic Offshore is 
added to the Rockies, Eastern Gulf, and Pacific 
Offshore, with production increases relative to 
the Reference Case; however, the Rockies and 
Eastern Gulf of Mexico continue to account for 
82% of production gains in these four regions 
wi

.
th growth by �015. Henry Hub natural gas 

pnces decrease m this scenario by $0.22 per 

MMBtu in 2010 and $0.45 per MMBtu in 2015 
relative to Reference Case prices. 

Reduced Access Sensitivity 
A "Reduced Access" sensitivity case was 

developed to evaluate the potential impact of 
even greater access restrictions than are cur­
rently in effect. In the Rockies, an assumption 
was made that the portion of the gas resource 
base that is inaccessible increases by more 
than 50%, from 9% to 14%. The portion of the 
Rockies resource base experiencing higher 
costs doubles from 32% to 64%. In this sce­
nario, the portion of the Rockies resource base 
that is unaffected declines to only 22%. The 
cost increase and project delays associated 
with the high cost portion of the resource are 
the same as in the Reference Case. 

Tables S-9 and S-10 summarize the access 
restrictions on the Rocky Mountain gas 
resource base in the Reference Case and in the 
Reduced Access sensitivity. The total natural 
gas resource base assumed for the Rockies, 
Overthrust, and San Juan is 341 TCF. In the 
Reference Case, 29 TCF is off-limits and 
108 TCF is subject to higher costs. In the 
Reduced Access case, these volumes are 
increased to 46 TCF and 216 TCF, respectively. 

Table S-10 shows the restriction percent­
ages for nonconventional resources in specific 
basin areas in the Rockies. These percentages 
were developed as part of the NPC study by 
looking at the distribution of U.S. Geological 
Survey (USGS) plays relative to land classifi­
cations. The high-cost and no-access percent­
ages were applied to the NPC gas resource 
base in each of these areas. 

The Eastern Gulf of Mexico, Atlantic 
Offshore, and Pacific Offshore remain off­
limits to exploration in this case. The only 
lower-48 offshore area to be developed is the 
Central & Western Gulf of Mexico and the 
western portion of the Norphlet Trend. 
Therefore, the only difference with the 
Reference Case is that MMS Lease Sale 181 is 
not allowed to take place. 

The Reduced Access case resulted in a 
net decrease in U.S.  production of over 
0.5 TCF per year in 2010 and nearly 0.25 TCF 
per year in 2015. The net decrease is less dra­
matic than increases in the Increased Access 
scenario primarily because Reference Case 
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Figure S-6. The Lower-48 Gas Resource Pyramid 
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access assumptions are already very restric­
tive. In this scenario, the great majority of 
production declines relative to the Reference 
Case occur in the Eastern Gulf of Mexico and 
the Rockies. This scenario yields 2010 declines 
of over one BCF per day in each of the Rockies 
and the Eastern Gulf of Mexico-modest net 
increases in a variety of other basins offset a 
small portion of this decline. This scenario 
also results in 2015 declines of over one BCF 
per day in the Eastern Gulf of Mexico with 
some of this offset by net increases in a variety 
of other basins. Henry Hub natural gas prices 
increase in this scenario by $0.16 per MMBtu 
in 2010 and $0.08 per MMBtu in 2015 relative 
to the Reference Case prices. 

Lead Time 
Related to concerns for access to 

resource-bearing public lands is the effect of 
moratoria and other restrictions on lead times 
experienced to develop key resource basins. 
When considering supply and demand bal­
ances, one must also consider the time neces­
sary to bring newly discovered gas to market. 
This is true in established areas such as the 
Gulf of Mexico. For example, once commer­
cial quantities of hydrocarbons are found in 
Gulf of Mexico deepwater fields, approxi­
mately five years elapse before the natural gas 
is brought to market. Thus, a major discovery 
announced today will not be available for con­
sumption until 2005. Because nearly 15% of 
the gas supply in the year 2010 is expected to 
be from this region, it is critical that delays in 
exploring for, and development of, these 
resources be kept to a minimum. 

Much of our natural gas supply needs 
after 2015 will come from frontier areas or off­
shore areas that are currently off-limits to 
exploration. Lead times to bring gas to mar­
ket from such areas as the Mackenzie Delta in 
Canada have been estimated at ten years, 
seven years in the most optimistic predictions. 
Often these delays are due to permitting, 
impact studies, legal entanglements, and other 

issues not directly related to bringing natural 
gas to market. As a greater need for these 
resources develops, lead times for develop­
ment will be an even more important issue. 

Lead time will continue to be a key con­
sideration beyond 2015 for far frontiers such 
as Alaska and the Canadian Arctic, as well as 
high cost resources shown in Figure S-6 . 
These resources will be important for long­
term sustainability of natural gas production. 
Lead time to access, develop, and bring these 
resources to market is discussed in detail in 
Appendix J. Also included in Appendix I are 
discussions of expanding imports of LNG and 
Mexican gas, as well as producing gas from 
geopressured brine and hydrates. 

Summary 
Access to areas containing additional 

natural gas resources base is critical to attain­
ing the goal of adequate supplies of 
dean-burning natural gas to meet increasing 
energy demand and achieve air-quality stan­
dards. Access is also important to maintain 
gas prices that will not have a detrimental 
impact on economic growth and prosperity. 
Executive Branch agencies will be important 
players in fostering cooperation among all 
stakeholders. Inherent friction between the 
natural gas producer and environmental 
groups must be replaced by a sense of shared 
opportunity to greatly improve air quality as 
natural gas expands its role as the preferred 
fuel for supporting growth in electric power 
demand. Legislators will also be instrumen­
tal in providing clarifying language to ensure 
that Executive agencies are not hamstrung by 
vague statutory provisions that create exces­
sive avenues for expensive and protracted lit­
igation by anti-development special interests. 
Similarly, legislation supported by clear 
Executive backing is needed to definitively 
state public policy regarding natural gas 
development as a, if not the, key means in the 
next decade to achieve clean air objectives. 
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Chapter Three 

A Healthy Oil and Gas 
Industry is Critical for Natural 
Gas Supply to Satisfy Expected 
Increases in Demand 

Adequate Financial Performance 
Must be Demonstrated to 
Compete For and Attract 
Financial Investment 

The growth in gas demand projected in 
the 1999 Study will require nearly $1 trillion 
(1998$) in upstream expenditures from 2000 
through 2015 in the United States alone. A 
summary of estimated U.S. expenditures 
required over this period is shown in Table S-11 . 

In 1998$, this growth in demand will 
require yearly average industry expenditures 
of $60 billion from 2000 through 2015, versus 
an annual average of $52 billion from 1991 
through 1996. Figure S-7 shows the annual 
projection of industry expenditures. 

TABLE S-1 1 

ESTIMATED U.S. EXPENDITURES* 
1 999 THROUGH 201 5 

(Bil l ion of 1 998 Dollars) 

Operating Costs 

Capital Expenditures 

Total Expenditures 

*Includes gathering costs. 

$ 362 

$ 658 

$1 ,020 

These needed levels of investment will 
take place only if investors believe that ade­
quate rates of return will be earned. In the 
last 12 years, the U.S.  upstream sector has 
earned very modest rates of return. 
According to EIA' s Financial Reporting 
System (FRS), the 23 largest producers report­
ed a straight average return on assets of under 
5 .5% over the 12-year period from 1986 
through 1997. 

As Figure S-8 illustrates, upstream rates 
of return have a strong positive correlation 
with oil prices. Post-1993, with a less-regulat­
ed post- FERC-Order-636 natural gas market, 
upstream returns on investment have also 
developed a strong positive correlation with 
gas prices. 

During the 12-year period from 1986 
through 1997, 1997 marked the only year 
where returns of those 23 companies' produc­
ing subsidiaries exceeded in double-digits 
(i .e . ,  greater than 10%) the returns of 
non-energy affiliates, as shown in Figure S-9. 
In fact, over the past 12 years, a straight aver­
age of non-energy affiliate returns has been 
10 .7%-nearly double the straight average 
return on investment of the oil and gas pro­
ducing affiliates. 

The producing company doub le-digit 
returns of 1996 and 1997 were unique; daily 
cash West Texas Intermediate (WTI) oil prices 
averaged $22.16 and $20.61, respectively, for 
each of these years. These average annual 
prices are significantly greater than future 
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Figure S-7. U.S. E&P Expenditures 2000-2015 
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WTI average annual price expectations on 
which the 1999 Study based its findings. 
While aggregate producing company returns 
on investment are currently unavailable for 
1998, daily cash WTI oil prices for 1998 were 
lower and averaged $14.39. 

Historical low rates of return and the 
magnitude of price volatility jeopardize the 
steady flow of capital that is needed to achieve 
the large projected increases in gas production 
required to meet growing demand. 

Aggressive Pro-Active 
Workforce Planning is Essential 

Without immediate action, impending 
shortages of qualified personnel are expected 
to hinder the ability of the producing sector to 
find and develop required gas supplies.  
Three major shocks to employment prospects 
in the producing sector have occurred in the 
last 20 years. Each of these shocks (1982, 
1986, and 1998) was caused by drastic 
declines in the world market price of crude 
oil and resulted in significant reductions in 
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expenditures and j obs.  At the same time, 
companies dramatically decreased hiring 
rates. Employment prospects over the next 
10 years will likely rival those of the late 
1970s in the producing sector. The volatile 
history of producing-sector employment has 
already begun, and is expected to continue, to 
hinder the ability of the producing sector to 
attract and retain the numbers of qualified 
personnel needed to explore for, locate, drill, 
and produce the natural gas needed to satisfy 
the expected growth in demand. 

In the aftermath of precipitous declines 
in crude oil prices in 1981,  enrollments in 
key disciplines that support the producing 
sector began to decline drastically and 
gained momentum with a subsequent and 
equally devastating oil price drop in 1986. 
The 1 1  farm clubs  1 1  -college and university 
petroleum engineering and geoscience 
degree programs-continue to have great 
difficulty attracting promising high school 
seniors . Enrollments in undergraduate 
petroleum engineering and geoscience pro­
grams have declined by 77% and 60%, 
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respectively, between 1985 and 1998 (Figures 
S-10  and S-11) . 1 

Likewise, skilled trades supporting the 
producing sector also have suffered from 
these industry cycles. The oilfield service/ 
supply sector faces similar challenges in meet­
ing engineering and operations requirements. 
Volatility in the drilling industry has caused 
many skilled rig operations personnel to leave 
the industry in search of more stable careers. 
Industry contractors will be challenged to find 
and train adequate numbers of skilled labor­
ers, such as machinists, electricians, pipefit­
ters, and welders. 

The 1999 Study Reference Case indicates 
that the number of gas wells drilled in the 
United States will grow during the next 
decade from roughly 11,600 in the year 2000 to 
16,500 in 2010. The last time 16,500 gas wells 
were drilled in the United States was 1982. 
Between 1982 and 1998, employment in the 
producing sector declined by almost 400,000 
jobs.2 A snapshot of the decline in producing 
sector employment during that period of time 
is illustrated in Figure S-12. 

An additional 50,000 jobs were lost in the 
latest downturn between late 1997 and early 
1 999.3 And, by one modeling estimate, 
employment in the producing sector may 
decline from roughly 325,900 in 1998 to 
approximately 273,000 in 2000.4 Technological 
advancements can be expected to continue to 
increase productivity in the producing sector 
from 2000 to 2010. However, a 42% growth in 
the number of gas wells drilled in the next 
decade means a vast increase in prospects that 
will need to be generated (geoscientists),  
drilled (engineers and rig hands), and com­
pleted and hooked up (engineers and field 
personnel) . Current enrollment trends in 

1 Data from ( 1 )  Petroleum Engineering and 
Technology Schools 1 997-98, Society of Petroleum 
Engineers, www.pe.ttu.edu/spe_schools_book/html/ 
school.html; and (2) American Geological Institute, 
Survey of Students in the Geosciences, 1 985-1986 through 
1998-1 999. 

2Department of Energy, Energy Information 
Administration, Issues in Midterm Analysis and 
Forecasting 1 999, p.  48, "Employment in Oil and Gas 
Extraction," James M. Kendell. 
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3 Ibid, p. 47. 
4 Ibid, p. 47. 

producing-sector college disciplines and 
employment trends in related skilled trades 
are insufficient to even replace individuals lost 
to normal retirement. 

A few items of anecdotal evidence that 
this concern is already an issue are important 
to note: 

• In 1984, 425 undergraduate degrees in 
total were awarded in petroleum engi­
neering at six of the dozen schools histor­
ically noted for producing the largest 
number of petroleum engineering gradu­
ates.S In 1996, graduation figures from 
these same six universities had decreased 
to 117 undergraduates in petroleum engi­
neering. In December 1997, one major 
company indicated that it was looking to 
hire 200 petroleum engineering from the 
1998 graduating classes. If this company 
had been able to hire all 1998 graduates 
from the six leading universities,6 it 
would have fallen short by at least 25%? 

• With the recovery in oil prices through­
out 1999, exploration activity has begun 
to rebound. An informal phone survey 
of three oilfield service companies 
revealed the following labor shortages: 

- One company indicated that it is 
attempting to hire more rig hands due 
to the fact that with 110% utilization of 
its workforce, only 40% of its rigs can 
be mobilized. 

- A Permian Basin drilling company 
faced with a similar challenge to hire 
more qualified workers stated that it is 
offering $10 to $25 per hour bonuses as 
it copes with 100% utilization of its 

Soil & Gas Executive, " Achieving Excellence: 
Dialogue with Two at the Top," June 1998, p .  36 (Texas 
A&M University, Colorado School of Mines, University 
of Texas, Louisiana State University, University of 
Oklahoma, and the University of Missouri at Rolla). 

6In 1998, the top six schools by number of 
petroleum engineering enrollees were Texas A&M 
University, Montana Tech, University of Texas, Texas 
Tech, Louisiana State University, and Colorado School 
of Mines. Petroleum Engineering and Technology Schools 
1 997-98, Society of Petroleum Engineers, www.pe.ttu. 
edu/ spe_schools_book/htrnl/ school.htrnl. 

7Ibid, Footnote 7. 
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Figure S-12. U.S. Employees in Oil & Gas 
Extraction Activities, 1986-1996 
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workforce, which is able to mobilize 
only 30% of the company's rigs. 

- A Gulf Coast-based services company 
that reacted to the 1998 downturn by 
laying off 450 of its workers indicated 
that it recently attempted to hire back 
the top 100 performers from that 
group . The company received only 
two responses to these inquiries, and 
both individuals declined the compa­
ny's offer. 

• In its April 1999 report of the 1998 
Annual Salary Survey of geologists (con­
ducted by MLA Resources), the 
American Association of Petroleum 
Geologists reported in its Explorer publi­
cation: "Much of the work force was dec­
imated in the mid-1980s, and the number 
of graduates available for hiring dwin­
dled to a trickle. An economic rebound 
from 1994-1997 drew more students to 
the field, but the competition to hire the 
top students also caused salaries to rise 
as well. The 1997 salary survey noted a 
'hiring frenzy/ and reported employment 
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bonuses to new graduates of up to 
$50,000 a year with a company car. 
[Spokesman for MLA] said now that on­
campus recruiting 'has slowed apprecia­
bly. '  There are also reports of at least one 
major company retracting offers made to 
spring and fall graduates . There are 
many interesting implications to the 
actions that companies are taking, [MLA 
spokesman] said. 'Over the course of the 
last decade and a hal( upstream profes­
sionals have been trained to believe that 
after they turn 50 they'll get an early 
retirement package and leave/ he noted. 
If that perception were to become reality, 
90% of the present work force could leave 
the industry in the next 1 0  years-and 
about 65% in the next five years due to 
the lack of hiring in the 1986-1996 
years. "8 

Other paradigms are changing regarding 
the professional and skilled trades workforce 

8www .aapg.orgl explorer I archives l04_99 I salary 
survey.html 



in the producing sector. Historically, compa­
nies understood that new-hire engineers 
required substantial training and utilized 
in-house training programs, apprenticeships, 
and/ or consultants and service companies 
over a period of years to fill the knowledge 
gap. With thin "bench strength" and a dwin­
dling cadre of mentors, the new hire is more 
likely to be deprived of the opportunity to 
gain much-needed experience.  The good 
news for the new graduate is that he or she 
must no longer bide time and build managers' 
confidence before receiving higher-potential 
assignments. The bad news is that these high­
er-potential assignments are of equally higher 
risk and are being managed by individuals 
with infinitely less experience than such 
prospects would have merited in the past. A 
recent article in Journal of Petroleum Technology 
stated the issue as follows: 

As the mid-1990's started . . .  
[c]ompanies recognized their man­
power pools were aging and that 
there was a limited market of good 
experienced engineers . Hiring 
increased. But the paradigm of the 
oil-boom times was still entrenched 
- all engineers eventually could be 
trained as a petroleum engineer. 
Except that, now, there were no 
mentors or training programs and 
no dog wells or fields to experiment 
on . . . .  

The real cost of training engi­
neers . . . is the cycle time to get an 
engineer "capable" in this new 
high-tech business . . . [ i ]t  takes 
long-term strategies and plans, not 
year-to-year reaction to cycles of oil 
and gas prices. Educators and 
industry must learn a new way of 
working together.9 

Beginning immediately, aggressive 
pro-active workforce planning is a necessity 
for producers and contractors to achieve 
staffing levels that are necessary to meet the 
challenge of supplying natural gas demand 
that is expected to increase by nearly 30% over 
the next ten years. 

9Keith K. Millheim, "Fields of Vision," Journal of 
Petroleum Technology, October 1999, p. 14. 

New Drilling Rigs 
Must Be Built 

Overview of Rig Needs 

The U.S. drilling fleet must expand to 
undertake the dramatic increase in activity 
that will be required to produce the additional 
gas supplies anticipated in this study. The 
number of wells drilled annually is projected 
to more than double, from roughly 24,000 in 
1998 to over 48,000 by 2015. This amount rep­
resents total wells drilled (including both gas 
and crude oil wells plus dry holes). Because 
roughly 15% of natural gas consumed in the 
United States is produced from oil wells 
(so-called "associated-dissolved gas") oil well 
drilling must be taken into account when con­
sidering the drilling needs for increased gas 
supply. Even taking into account anticipated 
improvements in drilling efficiencies of 
between 1 .25% and 1 .50% per year, approxi­
mately 2,300 active rigs (over 2,100 land rigs 
and 180 offshore) would be needed to achieve 
the projected level of drilling. This represents 
a 60% increase over the 1 ,250 average rig 
count estimated for 1999. 10 

Providing these rigs, and the crews to 
operate them, will be a challenge for the 
industry. The oilfield supply and service sec­
tors have been hit particularly hard by the 
boom and bust cycles. Very few new onshore 
drilling rigs have been built since the mid-
1980s. If the 5% per year historical attrition 
rate were to continue, most of the existing 
1,700 onshore rigs would be retired by 2015 
and a total of almost 1,900 onshore rigs would 
have to be built. The cost of these new 
onshore rigs would be over $12 .4 billion 
(1998$) . Additions to the offshore fleet are 
projected to include 1 0  deepwater drilling 
rigs, 32 platform rigs, and 30 jack-up rigs and 
barges. Although fewer new offshore rigs 
need to be built compared to onshore rigs, the 
cost per offshore rig is an order of magnitude 
higher. The capital cost of the new offshore 
rigs projected to be needed would be $7.3 bil­
lion (1998$) if all the additional rigs came from 
new construction. 

1 0unless otherwise stated, all rig cow1ts are on a 
"Reed Oil Tools" basis, adjusted for shallow-drilling, 
truck-mounted rigs. 
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Rig Statistics 
Several sources are available for rig 

statistics, each with its own purposes and def­
initions. The oldest and most often quoted rig 
statistic is the weekly Baker Hughes operating 
rig count. Baker Hughes is a drill bit manu­
facturer that began this survey in the 1930s as 
an in-house tracking and marketing tool. The 
weekly Baker Hughes survey covers rotary 
rigs that are "turning to the right," so it 
doesn't cover contracted rigs that are moving 
between jobs, rigging up, or completing wells. 
For the year 1997, the average number of 
onshore rigs operating in the United States 
was 821 according to the Hughes survey. 

Another weekly survey has been con­
ducted since 1982 by Smith Tools Inter­
national, also a drill bit manufacturer. An 
active rig is defined by Smith as one that is 
either drilling, rigging up, fishing, testing, or 
at total depth. Smith and Baker Hughes 
weekly surveys track each other very closely. 
However, because of its more expanded defi­
nition of what rigs are covered, the Smith sur­
vey tends to report about 10% more rigs. 

Both the Baker Hughes and Smith rig 
surveys are done weekly and are aimed at get­
ting a picture of ongoing activity. Neither con­
cerns itself with the state of the entire rig pop­
ulation, including inactive rigs. In contrast, 
the "Reed Rig Census" is done once each year 
and compiles data on "active" rigs and "avail­
able" rigs. The "Reed Rig Census" (as pub­
lished in the October 1998 edition of World 
Oil) says that in 1997 there were 1,235 onshore 
active rigs out of 1,428 that were available, for 
a utilization rate of 86%. An active rig is one 
that was in use during the 45-day qualification 
period. An available rig is one that is being 
marketed or could be made available with an 
expenditure of $100,000 or less ($1 million or 
less for an offshore rig) . Reed doesn't count 
rigs that have been stacked for more than 
three years, cable tool rigs, or rigs not drilling 
deeper than 3,000 feet. 

Both the Hughes and Reed surveys miss 
truck-mounted rigs that are used to drill shal­
low wells. For example, in 1997 there were 
556 wells drilled in the states of Illinois and 
Indiana (average depth 2,315 feet) but Hughes 
shows that there were no rotary rigs in opera­
tion. A similar problem exists in all of the 
Appalachian states, Kansas, and elsewhere 
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where the number of wells and footage drilled 
are out of proportion to the Hughes rig 
counts. A reasonable estimate would be that 
an average of about 101 shallow, truck-mount­
ed rigs would be "turning to the right" in 
1997, meaning that a "corrected Hughes 
count" should be about 922 operating rigs. 

The annual average Hughes operating rig 
count over the last several years has been 61% 
of the Reed active rig count. The major differ­
ence in the counts is that the "Reed Rig 
Census" -because of its longer eligibility peri­
od-picks up rigs that are moving between 
jobs or are completing wells in any given 
week. In 1997, the Reed active onshore rig 
count was 1,235. Adding another 233 rigs to 
account for shallow, truck-mounted rig brings 
the "corrected" total to 1,468. 

Recent Onshore Rig Productivity 
Table S-12 shows an estimate for 1997 of 

the number of rig days employed drilling 
onshore wells in the United States. The num­
ber of "corrected" Hughes rig days in 1997 
was 922 rigs times 365 days equals 336,530 rig­
days or 12.4 days per onshore well. The num­
ber of corrected Reed active rig days was 1,468 
times 365 equals 535,820 rig-days or 19.8 days 
per well. The difference of 7 days per well 
represents, for the most part, mobilization and 
completion days. The total number of rig 
days (Reed active concept) needed per well 
are 8 days for the 0-5,000 foot interval, 21 days 
for 5-10,000 foot interval, 49 days for the 
10-15,000 foot interval, and 107 days for the 
interval deeper than 15,000 feet. The bottom 
portion of Table S-12 shows approximate aver­
age day rates for 1997 and what the dollar 
amount implied for rig use by depth interval. 
Also shown is the rig cost in dollars per foot 
and the total well cost per foot as reported in 
the Joint Association Survey of Drilling Costs. 
The estimated rig component is about 25% to 
28% of the cost of onshore wells. 

The data in Table S-12 show that the days 
required to drill a well, and the well costs rise 
exponentially with depth. The reason for this 
is that the rate of penetration decreases with 
the added rock pressures and hardness 
encountered with increasing depth. This is 
illustrated in Figure S-13, which shows typical 
onshore incremental rates of penetration of 
900 feet per day near the surface, declining to 



TABLE S-1 2 

ONSHORE U.S. RIG AND DAY RATE BALANCE: 1 997 

Hughes Reed Reed Reed 
Operating Active Available Util ization 

Rigs Counted by 
Hughes & Reed 821 1 ,235 1 ,428 86% 

Other (Truck Mounted) 1 01 233 270 86% 

Total Rigs 922 1 ,468 1 ,698 86% 

0·5,000 ft 5·1 0,000 ft 1 0·1 5,000 ft >15,000 ft 

Depth 1 Depth 2 Depth 3 Depth 4 Total 

Wells Drilled 1 3,661 9,254 3,527 6 1 4  27,056 

Feet per Well 2,51 0 6,905 1 1 ,773 1 6,890 5,547 

Total Footage 34,291 ,000 63,900,000 41 ,521 ,793 1 0 ,370,200 1 50,082,993 

Non-Drilling Days/Well 4 8 1 5  29 7.37 

Drill ing ROP* (Feet/Day/Rig) 750 525 343 2 1 6  446 

Drilling ROP* (Feet/Year/Rig) 273,783 1 91 ,765 1 25, 1 08 78,907 1 62,8 1 9  

All Rig Time 
(Reed Census Concept) 

Days per Well 8 21 49 1 07 1 9.8 

Total Days 1 05,570 1 91 ,932 1 72,485 65,732 535,71 9 

Active Rigs 289 526 473 1 80 1 ,468 

Drilling Time Only 
(Hughes Survey Concept) 

Days per Well 3 1 3  34 78 1 2.4 

Total Days 45,71 6 1 21 ,625 1 21 , 1 39 47,969 336,449 

Operating Rigs 1 25 333 332 1 31 922 

Ratio Hughes/Reed 
Concepts 0.43 0.63 0.70 0.73 0.63 

1 997 Day Rates ($/Day/Rig) $4,500 $5,500 $7,000 $9,500 $6,277 

Rig Revenue (Million $) $475. 1  $1 ,055.6 $1 ,207.4 $624.5 $3,362.5 

$/foot for rig $1 3.85 $1 6.52 $29.08 $60.22 $22.40 

$/foot for well (JAS)t $49.45 $62.49 $1 06.51 $244.35 $84.26 

Rig cost as % of well 28% 26% 27% 25% 27% 

*ROP = rate of penetration. 

tJAS = Joint Association Survey of Dri l l ing Costs. 

S-39 



Figure S-13. Incremental Rate of Penetration 
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below 100 feet per day at about 15,000 feet and 
below. 

Projection of Future Onshore 
Drilling Activity 

The number of onshore wells projected 
to be drilled under Reference Case condi­
tions is shown in Figure S-14 by depth 
interval .  The number of onshore wells 
drilled in 1998 and 1 999 fell from about 
27,000 wells drilled in 1997. Future activity 
is expected to rebound and reach about 
36,000 wells in 2010 and over 47,000 wells 
in 2015. 

The projected footage to be  drilled 
onshore in the United States is shown in 
Figure S-15. Approximately 150 million feet 
were drilled in 1997. By the year 2010, this 
figure is expected to be 215 million feet and 
by 2015 nearly 270 million feet. Because the 
number of wells and the footage drilled is 
projected to grow fairly evenly across drilling 
depths, the average feet per well is expected 
to change only slightly as it maintains a 
range of 5,400 to 5,900 feet per well. 

S-40 

Onshore Rig Requirements 
Given the projected drilling activity 

described above and the 1997 productivity 
estimates shown in Table S-12, and assuming a 
1 .25% improvement in efficiency, the required 
number of future active rigs was computed 
and the results shown in Figure S-16. From an 
active count of 1 ,468 onshore rigs in 1997, 
needs are expected to grow to 1,800 rigs in 
2010 and 2,000 rigs by 2015. These active rigs 
projections are consistent with the Reed sur­
vey concept and include non-drilling time (rig 
mobilization, completions, etc.) .1 1  

Also shown in  Figure S-16 i s  the project­
ed number of "available" rigs that would be 
needed. Because some time is needed for rig 
maintenance and out-of-contract mobiliza­
tions, the number of active rigs cannot be 
equal to available rigs. The highest utilization 
rate recorded by the Reed Census was 98% in 
1981 . For purposes of this projection, it was 

1 1The future operating rig count consistent with 
the Baker Hughes survey can be approximated by multi­
plying the active rigs in Figure S-16 by 0.61 (e.g., about 
1,300 operating rigs in 2015). 
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Figure S-16 .  Onshore U.S. Drilling Fleet, 1997-2015 
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assumed that the maximum sustainable uti­
lization rate would be 95%. 

The third line in Figure S-16 represents 
the current onshore rig fleet, net of attrition. 
The difference between this line and the 
"available" rig line represents new rigs that 
must be added. Over the last 10 years, a net 
annual average attrition of 5% of the rig fleet 
occurred. Rigs were retired, cannibalized, or 
moved outside the United States. Assuming 
that this rate of attrition continued into the 
future, by 2015 about 1,895 new onshore rigs 
would have to be added. 

Impact of Alternative Efficiency 
and Attrition Assumptions 

Table S-13 summarizes by depth rating 
the number of new onshore rigs that would 
have to be built given the base assumptions 
outlined above. Also shown in the table are 
the assumed capital costs of the rigs. In total, 
the 1,895 rigs projected to be needed would 
cost $12.4 billion (1998$) if all rigs were newly 
constructed. 
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The efficiency gain of 1 .25% per year 
incorporated as a base assumption means that 
a deep well that took 107 days to drill in 1997 
would take 85 days in 2015. If this assumed 
efficiency gain were cut in half to 0.75% per 
year, the number of new onshore rigs that 
would have to be built would increase to 2,240 
and the construction cost would rise to $14.8 
billion. If no efficiency gains were to take 
place at all, the new rig requirement would be 
2,623 by 2015 and the capital costs would 
increase to $17.4 billion. On the other hand, if 
attrition rates were to average to just 2% per 
year, new rig requirements would fall to 1,211 
rigs and capital cost would decline to $7.6 bil­
lion, not counting the extra capital additions 
that the existing rig fleet would need to keep 
operating. 

Offshore Rigs 

The Baker Hughes, Smith, and Reed rig 
surveys discussed above all track offshore rigs 
using the same definitions each uses for 
onshore rigs. For example, the Hughes 
Survey reported 122 operating offshore rigs 
averaged over all weeks in 1997. The 1997 



TABLE S-1 3 

CAPITAL COST FOR NEW ONSHORE RIGS 
UNDER ALTERNATIVE ASSUMPTIONS 

Depth Depth Depth Depth 
Category 1 Category 2 Category 3 Category 4 All 

< 5k ft. 5k-1 0k ft. 1 0k-1 5k ft. > 1 5k ft. 

In itial Capital Cost 
(Million $) $2.20 $5.20 $8.50 $1 5.00 

Number of New 
Onshore Rigs 

Base Assumptions 309 808 632 1 46 1 ,895 

Slower Technology 
Advancement 
(0.63% per year 
improvement) 374 937 747 1 82 2,240 

No Technology 
(0.00% per year 
improvement) 445 1 ,080 876 222 2,623 

Slower Attrition 
(2% per year 
loss of rigs) 1 82 564 41 3 52 1 ,2 1 1 

Capital Expenditures 
for Onshore Rigs 
(Million 1 998$) 

Base Assumptions 680 4,202 5,372 2, 1 90 1 2 ,443 

Slower Technology 
Advancement 
(0.63% per year 
improvement) 823 4,872 6,350 2,730 1 4,775 

No Technology 
(0.00% per year 
improvement) 979 5,61 6 7,446 3,330 1 7,371 

Slower Attrition 
(2% per year 
loss of rigs) 400 2,933 3,51 1 780 7,624 

S-43 



Reed Rig Census reported 212 active offshore 
rigs and 237 available rigs. Roughly speaking, 
the Baker Hughes offshore rig count, which 
measured just rigs actively "turning to the 
right," is about 55% of the Reed active count, 
which picks up rigs that are mobilizing or 
completing wells. 

Another source of data on offshore rigs is 
Offshore Data Services, Inc. (ODS), which pro­
duces the Gulf of Mexico Rig Locator and other 
publications. As shown in Table S-14, that 
publication tracks on a weekly basis "contract­
ed," "marketed," and "total" offshore rigs. 
The ODS measure of "contracted rigs" corre­
sponds closely to the Reed "active rig" count. 
As of September 24, 1999, the offshore fleet 
contracted in the Gulf of Mexico numbered 
207, with 30 of those working in deep water. 
A total of 284 rigs were being marketed. 
Additionally 76 rigs (the difference between 
total rigs and marketed rigs) were not being 
marketed. The rigs not being marketed are 
generally "cold stacked" and will require 
some investment to be brought back to ser­
vice. Some of the cold stacked rigs may not 
return to service due to the high costs that 
would be associated with meeting U.S. Coast 
Guard certification requirements and classifi­
cation society standards. Since offshore drill-

ing rigs are mobile, improved market condi­
tions in the Gulf of Mexico could potentially 
cause rigs to relocate from foreign waters. 
Conversely, in times of low demand in the 
United States, offshore rigs are moved to other 
countries. 

Projected Needs for Offshore Rigs 

The projected number of offshore wells to 
be drilled under Reference Case conditions is 
shown in Figure S-17 by water depth. The 
recent peak of over 800 wells in 1997 is expect­
ed to be reached again after the year 2000 and 
to be sustained in the late years of the projec­
tion. The portion of wells drilled in waters 
deeper than 1,000 meters grows from 5% in 
1997 to 20% in 2010. 

Taking into account increasing drilling 
efficiencies as well as annual attrition rates of 
5% for deepwater rigs and 7% for all others, 
this study projects that 72 additional, 
unplanned rigs-either reactivations, new 
construction, or relocations-will be needed 
by 2015 for the increased offshore activity 
(Figure S-18) .  These include 10 deepwater 
rigs, 32 platform rigs, and 30 jack-up rigs or 
barges. 

TABLE S-1 4  

GULF O F  MEXICO RIG INVENTORY 

Total Marketed Contracted Not Marketed 

Jack-ups 139 1 19 1 05 20 

Semis 38 34 27 4 

Drillships 3 3 3 0 

Submersibles 7 1 1 6 

Total Mobile 1 87 1 57 1 36 30 

Platform 78 57 37 21  

In land Barges 95 70 34 25 

All offshore 360 284 207 76 

Source: Offshore Data Services, Inc . ,  Gulf of Mexico Rig Locator, September 24, 1 999. 
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The capital investment for these new rigs 
is shown in Table S-15. The cost of these new 
rigs would be about $7.3 billion (1998$) if all 
new rigs come from new builds. Costs would 
be lower if some of the rigs currently cold 
stacked were reactivated or if rigs could be 
brought in from other countries. Also shown 
on Table S-15 are alternative estimates based 
on more conservative assumptions for gains in 
rig efficiencies and lower attrition rates. If the 
base efficiency gain were cut in half, the 
required number of new offshore rigs would 
increase to 93. If no efficiency gains were to 
take place at all, 116 new offshore rigs would 
be needed. On the other hand, if attrition 
rates were to average to just 2% per year, only 

20 new rigs would be needed, although as 
with onshore rigs, a significant capital invest­
ment would be needed to keep the existing 
rigs operating long into the future. 

The Implication of 
New Rig Construction on 
Day Rates and Well Costs 

The cost of new rig builds must be 
reflected in rig day rates if the sustained levels 
of new rig builds anticipated in this study are 
to take place. Table S-16 shows a calculation 
of day rates that will be needed for new 
onshore rigs and Table S-17 shows the same 
thing for offshore rigs. 

TABLE S-1 5 

CAPITAL COST FOR NEW OFFSHORE RIGS 
UNDER ALTERNATIVE ASSUMPTIONS 

5th Gen. 
Semi 

or Drillship Jack-up Platform 
10,000 feet 350 feet Rigs All 

Initial Capital Cost (Million $) $325.0 $1 1 5.0 $20.00 

Number of New Offshore Rigs 
Base Assumptions 1 0  30 32 72 

Slower Technology Advancement 
(0.63%-0.75% per year 1 6  39 38 93 
improvement) 

No Technology 
(0.00% per year improvement) 23 49 44 1 1 6 

Slower Attrition 
(2% per year loss of rigs) 9 1 1  20 

Capital Expenditures for 
Offshore Rigs (Mill ion 1998$) 
Base Assumptions 3,250 3,450 640 7,340 

Slower Technology Advancement 
(0.63%-0.75% per year 5,200 4,485 760 1 0,445 
improvement) 

No Technology 
(0.00% per year improvement) 7,475 5,635 880 1 3,990 

Slower Attrition 
(2% per year loss of rigs) 2,925 220 3, 1 45 
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TABLE S-1 6 

DAY RATE CALCULATIONS FOR NEW ONSHORE RIGS 

Depth Depth Depth Depth 
Category 1 Category 2 Category 3 Category 4 

< 5k feet 5k-1 0k feet 1 Ok-1 5k feet > 1 5k feet 

Rig Description (Horsepower) 500 750 1 ,500 2 ,000 

Initial Capital Cost (Mil lion $) $2.20 $5.20 $8.50 $1 5.00 

Day Rate Components ($/Day) 
Non-Fuel Variable Cost $4,200 $5,000 $5,81 5 $6,280 

Fuel Costs $1 95 $293 $585 $780 

Total Variable Costs $4,395 $5,293 $6,400 $7,060 

Capital Cost Recovery $1 ,240 $2,932 $4,792 $8,457 

Total Full Recovery Day Rate $5,635 $8,224 $1 1 ,1 92 $1 5,51 7 

Capital Cost Recovery Assumptions: Return on Equity, 1 5.0%; I nterest on Debt, 7 .5%; 
Debt: Total Capital Ratio, 0.25; Nominal Rate of Return, 1 3. 1  %; Amortization Period (Years), 1 0; 
Annual Capital Cost Recovery Factor, 1 8.5%; New Unit Capacity Utilization, 90%. 

The onshore day rates calculated in Table 
S-16 are much higher than the estimated actu­
al day rates experienced in 1997 (shown earli­
er in Table S-12 and again in Table S-18). The 
day rate for the shallowest interval would 

have to go up 25% while the day rate for the 
deepest interval would go up 63%. As is 
shown in Table S-18, these higher day rates 
would increase onshore well costs by 8% to 
20% in each interval assuming the non-rig 

TABLE S-1 7 

DAY RATE CALCULATIONS FOR NEW OFFSHORE RIGS 

5th Gen. 
Jack-up Semi Drillship Platform 
350 feet 1 0,000 feet 1 0,000 feet Rig 

Initial Capital Cost (Mil l ion $) $1 1 5.0 $325.0 $325.0 $20.0 

Day Rate Components ($/Day) 
Total Variable Costs $20,000 $50,000 $55,000 $1 5,000 

Capital Cost Recovery $61 ,958 $1 75,098 $1 75,098 $1 0,775 

Total Full Recovery Day Rate· $81 ,958 $225,098 $230,098 $25,775 

Capital Cost Recovery Assumptions: Return on Equity, 1 5.0%; Interest on Debt, 7.5%; 
Debt:Total Capital Ratio, 0.40; Nominal Rate of Return, 1 2.0%; Amortization Period (Years), 1 0; 
Annual Capital Cost Recovery Factor, 1 7.7%; New Unit Capacity Utilization, 90%. 
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TABLE S-1 8 

IMPLICATIONS OF RIG REPLACEMENT COSTS ON ONSHORE WELL COSTS 

Depth Depth Depth Depth 
Category 1 Category 2 Category 3 Category 4 

< Sk feet 5k-1 0k feet 1 Ok-1 5k feet > 1 5k feet 

Day Rates {$/Day/Rig) 
1 997 Estimated Actual $ 4,500 $ 5,500 $ 7,000 $ 9 ,500 

Hypothetical 
Replacement Cost $ 5,635 $ 8,224 $ 1 1 , 1 92 $ 1 5 ,5 1 7 

Dollar per Foot: 
Estimated 1 997 
Rig Cost $ 1 5.48 $ 21 .25 $ 36.29 $ 67.67 

Non-Rig Well Cost :s 33.97 :s 41 .24 � 70.22 :S1 76.68 

Well  Cost (JAS)* $ 49.45 $ 62.49 $ 1 06.5 1  $244.35 

Dollar per Foot: 
Hypothetical at 
ReP,Iacement Cost 
Day Rate 
Rig Cost $ 1 9 .38 $ 31 .77 $ 58.02 $ 1 1 0 .53 

Non-Rig Well Cost :s 33.97 :s 41 .24 $ 70 .22 :s 1 76.68 

Well Cost $ 53.35 $ 73.01 $ 1 28.24 $ 287.2 1  

Percentage Change in 
Replacement Costs 
vs. 1 997 
Rig Cost 25% 50% 60% 63% 

Non-Rig Well Cost 0% 0% 0% � 
Well Cost 8% 1 7% 20% 1 8% 

* JAS = Joint Association Survey of Dril l ing Costs. 

costs stayed at their 1997 level, a relatively 
high-cost year for all oilfield services. 
Although the model projections take the rig 
replacement cost calculations into account, 
their impact on projected well costs is less 
than shown in Table S-18 because the assumed 
increases in rig efficiency mute the effect of 
higher day rates. 

The implications of rig replacement eco­
nomics for offshore drilling are more severe 
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because rig costs tend to be a higher portion 
of the cost of a well-about half versus 
25-30% for the onshore. For example, in 1997 
the day rates for jack-up rigs averaged 
approximately $46,000 per day, versus the 
$82,000 day rate needed to justify new rig 
construction. This would imply that well 
costs on the shelf would have to go up almost 
40% [(82,000 - 46,000) -;- 46,000 x 50%] over 
1997 levels to provide adequate day rates to 
justify building new rigs. 



Chapter Four 

Investment in Research and 
Development Will Be Needed 
to Maintain the Pace of 
Advancements in Technology 

Technology advancement has played a 
major role in the increase of the North 
American resource base by: 

• Improving efficiency of drilling, equip­
ment, operating, and other costs 

• Increasing recovery factors of discovered 
oil and gas in place 

• Improving success rates (i .e. ,  reducing 
the number of dry holes) 

• Revealing new areas and types of 
resources for exploitation through inno­
vative geologic and engineering con­
cepts. 

Information Technology has made possi­
ble dramatic advances in 3D seismic, direction­
al drilling, and completion techniques. The 
persistent improvement of computing power 
at consistently decreasing prices has placed 
increasingly powerful Information Technology 
tools in the hands of even the smallest produc­
ers, improving efficiency, and reducing cost 
structures. Growing processing power is 
allowing applications to be moved from main­
frames to high-efficiency workstations. The 
advent of object-based and improved data 
storage technologies have allowed greater 
access to information in highly user-friendly 
interfaces. Connectivity has been enhanced by 
use of high-capacity networks, fiber optic and 
satellite communication links, and the Internet 
(intranets, extranets, etc.) . 

Advances in technology do not happen 
in a vacuum. All industry stakeholders will 
have to support continued investment in tech­
nology research and development-from the 
producer who must apply the newest 
tools/techniques to the next opportunity, to 
the investor who must at times be willing to 
sacrifice immediate gains for longer-term 
growth. Continued and increased funding of 
research and development is required for the 
North American resource base to live up to its 
potential. Cooperative measures by all parties 
will be required. If the proper proactive mea­
sures are taken, the following items could 
have a significant impact on future gas pro­
duction: 

• 4D Seismic. 4D seismic combines the 
fourth dimension of time with the 3D 
model to locate and monitor the move­
ment of fluids in the reservoir. Vis­
ualization centers project these images 
onto screens and allow scientists to "see" 
such events as the enlargement of a gas 
cap during oil production or the shrink­
age of the cap during gas production. 

• Real-T ime Reservoir Modeling. The 
real-time reservoir model uses the 4D 
seismic measurements described above 
to allow quick updating as new data are 
produced and enables drilling and field 
development decisions to be made 
quickly. 
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• D eep Wireline Measurements. Deep 
measurements of gravity and electromag­
netic forces provide information that 
complements the seismic data. Wireline­
based deep measurements typically have 
higher resolution than seismic and can 
provide enhanced detail about gas loca­
tion and movement. 

• Integrated Well Planning. Well planning 
is the process of effectively and accurate­
ly planning for optimum wellbore place­
ment in the reservoir, determination of 
suitable equipment/ systems for comple­
tion and production, and maximizing 
reservoir output and economics. 

• Drilling Systems. A major focus on 
drilling capabilities will continue as 
drilling time is a major component of rig 
cost and thus the total cost of the well. 
Significant strides have been made in the 
last several years with regard to rates of 

penetration, equipment dependability, 
downhole data gathering, and drilling 
dynamics. The ability to steer and extend 
the wellbore both vertically and horizon­
tally to zones of interest has increased 
significantly with the advent of extended 
reach wells, horizontal drilling, and 
multi-laterals. 

The 1999 Study presumes that the forego­
ing technology advances and others will con­
tinue to expand, causing increased explorato­
ry success and optimized well production 
capability. Should this advancement not 
occur, or should these technologies prove less 
valuable to producers than expected, the 1999 
Study's projections of growth in North 
American natural gas productive capacity 
growth may be optimistic. 

The technology drivers set in the 
Hydrocarbon Supply Model for the 1999 Study 
and two alternative cases are shown in Table 
S-19. (For additional discussion regarding the 

TABLE S-1 9 
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TECHNOLOGY DRIVERS SET IN HYDROCARBON SUPPLY MODEL 
(Percentage of Annual Improvements) 

New Field Exploration 
Efficiency 

2000 

201 0 

201 5  

Platform Cost Reduction 

Drill ing and Completion 
Cost Reduction 

Onshore & Shelf 

Deepwater 

Improvement in Estimated 
Ultimate Recovery per Wel l  

Conventional 

Nonconventional 

Slower 
Technology 

Advancement 
Case 

Low Permeabil ity 
0.75% 

0.90% 

1 . 1 0% 

0.75% 

1 .25% 

1 .50% 

0.5% 

1 .05% 

0.75-1 .50% 

Reference 
Case 

1 .5% 

1 .8% 

2.2% 

1 .5% 

2.5% 

3.0% 

1 .0% 

2 . 1 % 

1 .5-3.0% 

Faster 
Technology 

Advancement 
Case 

2.5% 

2 .8% 

3.2% 

4.0% 

3.0% 

3.5% 

1 .5% 

2.5% 

1 .5-3.0% 
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Technology Drivers, please see Chapter Seven 
of this Supply Task Group Report.) The 1999 
Study represents the study group's view of 
what can be expected for technological 
advances based on recent levels of R&D fund­
ing and the general effectiveness of those 
efforts. The Faster Technology Advancement 
case assumes either a higher level of funding 
or a greater-than-expected number of signifi­
cant technological breakthroughs. The Slower 
Technology Advancement case envisages a 
decline in R&D funding with a resulting halv­
ing of each Reference Case technological driver 
in the model. The results of the sensitivity 
cases are shown in Figure S-19. 

As Figure S-19  illustrates, the Faster 
Technology Advancement case assumptions 
result in total U.S.  gas production being 
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approximately 1 TCF high in 2015 versus the 
Reference Case. Conversely, the Slower Tech­
nology Advancement case assumptions result 
in 1 .5 TCF lower gas production in the same 
time period. 

As is illustrated in Figure S-20, more 
favorable advances in technology have the 
potential of lowering gas prices by $0.40 per 
MMBtu by 2015. Conversely, the more pes­
simistic scenario has an almost opposite effect. 

Conclusion: Increased investment in Technology 
Research and Development is imperative. If ade­
quate funding is not maintained, it could result in 
substantially lower production and h igher gas 
prices for the consumer. 



Chapter Five 

Sensitivity Analyses 

This chapter presents the results of ten 
sensitivity cases. Results are presented as a 
difference in supply or price from the 
Reference Case. The resource base, oil price, 
and GDP growth sensitivities are described 
here. The access sensitivities are described in 
Chapter Two and the technology sensitivities 
are described in Chapter Four. 

Resource Base Sensitivity Cases 
The Supply Task Group decided to use a 

nominal range of +I- 250 TCF for the resource 
base sensitivities. This 250 TCF represents the 
difference from the base assumptions on a cur­
rent technology basis. On the basis of the 
advanced technology well recoveries that were 
adopted for the study's Reference Case, the 
divergence is 274 TCF in the Larger Resource 
Base sensitivity and 301 TCF in the Smaller 
Resource Base sensitivity, as shown in Table 
S-20. In comparison to the Reference Case U.S. 
and Canadian Assessed Additional Resource 
volume of 1,912 TCF, these volumes represent 
a range of about +I- 15%. Tables S-21 and S-
22 present the regional distribution of the 
resource base changes that were made. For a 
map of HSM supply regions, see Figure S-1 in 
Chapter One of this Supply Task Group 
Report. 

Larger Resource Base Sensitivity 
A Larger Resource Base sensitivity was 

developed to model the effects of a more opti-

mistic view of the remaining North American 
gas resource base. Gas resources were added 
to regions and depth intervals believed to 
have significant upside potential relative to 
the Reference Case. Decisions were based 
upon the results of industry discussions and 
comparisons with the assessments of other 
organizations, such as the U.S .  Geological 
Survey, U.S. Minerals Management Service, 
Potential Gas Committee, and various 
Canadian organizations. 

OLD FIELD RESERVE APPRECIATION 

Old Field Reserve Appreciation was 
increased to 370 TCF in the lower-48 states 
and 26 TCF in Canada. These changes repre­
sent an increase of 15% for all onshore 
regions (with the exception of South 
Louisiana, for which additional appreciation 
resources were added) .  For the Central & 
Western Gulf of Mexico, 20 TCF of reserve 
appreciation was added to represent previ­
ously unassessed deep resources in existing 
shelf fields. This resource base represents the 
development of reservoirs below 15,000 feet 
in large, older fields. These reservoirs have 
not been extensively developed, due to low 
permeability, higher costs, industry focus on 
shallow zones, and the deepwater play. 
Advances in seismic imaging, directional 
drilling, and stimulation may result in devel­
opment of this resource during the projection 
period. 
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TABLE S-20 

SUMMARY OF GAS RESOURCE BASE CHANGES FOR 
LARGER AND SMALLER RESOURCE BASE SENSITIVITY CASES* 

Larger Smaller 
Resource Base Resource Base 

Reference Change Change Change Change 
Case (TCF) (TCF) (%) (TCF) {%) 

Lower-48 1 ,309 +207 +1 6% -2 1 5  -1 6% 

Canada 603 +67 +1 1 %  -86 - 1 4% 

Total 1 ,91 2 +274 +1 4% -301 -1 6% 

*T�il l ion Cubic Feet of Assessed Additional Resources (Old Field Reserve Appreciation, 
New F1elds, and Nonconventional) 

NEW FIELDS 

New fields were increased to 758 TCF in 
the lower-48 states and 432 TCF in Canada. In 
the Central & Western Gulf of Mexico, a Larger 
Resource Base case was developed to represent a 
more aggressive view of deepwater potential. 
This assessment increased the new field resource 
base for the region by 44 TCF, to 250 TCF. The 
�eference Case assessment of new field poten­
tial for the deepwater is 140 TCF, and the sensi­
tivity case has a resource base of approximately 
184 TCF. All of the increase is in water depths 
greater than 1,000 meters. (There is no increase 
in the 200-1,000 meter interval) .  New field 
potential was also increased in Appalachia, the 
onshore Gulf Coast, the Mid-Continent, and the 
Permian Basin. Resources in these areas were 
added to depth intervals below 10,000 feet. 

In Canada, new field potential was 
increased in the western provinces, primarily 
to reflect additional potential in the Disturbed 
Belt of Alberta and British Columbia. In the 
East Coast offshore region, 11 TCF of new field 
potential was added to represent deepwater 
areas of offshore Nova Scotia. The Reference 
Case assessment of that subregion represents 
shelf resources only. 

COALBED METHANE 

Coalbed methane resources were added 
in several regions for the Larger Resource Base 
case. The coalbed resource was increased a 
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total of 1 6  TCF in the lower-48 states and 
15 TCF in Canada. Coalbed methane is rapid­
ly emerging in North America, and extensive 
coalbed deposits exist in areas believed to have 
good potential, but which are not included in 
the Reference Case. In the lower-48 states 
resources were added to the Rocky Mounta� 
Foreland Region to reflect additional potential 
in the Uinta Basin and other basins. A coalbed 
methane resource was added to the Western 
Overthrust Belt, on the basis of a Potential Gas 
Committee assessment and confirmation by 
Supply Task Group members . In the Mid­
Continent, coalbed methane resources were 
added to represent potential in the Anadarko 
Basin of Oklahoma. 

· 

In Canada, there are several areas of 
known coalbed methane potential that are not 
included in the Reference Case. Approximately 
9 TCF of coalbed methane resources were 
added to British Columbia, to represent a large 
amount of gas-in-place in the northeastern por­
tion of that province. In addition, 6 TCF of 
coalbed methane resources were added to the 
onshore area of Eastern Canada to represent 
known deposits that have yet to become pro­
ductive, but may be developed when new 
pipeline transportation becomes available. 

Smaller Resource Base Sensitivity 

A Smaller Resource Base sensitivity was 
developed to represent a pessimistic view of 



Model Region 

1 A: Appalachia 

2 B: Eastern Gulf Onshore 

3 C: North Central 

4 D: Arkla - East Texas 

5 E: South Louisiana 

6 G: Texas Gulf Onshore 

7 WL: Williston Basin 

8 FA: Rocky Mountain, 
Foreland 

9 SJB: San Juan Basin 

10 OV: Overthrust Belt 

1 1  JN: Mid-Continent 

12 JS: Permian Basin 

1 3  L: West Coast Onshore 

1 4  BO: Eastern Gulf of 
Mexico 

1 5  EGO: Cent. & West. 
Gulf of Mexico 

1 6  LO: Wes1 Coast 
Offshore 

17 AO: Atlantic Offshore 

Lower-48 Total 

20 ASM: Alberta, Sas., Man. 

21 BC: British Columbia 

22 NWC: Northwest 
Canada 

23 EC: Eastern Canada 

24 ART: Arctic Canada 

Canada Total 

North America Totals 

TABLE S-21 

LARGER RESOURCE BASE SENSITIVITY 
CHANGE IN RESOURCE BASE RELATIVE TO BASE CASE 

CURRENT TECHNOLOGY RECOVERABLE 
(Billion Cubic Feet) 

Old Field Appreciation New Fields 

Ref. High Ref. High 
Case Change Case Case Change Case 

2,301 

5,069 

2,718 

25,864 

20,361 

345 

760 

408 

3,880 

1 3,000 

54,341 8,151  

2,653 398 

28,949 4,342 

1 1 ,673 1 ,751 

702 1 05 

48,430 7,265 

22,31 9 3,348 

5,717 858 

2, 160 324 

70,661 20,000 

1 ,039 1 56 

0 0 

304,957 65,090 

1 8,620 

3,283 

0 

478 

0 

2,793 

492 

0 

72 

0 

22,381 3,357 

2,646 

5,829 

3, 1 26 

29,744 

33,361 

62,492 

3,051 

33,291 

1 3,424 

807 

24,968 

7,806 

8,8 15  

1 9,716 

1 0,654 

47,732 

2,723 

88,528 
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A: Appalachia 

B: Eastern Gulf Onshore 

C: North Central 
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E: South Louisiana 

6 G: Texas Gulf Onshore 

7 WL: Williston Basin 

8 FR: Rocky Mtn. Foreland 

9 SJB: San Juan Basin 

10 OV: Overthrust Belt 
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Old Field Appreciation 
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Case Change 

2,301 -575 

5,069 -1 ,267 

2,718 -679 

25,864 -6,466 

20 361 -5 090 
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-7.237 
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24 ART: Arctic Canada 

Canada Total 
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22,381 
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·76,236 228,721 

-4,655 1 3,965 

-821 2,462 
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TABLE S-22 

SMALLER RESOURCE BASE SENSITIVITY 
CHANGE IN RESOURCE BASE RELATIVE TO REFERENCE CASE 

ADVANCED TECHNOLOGY RECOVERABLE 

Reference 

Case 

27,772 

8,674 

9,796 

22,196 

11 838 

52,550 

3,068 

99,180 

2.209 

6 731 

39,675 

31 ,353 

20,205 

40,655 

205 328 

20,790 

30 580 

632,620 

62,548 

32,465 

80,972 

96,497 

1 1 1  051 

383,533 

(Billion Cubic Feet) 

New fields 
Change 

-6,012 

0 

0 

0 

0 

0 

0 

0 

Low 

Case 

21 ,760 

8,674 

9,796 

22,196 

11 838 

52,550 

3,088 

99,180 

0 2,209 

0 6 731 

0 39,675 

0 31 ,353 

-9,897 1 0,308 

0 40,655 

0 205 328 

0 20,790 

0 30 580 

-15,909 616,711 

0 62,548 

0 32,465 

0 80,972 

0 96,497 

0 1 1 1 051 

0 383,533 

Coalbed Methane 
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5,209 

2,518 

29,371 

1 0,058 
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74,038 

Change 

-9,643 

0 
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0 

0 

0 

0 

0 
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0 
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0 

0 

0 

0 

0 

0 

·9,643 64,395 

74,007 -37,027 36,980 

74,007 -37,027 36,980 
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Case 

23,389 
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Change 
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0 

0 

0 
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0 -821 

0 0 

0 -1 1 9  

0 0 
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remaining North American gas resources. 
Resources were reduced in all categories of 
undiscovered and undeveloped resources. 
As with the Larger Resource Base case, 
adjustments were based upon Supply Task 
Group discussions and comparisons with the 
assessments of other organizations . Table 
S-22 shows the regional distribution of 
resource base changes made for the Smaller 
Resource Base sensitivity. The total reduction 
was 301 TCF. 

OLD FIELD RESERVE APPRECIATION 

Total gas reserve appreciation potential 
in the lower-48 states and Canada was 
reduced by 25% relative to the Reference Case. 
This results in a reserve appreciation volume 
of 229 TCF for the lower-48 states and 17 TCF 
for Canada. 

NEW FIELDS 

New field potential in the Smaller 
Resource Base sensitivity was reduced by 
16 TCF in the lower-48 states and was 
unchanged for Canada. Conventional new 
field resources of Appalachia and the West 
Coast Onshore were reduced on the basis of 
industry discussions and comparison with 
other assessments . 

COALBED METHANE 

Coalbed methane potential was reduced 
by a total of 10 TCF in the lower-48 states and 
37 TCF in Canada. The reduction in Appa­
lachian resources of 10 TCF (50%) reflects a 
lack of significant activity in that region out­
side of southwestern Virginia. The reduction 
in Western Canada of 37 TCF (50%) reflects 
the uncertainty of the assessment of that 
resource. The coalbeds of Alberta are known 
to contain vast quantities of gas at moderate 
depths, but development of this resource 
remains in the very early stages. 

SHALE GAS 

The shale gas resource base was reduced 
a total of 20 TCF. Appalachian Devonian 
Shale was reduced by 12 TCF or 50% to reflect 
downside uncertainty. The Devonian Shale 
contains many potential well sites, but activity 
has declined. In the North Central region, the 
resource potential of the Devonian Antrim 
Shale was reduced by 3 TCF to reflect the 

uncertainty that the southern flank of the 
Michigan Basin will become economic. Shale 
resources in the Illinois Basin and Cinncinnati 
Arch areas were removed from the model (a 
5 TCF reduction), because their economic via­
bility is uncertain. 

TIGHT GAS 

The tight gas resource base was reduced 
by a total of 93 TCF in the lower-48 states and 
43 TCF in Canada. In the lower-48 states, tight 
gas resources were reduced by 50% in 
Appalachia, Arkla-East Texas, and the Rockies. 
In Western Canada, tight gas resources in the 
Western Canadian Sedimentary Basin were 
also reduced by 50% to reflect uncertainty in 
the resource assessment. 

Results of Resource Base 
Sensitivities 

Table S-23 and Figure S-21 present the 
results of all ten sensitivities that were evalu­
ated in the 1999 Study. The results of the 
Reference Case are shown in the first row of 
the table. The Larger and Smaller Resource 
Base sensitivities are shown to have the great­
est impact on gas production and wellhead 
prices of any of the sensitivities. For example, 
in the Larger Resource Base sensitivity, 
lower-48 gas production in 2010 is 1 .55 TCF 
higher than the Reference Case. Canadian 
production in this case is 0.48 TCF higher in 
2010. Henry Hub natural gas prices (1998$) 
are $0.96 per MMBtu lower in the Larger 
Resource Base sensitivity and $0.56 per 
MMBtu higher in the Smaller Resource Base 
sensitivity in 2010. 

Oil Price Sensitivity Cases 

Higher Oil Price Sensitivity 

Two oil price sensitivities were devel­
oped. A Higher Oil Price sensitivity was 
developed to model the effects of higher than 
anticipated crude oil prices. In the Reference 
Case, the assumption is made that oil prices 
average $18.50 in constant dollars throughout 
the projection. In the Higher Oil Price case, 
prices average $22.00 throughout, an increase 
of $3.50 or 19%. (These prices represent the 
price of West Texas Intermediate; the corre­
sponding Refiner Acquisition Cost of Crude 
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Reference Case 

Higher Oil Price 

Lower Oil Price 

Higher GOP Growth 

Lower GOP Growth 

Faster Technology Advancement 

Slower Technology Advancement 

Larger Resource Base 

Smaller Resource Base 

Increased Access 

Reduced Access 

Difference from 
Reference Case (amount) 

Higher Oil Price 

Lower Oil Price 

Higher GOP Growth 

Lower GOP Growth 

Faster Technology Advancement 

Slower Technology Advancement 

Larger Resource Base 

Smaller Resource Base 

Increased Access 

Reduced Access 

Difference from 
Reference Case (percentage) 

Higher Oil Price 

Lower Oil Price 

Higher GOP Growth 

Lower GOP Growth 

Faster Technology Advancement 

Slower Technology Advancement 

Larger Resource Base 

Smaller Resource Base 

Increased Access 

Reduced Access 

U.S. Production 
(TCF per year) 

2010 2015 

25.05 

25.90 

24.1 5  

25.53 

24.27 

25.62 

24.49 

26.57 

23.48 

25.55 

24.53 

0.85 

·0.90 

0.48 

·0.78 

0.57 

·0.56 

1 .52 

·1 .57 

0.50 

·0.52 

3% 

·4% 

2% 
·3% 

2% 

·2% 

6% 

·6% 

2% 

·2% 

26.50 

28.33 

24.91 

27.40 

25.58 

27.59 

25.03 

28.26 

24.68 

28.05 

26.28 

1 .83 

·1 .59 

0.90 

·0.92 

1 .09 

·1 .47 

1 .76 

·1 .82 

1 .55 

·0.22 

7% 

·6% 

3% 

·3% 

4% 

·6% 

7% 

·7% 

6% 

· 1 %  

TABLE S-23 

SUMMARY OF SENSITIVITY CASE RESULTS 

Lower-48 Production 
(TCF per year) 

2010 2015 

24.64 

25.48 

23.77 

25.08 

23.84 

25.22 

24.09 

26.1 9  

23.05 

25. 1 3  

24.1 1 

0.84 

·0.87 

0.44 

·0.80 

0.58 

·0.55 

1 .55 

·1 .59 

0.49 

·0.53 

3% 

·4% 

2% 

·3% 

2% 

·2% 

6% 

·6% 

2% 

·2% 

26.o? 

27.85 

24.51 

26.92 

25.1 4  

27.1 3  

24.61 

27.87 

24.22 

27.62 

25.84 

1 .78 

·1 .56 

0.85 

·0.93 

1 .06 

·1 .46 

1 .80 

·1 .85 

1 .55 

·0.23 

7% 

·6% 

3% 

·4% 

4% 

·6% 

7% 

·7% 

6% 

· 1 %  

Canada Production 
(TCF per year) 

201 0 2015 

7.40 

7.30 

7.23 

7.68 

7.17 

7.61 

7. 1 9  

7.88 

7.44 

7.35 

7.55 

·0. 1 0  

·0. 1 7  

0.28 

·0.23 

0.21 

·0.21 

0.48 

0.04 

·0.05 

0.1 5  

· 1% 

·2% 

4% 

·3% 

3% 

·3% 

6% 

1 %  

· 1 %  

2% 

8.17 

8.46 

7.85 

8.44 

7.87 

8.30 

8.03 

8.42 

7.63 

8. 1 2  

8.20 

0.29 

·0.32 

0.27 

·0.30 

0. 1 3  

·0. 1 4  

0.25 

·0.54 

·0.05 

0.03 

4% 

·4% 

3% 

·4% 

2% 

·2% 

3% 

·7% 

·1% 

0% 

U.S. Consumption 
(TCF per year) 

201 0  2015 

29.47 

30. 1 6  

28.46 

30.07 

28.55 

30.21 

28.75 

31 .35 

27.96 

29.90 

29.06 

0.69 

·1 .01 

0.60 

·0.92 

0.74 

·0.72 

1 .88 

·1 .51 

0.43 

·0.41 

2% 

·3% 

2% 

·3% 

3% 

·2% 

6% 

·5% 

1 %  

· 1 %  

31 .84 

33.82 

29.97 

32.69 

30.77 

32.97 

30.1 9  

33.75 

29.52 

33.29 

31 .62 

1 .98 

·1 .87 

0.85 

·1 .07 

1 . 1 3  

·1 .65 

1 .91 

·2.32 

1 .45 

·0.22 

6% 

·6% 

3% 

·3% 

4% 

·5% 

6% 

·7% 

5% 

·1% 

Henry Hub 
Gas Prices 

(1 998$ per MMBtu) 

201 0  2015 

3.23 

3.41 

2.96 

3.58 

2.92 

2.91 

3.50 

2.27 

3.79 

3.02 

3.39 

0.18 

·0.27 

0.35 

·0.31 

·0.32 

0.27 

·0.96 

0.56 

·0.21 

0 . 16  

6% 

·8% 

1 1 %  

·10% 

·10% 

8% 

·30% 

1 7% 

·7% 

5% 

3.81 

3.83 

3.51 

4. 1 5  

3.43 

3.47 

4.26 

3. 1 5  

4.47 

3.36 

3.89 

0.02 

·0.30 

0.34 

·0.38 

·0.34 

0.45 

·0.66 

0.66 

·0.45 

0.08 

1 %  

·8% 

9% 

·10% 

·9% 

1 2% 

· 17% 

1 7% 

· 1 2% 

2% 



Figure S-21 .  Impact of NPC Sensitivity Cases On Lower-48 
Gas Production Relative to Reference Case - 2010 
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would be approximately $16 .60 .  Refiner 
Acquisition Cost of Crude is a volume­
weighted price measure of all crude oils con­
sumed by U.S. refiners.) 

Lower Oil Price Sensitivity 

A Lower Oil Price sensitivity was devel­
oped to model the effects of lower than antici­
pated crude oil prices. In this case, West Texas 
Intermediate prices are assumed to average 
$15.00 per barrel, or $3.50 per barrel less than 
in the Reference Case. 

Results of Oil Price Sensitivities 

Table S-23 shows the results of the oil 
price sensitivities. In the Higher Oil Price 
case, lower-48 gas production in 2010 increas-

es by 0.84 TCF, and Henry Hub natural gas 
prices increase by $0.18 per MMBtu, while in 
the Lower Oil Price case, production declines 
by 0.87 TCF and Henry Hub natural gas prices 
decline by $0.27 per MMBtu. 

GOP Growth Sensitivity Cases 

Higher GDP Growth Sensitivity 

Two GDP growth sensitivities were 
developed. In the Reference Case, the U.S. 
Gross Domestic Product (GDP) is projected to 
grow at an average rate of 2.5% per year and 
the Canadian GDP is projected to grow at a 
rate of 2 .2% per year. In the Higher GDP 
Growth sensitivity, the average GDP is 0.5% 
per year higher. 
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Lower GDP Growth Sensitivity 

A Lower GDP Growth sensitivity was 
developed in which the average GDP growth 
is 0.5% lower than in the Reference Case. 

Results of GDP Growth 
Sensitivities 

Table S-23 shows the results of the GDP 
growth sensitivities .  In the Higher GDP 
Growth case, U.S. natural gas consumption 
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increases from 29.47 TCF in 2010 in the 
Reference Case to 30.07 TCF, an increase of 
600 BCF per year. In the Lower GDP Growth 
case, U.S. natural gas consumption in 2010 
declines to 28.55 TCF or 920 BCF per year. 
Lower-48 gas production in 2010 increases 
from 24.64 TCF in the Reference Case to 
25.08 TCF in the Higher GDP Growth case, 
and declines to 23.84 TCF in the Lower GDP 
Growth case. Henry Hub natural gas prices in 
2010 increase by $0.35 per MMBtu in the 
Higher GDP Growth case and decline by $0.31 
per MMBtu in the Lower GDP Growth case. 



Chapter Six 

Maj or Resource Area 
Discussions 

Gulf of Mexico 

The Gulf of Mexico (GOM) has been and 
will continue to be one of the key regions for 
supplying natural gas for the United States. 
The GOM, as of 1-1-1998, has produced 143 
TCF of natural gas and has existing proved 
gas reserves of 33 TCF. Assessed Additional 
Resources for the GOM are 319 TCF or 24% of 
the lower-48 resource. 

The history of the GOM has been a con­
tinuous exploration and production migra­
tion from near shore, shallow water to deep­
er waters. The split on cumulative GOM gas 
production has been 97% from the shelf 
(water depths less than 200 meters) and 3% 
from the deepwater (water depths greater 
than 200 meters ) .  However, the forecast 
shows this trend changing with large in­
creases in deepwater production and a grad­
ual decline in shelf production. 

The majority of development activity and 
production response from the GOM in the last 
ten years has been in the shelf and was fueled 
by the application of 3D seismic technology 
along with technology advances in directional 
drilling and completion practices. During this 
period, the exploration activity in the deep­
water GOM increased dramatically, resulting 
in many discoveries and a growing inventory 
of development prospects. 

The deepwater forecast for gas produc­
tion in the Reference Case shows an increase 
from 1 .5 TCF in 2000 to 4.5 TCF in 2010 and 
4.6 TCF in 2015 .  Due to the maturity of the 

shelf, production from that area during the 
forecast period will decrease. The net will be 
an overall GOM natural gas production 
increase from 5.7 TCF in 2000 to 8.0 TCF in 
2010 followed by a slight decrease to 7.6 TCF 
in 2015. Relative gas production contributions 
for 2015 are forecast to be 39% for the shelf 
and 61% for the deepwater GOM. 

Most of the GOM unproved gas reserves 
are associated with New Field exploration in 
the deeper waters. A volume of 139 TCF is 
estimated for the deepwater areas in Central 
& Western GOM. The unproved gas reserves 
associated with field appreciation are signifi­
cant at 73 TCF with the majority of this being 
in the shelf. 

Key pieces for the GOM in the HSM were 
the Reserve Appreciation model for the shelf, 
the field size distribution for New Fields, and 
the associated development schemes and costs 
for deepwater. The model incorporates tech­
nology advances in deepwater GOM that 
result in a steady decrease in exploration and 
development costs. 

The subsalt play in the GOM has a great 
deal of potential. However, the impact of sub­
salt development on GOM production in the 
model has been tempered to reflect the timing 
of necessary technology advances to improve 
finding success and reduce drilling costs. 

The Eastern GOM existing production 
area and the MMS Lease Sale 181 area have 
been incorporated into the model forecast with 
leasing for the Sale 181 area to start in 2001 .  
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Figures S-22, S-23, and S-24 show the pro­
duction and resource estimates for the COM 
and the lower-48 states. 

Gulf of Mexico Subcategories 
For purposes of grouping areas to esti­

mate total original hydrocarbon field distribu­
tions and development costs, the Central & 
Western COM was split into the following cat­
egories : water depths of 0-40m, 40-200m, 
200-1 ,000m, 1 ,000-1,500m and 1 ,500m+ (as 
shown in Figure S-25), and subsalt. Original 
in-place hydrocarbon field distributions and 
development cost models were developed for 
each category. 

The Eastern COM was split up into eight 
categories, again for purposes of grouping 
areas to estimate hydrocarbon field distribu­
tions, development costs, and access timing. 

Resource Base 
Proved reserves of natural gas in the 

COM as of 1 -1-98 were 33 TCF. Assessed 
Additional Resources total 319 TCF. Table S-24 
presents the assessment of gas resources for 
the Eastern and the Central & Western COM 

regions. The split between New Field and Old 
Field Appreciation resources is shown in 
Figures S-26 and S-27. 

The New Field resource base was esti­
mated by assuming an original in-place 
hydrocarbon field distribution and subtracting 
the discovered fields. Differences in the total 
field numbers and hydrocarbon volumes exist 
among the various categories due to sedimen­
tary volume estimates and the assumed 
hydrocarbon yields. The gas-in-place is calcu­
lated by applying the gas/ oil ratio assump­
tions, which vary from 74% gas and 26% oil in 
the shelf to 34% gas and 66% oil in some of the 
deepwater COM areas. A comparison of the 
hydrocarbon yields per cubic mile is shown 
for each category along with the assumptions 
for gas/ oil ratio in Table S-25. 

The Old Field Reserve Appreciation esti­
mates were based on historical trends of 
COM field reserve growth and historical 
trends of ultimate recovery per completion. 
Most of the COM Reserve Appreciation is in 
the shelf, reflecting the location of most of the 
existing fields. Reserve Appreciation for New 
Fields is included in the New Field hydrocar­
bon volume. 

Figure S-22. Natural Gas Annual Production 
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Figure S-23. Natural Gas Proved Reserves 

200 
LOWER-48 STATES 

180 GULF OF MEXICO 

1 60 

1- 140 w w u.. 
1 20 () 

a:i ::> 100 () 
z 
0 
::J 80 
....J 
ii 1- 60 

40 

20 

0 
1 998 2000 

Figure S-24. Natural Gas 
Assessed Additional Resources 
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Comparisons of the New Field and Old 
Field Reserve Appreciation natural gas 
resource estimates for the Central & Western 
GOM from this study and recent estimates by 
the Minerals Management Service (MMS), the 
Potential Gas Committee (PGC), and the Gas 
Research Institute (GRI) are shown in Figures 
S-28 and S-29. 

Cost Assumptions 

Exploration, development, and pipeline 
costs for the GOM shelf region were based on 
scenarios developed in the 1992 Study. The 
specific cost numbers were updated for the 
1999 Study based on recent industry studies. 

Cost assumptions for the deepwater 
GOM differ between the various categories 
and are driven primarily by differences in 
water depth. Development options for sur­
face completion and subsea were available 
dependent on field size and the gas/ oil ratio. 

Exploration and development costs 
change with time dependent on inflation fac­
tors and technology impacts. 
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Figure S-25. Water Depth Intervals of the Central & Western Gulf of Mexico 
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TABLE S-24 

GULF OF MEXICO RESOURCES 
(Bil l ion Cubic Feet) 

Assessed Additional Resources 

Total 
Assessed Total Total 

Proved Old Field New Additional Remaining Cumulative All-Time 

Reserves Appreciation Fields Resources Resources Production Recovery 

Eastern 5,700 2 , 1 60 40,655 42,81 5 48,51 5 1 ,500 50,0 1 5 

Central & 
Western 26,927 70,661 205,328 275,989 302 ,91 6 1 4 1 ,843 444,759 

Total 32,627 72,821 245,983 31 8,804 351 ,431 1 43,343 494,774 

Figure S-26. Central & Western Gulf of Mexico Natural Gas Resource 
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Production Decline and Reserve 
Appreciation Assumptions 

Although the deepwater gas production 
is forecast to increase dramatically, the shelf 
region has been and at present is the most sig-

nificant contributor to gas production in the 
COM. The Reserve Appreciation potential, 
based on existing fields, is estimated to be 
65 TCF for the Central & Western GOM shelf 
and 8 TCF for the rest of the COM. The 
decline of existing production and the decline 
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Figure S-27. Eastern Gulf of Mexico Natural Gas Resource 
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TABLE S-25 

HYDROCARBON YIELD AND 
GAS/OIL RATIO ASSUMPTIONS 

FOR CENTRAL & WESTERN 
GULF OF MEXICO 

Hydrocarbon 
Yield Gas/Oil 

Category (Mil l ion BOE Ratio 
(Water per (BOE 

Depths) Cubic Mile) Basis) 

0-40m 0.35 74/26 

40-200m 0.40 74/26 

200-1 ,000m 0.45 40/60 

1 ,000-1 ,500m 0.22 34/66 

+1 ,500m 0. 1 7  35/65 

rate for Reserve Appreciation additions are 
critical factors in estimating GOM production. 
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One indicator of the gas production trend 
in the GOM is the proved reserves/produc­
tion ratio (R/P) . Figure S-30 shows the recent 
RIP trends for the GOM. The overall RIP 
trend for the GOM has been stable due to the 
impact of deepwater wells. However, the RIP 
for the shelf has dropped through the 1990s 
from 5.4 to 4.5. The shelf reduction in R/P is a 
function both of decreasing proved reserves 
by 12% and increasing production by 6%. 

Another indicator of the production trend in 
the shelf is the high decline rates seen in some of 
the wells. The average annual decline rate for gas 
well completions in the shelf has increased from 
31% in 1994 to 43% in 1998. Technology advances 
in drilling and completion practices resulting in 
higher well deliverability have contributed to the 
increase in well decline rates. However, there are 
concerns that the high decline rates are an indica­
tion of a possible drop in well ultimate recovery 
and in region gas potential, particularly Reserve 
Appreciation opportunities. Also, the high 
decline rates result in a requirement for steady 
investment to sustain a rapid treadmill of devel­
opment and production. 

Historical data of Estimated Ultimate 
Recovery (EUR) per completion were used to 
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Figure S-28. Comparison of New Field Natural Gas 
Resource Estimates for Central & Western Gulf of Mexico 
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Figure S-29. Comparison of Old Field Appreciation Natural Gas 
Resource Estimate for Central & Western Gulf of Mexico 
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Figure S-30. Gulf of Mexico Proved Reserves/Production Ratio 
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SOURCE: DOEIEIA, U.S. Crude Oil, Natural Gas, and Natural Gas Liquids Reserves, Annual Reports, various years. 

address the issue of high decline rates as an 
indicator of decreasing shelf gas opportunities. 
Figure S-31 shows the EUR per shelf gas com­
pletion for various types of completions during 
the period 1992 through 1997. The data show a 
relatively constant trend of approximately 
4.5 BCF per gas completion for the total shelf. 
The data also show the variation between the 
completion types indicating the impact of the 
completion type mix. Figure S-32 shows the 
relative percentage of each completion type for 
gas completion activity during the period 1992 
to 1997. 

The production and EUR per completion 
data were used to estimate the trends in RIP 
and EUR per completion for Reserve 
Appreciation opportunities. The forecast rate 
used in the model for annual decline in exist­
ing production and additions of new wells is 
consistent with the present RIP of 4.5 with a 
decreasing RIP of approximately 2% per year. 
The EUR per gas completion used in the 
model for Reserve Appreciation was 4 BCF 
declining at 3.3% per year. 

The GOM shelf has been a region requir­
ing steady investment to maintain production. 
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The stability of production from the Reserve 
Appreciation opportunities will be directly 
related to the stability of industry investments 
in this region. 

Production and Reserve Forecast 
The production and reserves for the 

GOM are forecast to increase significantly, as 
shown in Figures S-33 and S-34 (breakout of 
Central & Western GOM and Eastern GOM). 

A more detailed understanding of the 
contributing areas can be seen in Figure S-35, 
which shows the production forecast by water 
depths for the Central & Western GOM. 
Figure S-36 shows the GOM drilling activity 
by water depth. These figures depict the con­
tinued increase in deepwater activity. 

Infrastructure Requirements 
The increase in GOM production and 

reserves reflects a significant increase in deep­
water drilling activity, as shown in Figure S-36. 

Table S-26 shows for the forecast period 
the required number of deepwater mobile 
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Estimated Ultimate Recovery per Completion 

NEW WELLS 

SIDETRACKS 
TOTAL 

RECOMPLETIONS 

0 �----------�----------.------------r----------�----------� 
1 992 1 993 1 994 1 995 1 996 1 997 

YEAR 

SOURCE: Energy and Environmental Analysis, Inc. ,  from PI/Dwights data bases. 

1-z llJ 
0 a: llJ a... 

Figure S-32. Gulf of Mexico Shelf Gas Well Completion Mix 
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Figure S-33. 
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Figure S-34. Gulf of Mexico Natural Gas Proved Reserve Forecast 
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Figure S-35. Gulf of Mexico Natural Gas Production by Water Depth 
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Figure S-36. Gulf of Mexico Drilling Activity by Water Depth 
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TABLE S-26 

EXISTING AND REQUIRED CENTRAL & WESTERN GULF OF MEXICO 
MOBILE DRILLING RIGS BY WATER DEPTH CATEGORY 

200 to 1 .ooom 1 .000 to 1 .SOOm 1.500m+ 
Available Available Available Available 

Mobile Rigs Mobile Rigs Mobile Rigs Mobile Rigs 
Year Rigs Required Rigs Required Rigs Required Rigs Required 

2000 1 5  1 9  1 1  
2001 1 5  33 1 2  
2002 1 5  32 1 2  
2003 1 4  31  1 2  
2004 1 4  31 1 2  
2005 1 4  29 1 2  
2006 1 3  28 1 2  
2007 1 3  29 1 2  
2008 1 3  28 1 2  
2009 1 2  26 1 2  
201 0 1 2  25 1 2  
201 1 1 1  24 1 1  
201 2 1 0  24 1 0  
201 3  1 0  22 1 0  
201 4 9 21  1 0  
201 5  9 20 9 

drilling rigs by water depth category along 
with the available (existing or planned as of 
1-1-99) drilling rigs. 

Technology Assumptions 
There were two significant technology 

assumptions specific to the COM that were 
used in the supply forecast: technology 
improvements in drilling efficiency and tech­
nology improvements in structure design, fab­
rication, and installation. 

The drilling efficiency improvements in 
the shelf are estimated to be 2.5% per year, 
similar to the onshore forecast. However, the 
drilling efficiency improvements in the deep­
water COM are assumed to be 3% per year. 
This increase in drilling efficiency for deep­
water areas is due to the relative historical 
level of activity for the shelf and deepwater. 
The deepwater COM is a new area of focus, 
with high operating costs and complex opera­
tions. 

Improvements in structure design, fabri­
cation, and installation were forecast for the 
Reference Case to be 1 .5% per year. The esti-
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7 
7 
1 2  
1 2  
1 0  
1 3  
1 2  
1 3  
1 2  
1 2  
1 2  
1 2  
1 1  
1 1  
1 1  
1 1  

1 9  2 45 28 
26 2 53 42 
26 3 53 47 
26 6 52 49 
26 6 52 47 
26 6 52 48 
26 6 51 46 
26 8 51 50 
26 8 51  48 
26 9 50 47 
26 9 50 46 
26 9 48 45 
25 1 0  45 45 
23 1 0  43 43 
22 1 0  41  42 
21 1 0  39 41 

mate for the Faster Technology Advancement 
case is 4% per year. 

Rocky Mountains 

In our analysis of the Rocky Mountain 
area, four different HSM regions were eval­
uated: 

• Foreland Region 

• San Juan Basin 

• Western Overthrust Belt 

• Williston Basin. 

The impact of Assessed Additional 
Resources is illustrated in Table S-27. As 
shown in this table, the Foreland Region 
accounts for the majority of Assessed 
Additional Resources. The San Juan Basin, 
while significant, contains less than 10% of the 
Foreland's potential.  The Williston and 
Overthrust Belt areas will have a relatively 
small impact on future production from the 
Rockies. Because of this, the major emphasis 
of our analysis was in the Foreland Region 
and the San Juan Basin. 



Old Field 
Proved Apprecia-

Reserves tion 

Foreland Region 1 7,31 2  28,949 

San Juan Basin 1 4,872 1 1 ,673 

Overthrust Belt 2,91 7 702 

Williston Basin 1 ,241 2,653 

Total 36,342 43,977 

*Primarily low-Btu gas. 

TAB LE S-27 

ROCKY MOUNTAI N  RESOURCES 
(Bil l ion Cubic Feet) 

Assessed Additional Resources 

Coal bed 
New Fields Methane Tight Gas Other* 

99, 1 80 29,371  1 36,972 1 4,689 

2,209 1 0,058 0 0 

6,731 0 0 0 

3,088 0 0 0 

1 1 1 ,208 39,429 1 36,972 1 4,689 

Total 
Assessed Total Total 
Additional Remaining Cumulative All-Time 
Resources Resources Production Recovery 

309, 1 61 326,473 30,038 356,51 1 

23,940 38,81 2 21 ,482 60,294 

7 ,433 1 0,350 1 ,700 1 2 ,050 

5,741 6 ,982 4,488 1 1 ,470 

346,275 382,61 7 57,708 440,325 



The Rocky Mountain areas discussed 
above currently account for approximately 
14% of lower-48 gas production, and this will 
increase to nearly 18% by 2015. Production 
growth from this area will be a major factor in 
meeting growing U.S. demand for natural gas. 

The projection of Rocky Mountain gas, 
by model area, is as shown in Figure S-37. As 
can be seen in Figure S-37, the Foreland region 
will be the major growth area for the Rockies. 
An analysis of the area is following. 

Foreland Region 

The projection of Foreland natural gas 
production is shown in Figure S-38. As can be 
seen in Figure S-38, nonconventional gas sup­
plies, principally coalbed methane and tight 
gas, will be the driving force behind higher 
production. Regarding coalbed methane, as 
illustrated in Figure S-39, the Powder River, 
Green River, Uinta, and Piceance Basins will be 
areas of higher coalbed methane production. 

Technology will be critical for the devel­
opment of these nonconventional resources. 
Figures S-40 and S-41, based on the Reference 

Case assumptions, show the impact of the 
evolution of technology on the growth of non­
conventional gas sources such as coalbed 
methane and tight gas. 

Figure S-42 shows the Supply Task 
Group's estimates of future drilling in the 
Foreland Region. 

San Juan Basin 

Production from the San Juan Basin has 
more than doubled since the 1992 Study, to 
about 1,500 BCF per year. This was due to 
development of the Fruitland coalbed 
methane interval. It is projected that the 
Fruitland will start its natural decline in the 
next several years. Production from the Mesa 
Verde (Low Perrniability) will grow, but not to 
the extent needed to completely compensate 
for the anticipated decline of the Fruitland, as 
shown in Figure S-43. 

Well count projections for the San Juan 
Basin are shown in Figure S-44. The higher 
drilling activity is a function of denser well 
spacing in both the Fruitland coalbed methane 
and tight gas intervals. 

Figure S-37. Rocky Mountain Gas Production 
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Figure S-38. Foreland Region Gas Production 
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Figure S-39. Foreland Region Coalbed Methane Production 
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Figure S-40. Foreland Region Coalbed Methane 
Recoverable Resource and Amount Proved in Projection 
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Figure S-41 . Foreland Region Tight Gas 
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Figure S-42. Foreland Region Drilling Projection 
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1 994 1 997 

COALBED 
METHANE 

2000 2003 
YEAR 

2006 2009 201 2 201 5  

S-77 



Figure S-44. San Juan Basin Drilling Projection 
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Canada 

The performance of the natural gas 
upstream industry in Canada will continue to 
have a significant impact on domestic supply. 
The Western Canadian

-
Sedimentary Basin 

dominates the natural gas supply role in 
Canada; gas either currently inventoried as 
frontier or still to be found north of current 
pipeline infrastructure (following the start-up 
of the Alliance Pipeline project in 2000) is not 
expected to be available to the North 
American supply grid for some time. Gas 
now entering the northeastern U.S. from the 
east coast of Canada (Scotian Shelf develop­
ments) is expected to rise over the forecast 
period-ramping up to roughly 1 BCF /D by 
2010 (and sharply increasing to 1 .6  BCF /D 
thereafter); however, the continuing strength 
of a 6 to 7 TCF /year production rate from the 
western basin is an important element in 
North American supply. It is projected that 
approximately 15% of U.S. domestic demand 
will be supplied from Canada over the next 15 
years. 

The 1999 Study assessment of the recov­
erable gas resource base for Canada is shown 
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2005 
YEAR 

20 1 0  201 5 

in Table S-28. The Total Remaining Resource 
of 667 TCF (about 1 0% proved), available to 
both Canadian and U.S. markets only with 
significant infrastructure additions at the 
extremities of current pipeline systems, com­
pares to the modeled lower-48 resource base 
(proved plus estimated undiscovered gas) of 
roughly 1,466 TCF (11% proved). (Both esti­
mates include the expectation of advanced 
technology applications.) 

Extension of a western Canadian pipeline 
north through the Northwest Territories (in 
order to connect gas found in the Mackenzie 
Delta area) is estimated to occur in 2009 in the 
Reference Case. Current sentiment in the 
Canadian upstream community suggests that 
this project may be completed earlier; since the 
extension is likely to be a producer-initiated 
project. This heavily discussed possibility is 
expected to receive much attention from ana­
lysts in the near future. 

To give more definition to the distribu­
tion and impact of Canadian gas supply on 
both current and future demands of the 
United States, Table S-29 shows regional pro­
duction and total exports to the United States. 



Old Field 
Proved Apprecia-

Reserves tion 

Alberta, 
Manitoba, 5 1 ,864 1 8,620 

Saskatchewan 

Br. Columbia 8,734 3,283 

NW Canada 31 6 0 

E. Canada 2,932 478 

Arctic Canada 0 0 

Total 63,846 22,381 

Cfl I 
� 

TABLE S-28 

CANADIAN RESOURCES 
(Bil l ion Cubic Feet) 

Assessed Additional Resources 

Discovered Coal bed Tight Gas/ 
Undeveloped New Fields Methane Other 

0 62,548 74,007 88, 1 80 

0 32,465 0 0 

1 0,000 80, 972 0 0 

1 1 ,000 96,497 0 0 

1 4,000 1 1 1 ,051 0 0 

35,000 383,533 74,007 88, 1 80 

Total 
Assessed Total Total 
Additional Remaining Cumulative All-Time 
Resources Resources Production Recovery 

243,355 295,21 9  89,677 384,896 

35,748 44,482 1 1 ,685 56,067 

90,972 91 ,288 408 91 ,696 

1 07,975 1 1 0,907 1 ,042 1 1 1 ,949 

1 25,051 1 25 ,051 0 1 25,051 

603,1 01 666,947 1 02,71 2 769,659 



TABLE S-29 

PROJECTED GAS PRODUCTION IN CANADA BY R EGION 
(Trill ion Cubic Feet per Year) 

1 998 2000 2005 201 0 201 5 

Alberta, Manitoba, 
Saskatchewan 5.0 5.4 6 . 1  5 .8 5 .6 

British Columbia 0.6 0.7 0.8 1 . 1 1 .2 

Northwest Canada 0 . 1  0.6 

Eastern Canada 0.01 0.01 5 0.2 0.4 0.8 

Arctic Canada 

6.1 1 7.1 7.4 8.2 

Modeled Exports 
to United States 3 . 1  3.7 3.7 4.3 

% of U.S. Demand 1 3.4% 1 4.3% 1 3.1 % 1 3.8% 

Almost all of the gas produced in the projec­
tion comes from conventional reservoirs, with 
a minor contribution from coalbed methane. 

The Reference Case production projec­
tion is shown graphically in Figure S-45.  
Historical and projected Canadian gas exports 
to the United States are expected to continue 
to increase, as shown in Figure S-46. 

While the ability of the resource to sup­
ply markets in the United States has long been 
constrained by pipeline capacity, this is not 
expected to be a condition that characterizes 
future upstream performance of the Western 
Canadian Basin. New takeaway capacity has 
eliminated near-term pipeline constraints and 
the continued performance of the resource 
area is expected to be more affected by opera­
tions (short drilling seasons due to weather­
related access constraints, together with access 
issues relating to land use in foothills and 
mountain area preserves) and by competitive 
demands from Canada's industrial, resource 
extraction, and power generating sectors. An 
effect of declining light oil production and the 
emergence of heavy oil as the dominant pro­
duction stream will also impact gas supply 
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over time, since light oil production is an asso­
ciated gas "supplier," and heavy oil opera­
tions become more natural gas "consumers." 

Therefore, while prospectivity of the 
western basin is perceived to be more exten­
sive than analogous areas in the lower-48 
states, drilling activity can only increase 
modestly in response to increased demand 
and stronger price incentives. Gas wells 
(almost all drilled in Alberta, Saskatchewan, 
and British Columbia) are expected to rise 
from roughly 3,500/year to over 5,000/year 
during the first half of the forecast period 
(see Figure S-46), and the effects of higher 
deliverability wells (drilled in currently 
unavailable regions),  while perhap s  more 
expensive and complicated, are projected to 
supply the deliverability that offsets normal 
(and increasingly stronger) production 
declines .  The ability to drill at a rate of 
14,000 wells/year (oil, gas, and dry holes) 
has been demonstrated as recently as 1997, 
and the new well count is expected to 
rebound to this level-only over the next five 
years. As mentioned, higher rate wells are 
expected from increasingly deeper and more 
complicated wells-but this delivery capacity 
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Figure S-45. Historical and Projected Gas Production in Canada 
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Figure S-46. Historical and Projected U.S. Gas Imports from Canada 
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Figure S-47. Historical and Projected Gas Wells in Canada 
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may actually reduce the well activity rates 
back to a 7,000 to 8,000 wells per year level. 

Despite the projected increase in new 
well capacity over the forecast period, strong 
price incentives (low differentials into the U.S. 
market) and abundant capital are required to 
maintain a healthy Canadian upstream oil and 
gas exploration and development industry. 
Drilling location access, deeper wells, and 
pipeline gathering/processing (an absolute 
requirement for dew point control in this cli­
mate regardless of produced gas chemistry) 
will continue to affect the ability of Canadian 
producers to meet the export demand. 

Mid-Continent 
Natural gas production from the Mid­

Continent Region has been relatively flat over 
the past eight years, reflecting an overall 
decline approximating 1 %/year; with varia­
tions from year to year. The region's proved 
reserves of 26 TCF represent 17% of the U.S. 
resource base (Table S-30). 

Total Remaining Resources (proved plus 
unproved) of 138 TCF represent 9% of the esti-
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mated U.S. resource base. Recent production 
rates of just over 2 .8  TCF /year comprise 
roughly 14-15% of the domestic production 
rate (Table S-31) .  Annual production devel­
oped from the model is expected to decline 
over the next 15 years, and as a result the vol­
umes become less of a contributor to domestic 
production, and therefore a decreasing per­
centage amount of U.S. demand. 

Representing 14-15% of the lower-48 pro­
duction base, the Mid-Continent Region is 
currently second only to the Gulf of Mexico in 
annual gas production. Having produced 
more gas than any other region, this densely 
drilled area continues to rank high in proved 
reserves, with the highest ultimate recovery 
ranking of all regions (cumulative production 
plus remaining proved reserves). Consistently 
large Mid-Continent production volumes in 
the past also imply a continuing strong contri­
bution over the forecast period. Statistical 
extrapolations from historical trends suggest 
continued Mid-Continent competitiveness 
with other supply regions (Figure S-48). 

Recent drilling activity levels have been 
over 6,000 wells per year (oil, gas, and dry 
holes), with up to 2,000 gas wells per year. 
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TABLE S-30 

MID-CONTINENT RESOURCES 
(Bil l ion Cubic Feet) 

Assessed Additional Resources 
Total 

Assessed 
New Coal bed Tight Additional 

Reserves Appreciation Fields Methane Gas Resources 

25,942 48,430 

Year 

Annual Production 

39,675 7,449 1 6,923 1 1 2,477 

TABLE S-31 

MID-CONTIN ENT GAS PRODUCTION 

2005 

2.8 TCF 

201 0 

2.7 TCF 

Total 
Cumulative All-Time 
Production Recovery 

1 81 ,445 3 1 9,864 

201 5 

2 .6  TCF 
(0.7%/yr decline) (0.7%/yr decl ine) 

% of U.S. Production 1 2 .4% 1 0 .9% 9 .6% 

Figure S-48. Mid-Continent Gas Production 
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The region is characterized by numerous play 
types, with hydrocarbons occurring from 
extremely shallow plays through 25,000+ foot 
sediments. The Mid-Continent Region also 
enjoys a regulatory climate that favors the 
exploration and production industry. Infra­
structure is well established and extensive, 
suggesting that the ability of the region to 
meet expectations is limited only by the 
resource. Figure S-49 shows projected gas 
well completions through 2015. 

As a result of existing high well density 
in the region, the per-well contribution to the 
projected production is modest, estimated 
at 0 .5-1 . 0  BCF per conventional gas well 
(Figure S-50) .  

A continued emphasis on marginally 
profitable oil projects and multi-well drilling 
programs is projected to result in a 75% 
increase in drilling projects-from close to 
4,000 wells/year currently to over 7,000 
wells/year ten years from now. Investment 
decisions are expected to generate a steady 
increase to the 5,000 wells I year level by the 
2004-2006 period, and a subsequent rapid 
escalation in drilling activity to the 7,000 
wells/year level by 2010. Roughly one-third 

of the wells drilled are gas wells, and only a 
small fraction of these target tight gas reser­
voirs or coalbed methane accumulations, with 
a commensurately small but increasing contri­
bution from these resources. 

High permeability non-associated gas 
will continue to dominate regional produc­
tion. While the contribution of associated gas, 
coalbed methane, and tight gas reservoirs 
does increase over time, it is not projected to 
represent more than 20% of production. 
Associated gas, now making up 60% of this 
20%, rises only slightly, eventually becoming 
less significant (less than 40%) in terms of the 
"mix" not attributable to conventional, higher­
permeability gas reservoirs. 

The implications of these model results, 
however, are challenging. The data suggest 
renewed emphasis on all oil and gas resource 
projects in the region. While individually these 
projects are likely to offer only marginal pro­
duction and modest economic expectations, 
their combined contribution will be significant. 
It is the relatively low implied risk that drives 
these projects. Numerous projects that focus 
on in-field development are expected to sup­
port continued growth in existing fields. A 

Figure S-49. Historical and Projected 
Gas Wells in Mid-Continent Region 
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Figure S-50. Historical and Projected Gas Well Recovery 
in Mid-Continent Region 
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"higher risk" component of the Mid-Continent 
picture is the 40 TCF associated with currently 
undiscovered accumulations. Most of this 
resource base is assessed in extremely deep 
accumulations. Historical drilling projects 
have tested many of the obvious large struc­
tures that exist at depth, especially in the 
Anadarko Basin. This resource is extremely 
challenging to exploit, but with significant 
advances in extraction technology may be 
demonstrated within the forecast period. 

Texas Gulf Coast Onshore 

The Texas Gulf Coast Onshore continues 
to be an important natural gas supply source. 
Resource estimates are shown in Table S-32. 
Remaining proved reserves are estimated to 
be 14.9 TCF or 9 .5% of remaining U.S. 
reserves. The region has cumulative produc­
tion of 140.5 TCF or approximately 15.9% of 
total U.S. natural gas production to date. 
Estimated Total Remaining Resources are 
130.9 TCF, or 8.9% of the total U.S. resource 
base. Current production from this region is 
about 210 BCF per month. 

2005 201 0  201 5  
YEAR 

The 1992 Study predicted that the Texas 
Gulf Coast Onshore would experience contin­
ued production decline. However, gas pro­
duction has increased substantially. The 
region continues to experience both New Field 
discoveries and low permeability develop­
ment. The single most important aspect of 
increased activity since the 1992 Study has 
been the development of the Wilcox Lobo 
trend. 

The New Field resource base was esti­
mated by updating the assessment of the 1992 
Study. The estimated original in-place hydro­
carbon field size distribution was determined. 
Discovered fields were ranked by field size 
and subtracted from the total to arrive at a 
remaining New Field resource base. Low 
permeability resources were also evaluated. 

In the projection (see Figure S-51), high 
permeability reservoirs are expected to contin­
ue to provide the majority of production 
through 2015, and high permeability produc­
tion will increase over the long term. In 1998, 
high permeability non-associated gas repre­
sented about 70% of production. While asso­
ciated-dissolved gas production is projected to 
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TABLE S-32 

TEXAS GULF COAST ONSHORE R ESOURCES 
(Bi l l ion Cubic Feet) 

Assessed Additional Resources 

Total 

Proved 
Reserves 

Old 
Field 

Appreciation 
New 

Fields 
Tight 
Gas 

Assessed 
Additional 
Resources 

Total 
Remaining 
Resources 

Cumulative 
Production 

Total 
All-Time 

Recovery 

1 4,858 54,341 52,550 9 , 1 1 4  

continue to decline, low permeability produc­
tion will increase, representing about 28% of 
production by 2015. 

A substantial increase in drilling activity 
is projected for the region. Figure S-52 shows 
the level of total well completion activity that 
is necessary to meet the above production pro­
jection. 

1 1 6,005 1 30,863 1 40,468 271 ,331 

Continued drilling activity is extremely 
important when one considers that approxi­
mately 80% of current deliverability has come 
on line within the last 10 years. Analyzing 
decline rates by vintage also shows that new 
supplies are declining at a higher rate than 
older vintages, 1 7% per year versus 10%. This 
increase in decline rate is due primarily to 

Figure S-51 .  Texas Gulf Coast Onshore Gas Production 
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Figure S-52. Annual Oil and Gas Well Completions, 
Texas Gulf Coast Onshore 
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smaller reservoirs being completed with bet­
ter, more-efficient completion procedures. 

Eastern Gulf Coast Onshore 
The Eastern Gulf Coast Onshore is 

defined geographically as onshore South 
Louisiana, Alabama, Mississippi, and Florida. 

Resource estimates are shown in Table S-33. 
Remaining proved reserves are estimated to 
be 7.8 TCF or 5.0% of remaining U.S. reserves. 
These regions have cumulative production of 
111 .9 TCF or approximately 12.7% of total U.S. 
natural gas production to date. Estimated 
Total Remaining Resources are 58.9 TCF, or 
4.0% of the total U.S. resource base. Current 

TABLE S-33 

EASTERN GULF COAST ONSHORE RESOURCES 
(Bil l ion Cubic Feet) 

Old Total 

Field Assessed Total Total 

Proved Apprecia- New Coal bed Additional Remaining Cumulative All-Time 
Reserves tion Fields Methane Resources Resources Production Recovery 

MS, AL, FL 1 ,955 5,069 8,674 5,209 1 8,952 20,907 1 2,756 33,663 

S. LA 5,855 20,361 1 1 ,838 0 32, 1 99 38,054 99, 1 27 1 37, 1 81 

Total 7,81 0 25,430 20,51 2 5,209 51 ' 1 51 58,961 1 1 1 ,883 1 70,844 
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production from this region is about 100 BCF 
per month. 

The resource base was estimated by eval­
uating the original in-place hydrocarbon field 
distribution from the 1992 Study, and subtract­
ing the discovered fields. Coalbed methane 
resources were also assessed. In recent years, 
these regions have been more impacted by 
Old Field Reserve Appreciation than by New 
Field discoveries. Fields tend to be multi-pay 
and highly faulted in character, which pro­
vides opportunities for reserve appreciation. 

The 1992 Study accurately predicted that 
the Eastern Gulf Coast Onshore would experi­
ence continued decline trends. Figure S-53 
shows historical and projected gas production 
for these regions. Most gas production is non­
associated gas from high permeability sand­
stone reservoirs. Associated gas production 
will continue to decline and coalbed methane 
production in the Warrior Basin of Alabama 
will vary. The combination of these categories 
is never expected to be more than about 20% 
of the region's production. 

Analysis of Figure S-54 reveals the 
importance of continued drilling activity to 

maintain deliverability in this region. 
Approximately 70% of current deliverability 
has come on line within the last 1 0  years . 
Analyzing decline rates by vintage also shows 
new supplies are declining at a higher rate 
than older vintages, 18% per year versus 10%. 
This increase in decline rate is due primarily 
to smaller reservoirs being completed with 
better, more efficient completion procedures. 

Permian Basin 
The Permian Basin is considered to be a 

mature producing province at shallow depths 
and in the oil-prone areas. However, it has 
very important deep and tight gas resources. 
The Supply Task Group's assessment of the 
Permian Basin resource base is shown in 
Table S-34. As can been seen in Table S-34, we 
are expecting Assessed Additional Resources 
(unproved) of 73.2 TCF or approximately 73% 
of Estimated Ultimate Recovery. 

. . 
As is sh�wn in Figure S-55, we are pro­

Jectmg Permian Basin production of about 
1,500 BCF per year until approximately 2010. 
At about this time, the model output indicates 

Figure S-53. Eastern Gulf Coast Onshore Gas Production 
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Figure S-54. Annual Oil and Gas Well Completions, 
Eastern Gulf Coast Onshore 
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TABLE S-34 

PERMIAN BASIN RESOURCES 
(Bill ion Cubic Feet) 

Assessed Additional Resources 

Total 
Old Assessed Total 

Proved Field New Tight Additional Cumulative All-Time 
Reserves Appreciation Fields Gas Resources Production Recovery 

1 2,293 22,31 9 31 ,353 1 9,521 73, 1 93 87,976 1 73,462 

201 5  

an increase in production due to increased 
exploratory drilling related to a combination 
of two factors: 

reservoirs whose characteristics are very 
challenging under current technology. 

• Evolution of technology, which results in 
an improved ability to exploit deeper 

• Projected higher prices (both oil and gas), 
which result in improved project eco­
nomics, justifying the higher risk profile. 
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This combination of factors results in the 
higher gas production from deeper reservoirs 
(which will be more gas prone versus oil) .  
The projection of drilling activity is shown in 
Figure S-56. Drilling activity will slightly 
exceed the recent peak seen in 1997. Although 
the Permian Basin will still be primarily an 
"oil play," the mix of hydrocarbon targets will 
change somewhat. Because of the factors 
noted above, price incentives, and technologi­
cal improvements, exploratory activities will 
have a significant increase. As Figure S-57 
shows, this is a departure from the region's 
recent history, which has been dominated by 
exploitation with limited exploration. 

Exploratory wells will account for almost 
half of all wells drilled by 2012. As a result, 
projected dry holes will increase from their 
historical average of 20% to approximately 
one-third of wells drilled by 2012. 

Our analysis is projecting an increase in 
tight gas completions, commencing in approx­
imately 2007, as shown in Figure S-58. 

As a result of higher demand and prices 
and facilitated by technological advances, 
denser well spacing is anticipated in the fol­
lowing tight gas areas of the Permian Basin: 

• Canyon Sand (Southeast Permian Basin, 
near Ozona and Sonora, Texas) 

• Abo (Southeast New Mexico) 

• Morrow (Southeast New Mexico). 

Tight gas production is projected to 
increase from 300 BCF per year as of 2006 and 
to 500 BCF per year by 2015, as a result of the 
increased drilling activity, to a level of one­
fourth of Permian Basin gas production. 

Figure S-55. Permian Basin Gas Production 
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Figure S-56. Permian Basin Drilling Projection 
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Figure S-57. Permian Basin Exploratory Activity 
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Figure S-58. Permian Basin Gas Well Completion Projections 
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Chapter Seven 

Determination of 
Model Inputs 

The GRI Hydrocarbon Supply Model 
(HSM) was used to investigate gas supply 
issues for National Petroleum Council's 1992 
Study on Natural Gas and was chosen again 
for this study. The HSM was developed by 
Energy and Environmental Analysis, Inc. 
(EEA) for the Gas Research Institute (GRI) in 
the early 1980s and has undergone continu­
ous updates and improvements since then. 
The HSM is a PC-based analytical framework 
designed for the simulation, forecasting, and 
analysis of natural gas, crude oil, and natural 
gas liquids supply, and for cost trends in the 
United States and Canada. It is a process­
engineering model with a very detailed repre­
sentation of potential gas resources and the 
technologies with which those resources can 
be proved and produced. The degree and 
timing by which resources are proved and 
produced are determined in the model 
through discounted cashflow analyses of 
alternative investment options and behav­
ioral assumptions in the form of inertial and 
cashflow constraints and the logic for setting 
producers' market expectations (e.g., future 
gas prices). 

The model covers the lower-48 United 
States, Alaska, and Canada. The lower-48 
states are broken down into thirteen onshore 
regions and four offshore regions (see Figure 
S-1 in Chapter One of this Supply Task 
Group Report). The onshore regions in the 
model are divided into four depth intervals: 
0-5,000 feet, 5-10,000 feet, 1 0-15,000 feet, and 

below 15,000 feet. The offshore regions are 
divided into up to eight water depths or 
areas. Each depth interval within each 
region is modeled with a unique resource 
base, exploratory find rates, drilling costs, 
and well production profiles .  Canada is  
divided into five regions, which are further 
divided into intervals representing drilling 
depths or subregional areas. Resources in 
the HSM are divided into three general cate­
gories: Old Field Reserve Appreciation, New 
Fields, and Nonconventional Gas. Table S-35 
summarizes the gas resource assessment of 
the 1999 Study, and compares it to the 1992 
Study. Both current and advanced technolo­
gy resources are shown. Characterization of 
each category of resource as well as other 
model inputs are discussed below. 

Old Field Reserve Appreciation 

Reserves in a field are proved over a peri­
od of several years. For this reason, only a 
portion of the gas reserves in fields found by a 
New Field drilling increment undertaken in a 
year will be proved and available for produc­
tion in that year. The remaining reserves will 
be proved in later years. The HSM maintains 
inventories of potential resources that can be 
proved from already discovered fields. This 
resource is commonly referred to as "Old 
Field Reserve Appreciation." As the model 
simulation proceeds, these Old Field Reserve 
Appreciation inventories are drawn down as 
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TABLE S-35 

COMPARISON OF ALL-TIM E  GAS RECOVERY ASSESSMENTS 
1 999 VS. 1 992 NPC STUDIES 

(Tri l l ion Cubic Feet of Total Gas) 

1992 1999 1 992 1 999 
NPC Study NPC Study NPC Study NPC Study 

(1 ·1 ·91 ) (1 ·1 ·98) (1 ·1 ·91) (1 · 1 ·98) 
"Base" Tech Current Tech Advanced Tech Advanced Tech 

LOWER-48 STATES 
Cumulative Production 758 881 758 881 

Proved Reserves 1 60 1 57 1 60 1 57 

Ultimate Recovery 91 8 1 ,038 91 8 1 ,038 

Old Field Reserve 2 1 5  305 236 305 
Appreciation 

New Fields 429 573 493 633 

Nonconventional 263 289 406 371 

Assessed Additional 907 1 , 1 67 1 , 1 35 1 ,309 
Resources 

Total Remaining 1 ,067 1 ,324 1 ,295 1 ,466 
Resources 

All-Time Recovery 1 ,825 2,205 2,053 2,347 

CANADA 
Cumulative Production 65 1 03 65 1 03 

Proved Reserves 72 64 72 64 

Ultimate Recovery 1 37 1 67 1 37 1 67 

Old Field Reserve 22 22 24 22 
Appreciation 

Discovered 47 35 47 35 
Undeveloped 

New Fields 345 346 379 384 

Nonconventional 1 35 1 26 2 1 8  1 62 

Assessed Additional 549 529 668 603 
Resources 

Total Remaining 621 593 740 667 
Resources 

All-Time Recovery 686 696 805 770 
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the resources are proved. At the same time, 
the appreciation inventories are increased 
from future year appreciation to New Fields 
discovered during the model simulation. 

One of the assumptions the user of the 
HSM must make is the size of the Old Field 
Reserve Appreciation potential as of some 
recent year. For the 1992 Study, an extensive 
statistical analysis was made of historical field 
growth histories to estimate the Old Field 
Reserve Appreciation potential as of 1989. 
This analysis was revised extensively to 
update those assumptions for the 1999 Study. 

NPC Assessment of 
Old Field Reserve Appreciation 

The term used to describe the sum of an 
oil or gas field's Cumulative Production plus 
Proved Reserves is Estimated Ultimate 
Recovery (EUR). Data on EUR by year of field 
discovery have been published by the 
American Petroleum Institute (API) and the 
American Gas Association (AGA) from 1966 
to 1979 and by the EIA from 1977 to the pre­
sent. Since the data were first published, EUR 
for most oil and gas fields has consistently 
increased over time. The estimate of addition­
al future increases in a field's reserves is Old 
Field Reserve Appreciation. Old Field Re­
serve Appreciation occurs as a result of field 
extensions and new reservoirs, positive revi­
sions resulting from infill drilling, technology 
leading to improved recoveries, recomple­
tions, and workovers, lower abandonment 
pressures, and improved economics leading to 
lower abandonment rates. 

Much Old Field Reserve Appreciation is 
a function of how well the physical parame­
ters of the reservoir can be understood and 
utilized as a basis to target new well comple­
tions. Increasingly sophisticated technologies 
ranging from 3D seismic, horizontal drilling, 
cased and open-hole logging, and computer 
visualization/ simulation have allowed pro­
gressively improved characterization of reser­
voirs and their heterogeneities. True Old Field 
Reserve Appreciation occurs when hydrocar­
bons that are not in flow commw1ication with 
existing wellbores are accessed, or when exist­
ing non-economic flow rates improve and 
become economic. Old Field Reserve Ap­
preciation should not be confused with rate 
acceleration. 

The basis for all Old Field Reserve 
Appreciation is that reservoirs are not uni­
form tank-like rock volumes whose pore 
space is filled with hydrocarbons.  The nature 
of the reservoir varies laterally and vertically 
based on the depositional system that formed 
the accumulated rock volume, and on post­
depositional events like faulting and cemen­
tation of pore space. The greater the geologic 
variability in the reservoir, the more hetero­
geneous the reservoir is likely to be, leading 
to greater compartmentalization of the 
hydrocarbon-bearing pore space. The better 
these internal heterogeneities can be de­
scribed through the process of reservoir char­
acterization, the more the remaining resource 
can be targeted and produced. Because 
understanding of any given reservoir, field, 
or group of fields improves as more wells are 
drilled, and because technology improves 
over time, reserve appreciation is sensitive to 
both cumulative drilling and time. Reserve 
appreciation algorithms have used one or 
both of these parameters as part of their 
assessment methodologies. 

Some of the technologies applicable to 
natural gas reserve appreciation were 
reviewed in the 1992 Study. All of these tech­
nologies remain applicable to natural gas 
reserve appreciation and include improve­
ments in well logging, well stimulation, meth­
ods of reservoir engineering diagnosis, and 
seismic acquisition and interpretation. Well 
logging continues to improve, resulting in the 
ability to evaluate low resistivity contrast pay 
zones in the open-hole environment. Cased­
hole resistivity logging is near or at commer­
cial reality. Well stimulation, especially diag­
nostics for hydraulic fracturing, have 
improved in the last five years, leading to 
lower costs and more effective well clean-up 
after fracturing. 3D seismic processing and 
interpretation capabilities using computer 
workstations have allowed vastly improved 
imaging of reservoir compartmentalization. 
Using many new software products, geophys­
ical images can be combined with geologic 
and engineering data to help visualize what 
parts of the reservoir have been produced and 
where remaining hydrocarbons may be 
trapped. Mention should also be made of 
improvements in deviated and horizontal 
drilling capability. Considerable experience 
has been gained with this technology with the 
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result that more extended-reach wells have 
been drilled and successfully completed. 

Previously published estimates for the 
growth of existing proved reserves were made 
on a subjective basis or they were based upon 
a statistical analysis of past history (i.e., how 
reserves are added to fields as a function of 
time) . The statistical relationship of how 
reserves are added through time is commonly 
referred to as a "growth curve." In the 1992 
Study, a new technique was developed to esti­
mate a lower-48 reserve growth curve as a 
function of both time and total lower-48 gas 
drilling activity. Reserve growth potential of 
non-associated gas in each region was calculat­
ed by applying the growth curves to fields in 
each region. Likewise, oil field growth was 
estimated as a function of time and lower-48 
oil well drilling activity, and that curve was 
applied to oil fields to estimate regional appre­
ciation potential of crude oil and associated­
dissolved gas. 

Because reserve growth is such a signifi­
cant part of the overall resource base, it was 
determined that the 1999 Study should build 
on the work of the 1992 Study by performing 
more region-specific statistical analyses. The 
approach selected at the beginning of the 
1999 Study was to match annual EUR 
derived from EIA Form 23 with gas well 
drilling activity from the PI /Dwights gas 
well reports. Those data were then used to 
estimate growth curves for each field vintage 
(i.e., all fields found in one year) within a 
region as a function of time and the number 
of wells drilled in those fields. The Dallas 
Field Office of EIA using confidential infor­
mation contained in the Form 23 reserve 
reports performed this work. 

Because of the long time needed to pre­
pare the EIA data for all regions of key inter­
est, EEA conducted a second, less data-inten­
sive approach for input into the Reference 
Case. This second approach updated an EEA 
analysis conducted for the Gas Research 
Institute in 1993 based on the observation that 
successive increments of drilling in fields of a 
certain age show declining EURs. By extrapo­
lating those declining per-completion recover­
ies, it is possible to estimate how many 
reserves could be added by additional gas 
completions and, thus, the appreciation poten­
tial of the fields. For this analysis, EEA esti­
mated ultimate recoveries of each gas comple-
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tion using PI/Dwights gas well reports. EEA 
fit a statistical curve over the historical data 
and projected what the ultimate recoveries 
would be for hypothetical future completions. 
Future completions were assumed to be no 
longer economically feasible when their pro­
ductivity fell below a minimum threshold 
based on drilling depth for onshore regions 
and water depth for offshore regions. The 
non-associated gas reserve growth potential 
was the number of wells in each increment of 
completions times their estimated ultimate 
recovery summed across all increments that 
could be made before the threshold were 
reached. 

Figure S-59 illustrates what the data look 
like for the Gulf of Mexico shelf. The histori­
cal drilling data for each field vintage were 
divided into 10 equal-size groups of comple­
tions. The groups numbered 11 and higher 
represent hypothetical future increments of 
drilling for which recovery per completion is 
estimated as a statistical extrapolation from 
the 10 historical groups. The reserve apprecia­
tion potential is calculated as the number of 
completions in each group times the average 
recovery per completion. For the offshore 
shelf, the future groups of completions are 
deemed impractical when their productivity 
falls below one BCF per completion. 

Table S-36 illustrates expected Old Field 
Reserve Appreciation as of January 1, 1998 by 
region developed using EEA's analysis of 
decline in EUR per completion. A comparison 
to the 1992 Study Old Field Reserve 
Appreciation estimates is also shown. 

Old Field Reserve Appreciation values 
are generally higher than those of the 1992 
Study even though the date of the assessment 
is seven years later. One reason for the higher 
Old Field Reserve Appreciation also applies 
to other categories that contributed to an 
overall increased Total Resource in the 1999 
Study-changes in statistical technique and 
definition of what resources are being count­
ed. The 1999 Study uses growth statistics spe­
cific to each region, drilling depth, and field 
vintage versus a more generalized growth 
curve applied in the 1992 Study. Another dif­
ference is that the 1999 Study uses an explicit 
BCF-per-completion volumetric cut-off point 
to define economic thresholds for wells in a 
given region whereas the 1992 Study applied 



Figure S-59. Recovery per Gas Completion by Field Vintage, 
Gulf of Mexico Shelf 
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a maximum age at which the generalized 
lower-48 growth curve was assumed to end. 

The results of the 1999 Study were veri­
fied by comparing the results of the decline in 
EUR per completion method with the statisti­
cal technique developed using EIA Form 23 
data. In the regions where comparisons could 
be made, the results were deemed to be very 
similar. These comparisons are shown in 
Appendix K. 

In conclusion, new resources continue to 
be found and developed in existing fields, and 
are a major component of the nation's reserve 
inventory. As technology develops, reservoir 
characterization is improved, leading to a bet­
ter understanding of reservoir systems and 
economic development and production of 
these resources. 

1 97 1 - 1 980 

1 98 1 - 1 990 

1 99 1 - 1 995 

New Fields 

The HSM uses resource base estimates, 
exploratory finding rates, drilling costs, and 
well production profiles to describe the opera­
tional nature of the exploration and produc­
tion (E&P) activities of both oil and gas. This 
approach captures the complexity of the pro­
cess and allows the distinction between 
exploratory and economic success. 

The central element in the supply model­
ing procedure is the estimate and distribution 
of the undiscovered New Field gas resources 
available for exploration and subsequent 
development. Each region and depth is 
described with its own unique exploration 
finding rate and field size distribution, which 
in turn defines the resource estimate. The con­
ventional undiscovered resource includes 
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TABLE S-36 

ESTIMATES OF OLD FIELD RESERVE APPRECIATION 
LOWER-48 STATES AND CANADA BY REGION 
(Bil l ion Cubic Feet; Technically Recoverable) 

1 992 NPC Studyt 1 999 N PC Study 
Region* (as of 1 /1 /91 ) (as of 1 /1 /98) 

A Appalachia 1 ,642 2,301 

B Eastern Gulf Onshore 5, 1 28 5 ,069 

c North Central 2,920 2,71 8 

0 Ark Ia - East Texas 1 4,81 8  25,864 

E South Louisiana 21 ,535 20,361 

G Texas Gulf Onshore 36,242 54,341 

WL Wil l iston Basin 1 , 1 53 2,653 

FR Rocky Mtn.  Foreland 1 1 ,570 28,949 

SJB San Juan Basin 7,647 1 1 ,673 

ov Overthrust Belt 8,327 702 

JN Mid-Continent 33,637 48,430 

JS Permian Basin 23,078 22,31 9 

L West Coast Onshore 3, 1 38 5,71 7 

BO Eastern Gulf of Mexico 3,555 2, 1 60 

EGO Central & Western 
Gulf of Mexico 61 ' 1 59 70,661 

LO West Coast Offshore 765 1 ,039 

AO Atlantic Offshore 0 0 

Total Lower-48 States 236,3 1 4  304,957 

ASM Alberta, Saskatchewan,  
Manitoba 20,800 1 8 ,620 

BC British Columbia 2 ,700 3,283 

NWC Northwest Canada 0 0 

EC Eastern Canada 300 478 

ART Arctic Canada 0 0 

Total Canada 23,800 22,381 

*See Figure S-1 for map of regions. 

tOld Field Reserve Appreciation from the 1 992 Study reflects re-allocation of 
certain resources among categories consistent with the 1 999 Study. 



resources in undiscovered fields in both 
known and speculative plays. Known plays 
are those in which discoveries have been 
made. Speculative plays usually have a 
strong conceptual basis but no actual discov­
eries, and include areas that have very little 
seismic coverage or drilling data. 

The New Field conventional resource in 
the model is uniquely described for each cell 
(region and depth) by an exploration finding 
rate for each field size class. Within each cell, 
there are 20 field size classes ranging from 
about 4,000 barrels of oil equivalent (BOE) to 
greater than 2 billion BOE. Each size class is 
twice the size of the next smaller class. When 
available, historical drilling and production 
data from a number of sources are utilized to 
define the characteristics (largest field, num­
ber and rank of fields, shape of the distribu­
tion, etc.) of the field size distributions and 
finding rates. In frontier areas, the field size 
distributions are developed from geologic 
analogies. 

The exploration process in an area rapid­
ly increases geologic "knowledge" by con­
demning some parts of an area as non­
prospective and identifying others as having 
high potential. During the early exploration 
of an area, many of the very large fields are 
found simply because they have the highest 
probability of being encountered by virtue of 
their areal extent. As exploratory drilling pro­
gresses, it tends to be concentrated in known 
productive areas where smaller fields are tar­
geted, thus leading to an increase in the num­
ber of fields discovered per unit of exploration 
activity. However, the number of fields of a 
given size per unit of activity decreases with 
time. 

The Arps-Roberts equation was devel­
oped in 1958 to describe the phenomenon that 
a decreasing number of fields of a given size 
will be found per unit of exploration and this 
equation yields an exponential decline in the 
rate at which all field size classes are found. 
However, historical data indicate that while 
this may be true for large fields, small to 
medium fields are found in greater numbers 
than predicted by Arps-Roberts. To adequate­
ly model the number of small fields found per 
unit of activity, the HSM employs a modified 
Arps-Roberts find rate equation called the 
double-exponential equation. This formula­
tion adds a term to the Arps-Roberts equation 

to account for the concentration over time of 
drilling in known areas, targeting of smaller 
fields, and the learning curve from explorato­
ry drilling. 

Although gas is the focus of this study, 
the HSM simulates the exploration process 
for total hydrocarbons. Because oil and gas 
usually occur in similar geologic settings, 
their exploration, development, and produc­
tion histories are necessarily intertwined. The 
model explores for hydrocarbons and once 
they are found, allocates them to oil and non­
associated gas. The user-specified relative 
occurrence of gas to oil for each region and 
depth interval forms the basis for a split of 
discovered hydrocarbons between oil and 
gas. Associated and dissolved gas and natu­
ral gas liquids are determined from ratios 
applied to the discovered oil and non-associ­
ated gas volumes. 

The model makes a further distinction 
between high and low permeability gas. 
Low permeability gas is generally defined as 
that gas occurring in formations with a per­
meability of less than 0.1 millidarcy. The his­
torical record includes many instances of 
fields being exploited that are, under this def­
inition, low permeability gas. Thus, undis­
covered low permeability fields in these areas 
are described in the finding rate equations 
and field size distributions developed from 
the analysis of the historical record. Con­
sequently, the amount of non-associated gas 
discovered by the model is split between 
high permeability and low permeability gas 
once exploration has been done. Other accu­
mulations of low permeability gas that have 
no production history are represented in the 
Enhanced Recovery Module part of the 
model. 

The HSM exploration process predicts 
the number of fields of each size class (in each 
depth interval) found by an increment of 
exploratory well drilling. Each of the field 
sizes is described for development purposes 
by the number of wells required for full devel­
opment, the costs for wells and facilities, and 
the rate at which the ultimate size of the field 
will be booked as proved reserves. The HSM 
books the reserves of the smallest fields in one 
year and progressively uses longer booking 
schedules for larger field sizes, with the 
largest fields scheduled over 30 years. 
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Once the results of an exploratory pro­
gram are determined, an economic analysis of 
each of the field sizes using all of the afore­
mentioned parameters is utilized to determine 
which of the fields are economic for develop­
ment. The overall economics of the explo­
ration program are then evaluated to deter­
mine if they provide an acceptably attractive 
investment opportunity; if not, the exploration 
program is deferred. 

After a field is "discovered," the model 
simulates the process by which reserves are 
developed in the field over time. The number 
of wells required for field development is 
largely predicated on field area and volume. 
The largest fields have the highest recoveries 
per well but still require the most wells for full 
development. Historical data on number of 
wells drilled in fields of a specific size class, 
average recovery per well, and cost compo­
nents are utilized to model drilling require­
ments for fields in each region and depth 
interval. 

In the model, gas fields are treated differ­
ently than oil fields in that, once production 
capacity is installed, production does not nec­
essarily proceed at the maximum sustainable 
rate. Because of this, what would normally be 
treated as a production profile for oil is 
referred to as a deliverability (potential pro­
duction) profile for gas. These profiles are 
part of the data that determine the revenues a 
producer can expect from field development. 
In brief, a deliverability profile is generated 
for each well in a block of reserves proved in 
each year after the field is discovered. This 
produces a series of production-from-reserves 
curves for each year after discovery. The pro­
files for the blocks of reserves are then 
summed to a field total. Thus, the annual 
field production, cumulative field production, 
and cumulative reserve additions can be mod­
eled for each field. 

NPC Assessment of 
New Field Resources 

The 1992 assessment of the size of the 
undiscovered resource was done by a consen­
sus approach, initially involving a small core 
group of industry, government, and associa­
tion representatives. This core group first 
developed a working understanding of the 
HSM, including not only how the model uses 
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the resource base but also what criteria define 
the resource base that the model uses. Each 
member then discussed various aspects of the 
undiscovered resource base-field sizes and 
distribution, regional definition of the United 
States, reservoir depth onshore, water depth 
offshore, etc. 

Although each participant brought an 
estimate of the resource base to the discussion 
based on a variety of assumptions and meth­
ods, open discussion of the details of each was 
not possible because several of these estimates 
are proprietary. Consequently, the group dis­
cussed ranges of assessments and through this 
discussion reached a consensus as to the 
approximate size of the undiscovered resource 
in each region of the model. Following the 
groups' consensus of the resource base in each 
region, the resource base in the model was 
reviewed and rev1s10ns recommended. 
Feedback and comments from the entire 
Conventional Gas Work Group were obtained 
and incorporated, resulting in a consensus 
assessment of the undiscovered resource. 

For the 1 999 Study, the New Field 
resource assessments made in the 1992 Study 
were reviewed by the regional resource assess­
ment subgroups in light of more recent dis­
covery trends.  The regional resource assess­
ment subgroups  made changes where the 
industry expectations differed from the prior 
assessment. Table S-37 compares the regional 
assessments of the two studies on an 
advanced technology basis. The most signifi­
cant New Field changes were an increase in 
the New Field oil and gas potential in the 
deepwater Central & Western Gulf of Mexico 
and an increase in the Eastern Gulf of Mexico. 
Other notable changes include reductions in 
the gas potential in the deep Mid-Continent 
Region and deep Permian Basin. The details 
of the New Field resource base assumptions 
are contained in Chapter One of this Supply 
Task Group Report. 

N onconventional Gas 

The Enhanced Recovery Module covers 
the portion of the assessed resource base that 
falls outside the scope of the "conventional" 
oil and gas field discovery process dealt with 
elsewhere in the HSM. The Enhanced 
Recovery Module includes nonconventional 
gas classified as coalbed methane, shale gas, 



TABLE S-37 

ESTIMATES OF NEW FIELD POTENTIAL 
LOWER-48 STATES AND CANADA BY REGION 
(Bil l ion Cubic Feet; Technically Recoverable) 

1992 NPC Studyt 1 999 N PC Study 
Region* (as of 1/1/91 ) (as of 1 /1/98) 

A Appalachia 27,302 27,772 

B Eastern Gulf Onshore 1 1 ,999 8,674 

c North Central 9 ,328 9 ,796 

D Arkla - East Texas 22,060 22, 1 96 

E South Lou isiana 1 6 ,71 5 1 1 ,838 

G Texas Gulf Onshore 53,502 52,550 

WL Wil l iston Basin 3,006 3,088 

FR Rocky Mtn. Foreland 64,023 99, 1 80 

SJB San Juan Basin 3 ,988 2 ,209 

ov Overthrust Belt 1 3,430 6,731 

JN Mid-Continent 59,2 1 5  39, 675 

JS Permian Basin 30,31 8 31 ,353 

L West Coast Onshore 1 9 ,283 20,205 

BO Eastern Gulf of Mexico 1 5 ,376 40,655 

EGO Central & Western 
Gulf of Mexico 1 1 0,61 3 205,328 

LO West Coast Offshore 1 4,31 2 20,790 

AO Atlantic Offshore 1 8 ,71 4 30,580 

Total Lower-48 States 493,1 84 632,620 

ASM Alberta, Saskatchewan, 
Manitoba 78,559 62,548 

BC British Columbia 30,727 32,465 

NWC Northwest Canada 74,202 80,972 

EC Eastern Canada 89,735 96,497 

ART Arctic Canada 1 06,381 1 1 1 ,051 

Total Canada 379,604 383,533 

*See Figure S-1 for map of regions. 

tNew Field values from the 1 992 Study reflect re-allocation of certain resources 
among categories consistent with the 1 999 Study. 
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and tight gas. The nonconventional gas is 
characterized by "cells," which represent 
resources in a specific geographic area. A 
cell can represent any size of area, ranging 
from the entire region/ depth interval to a 
single formation in a few townships of a 
basin . Assumptions for each cell include 
areal extent of resource, well spacing, gas in 
place, recovery per well, and cost per well. 
Up to three different technology cases can be 
specified for each cell, along with assump­
tions about how the market share among the 
technologies will change over time. Over 200 
cells were used to characterize the noncon­
ventional gas resources for the 1999 Study. 

NPC Assessment of 
Nonconventional Gas 

For the 1992 Study, a Nonconventional 
Gas Subgroup was charged with establishing 
the recoverable resource base and reviewing 
the modeling of nonconventional gas in the 
HSM. These tasks were accomplished 
through subgroup work teams using informa­
tion supplied by individual companies, and 
through consultant studies. Three overlap­
ping work teams developed assumptions for 
tight gas, shale, and coalbed methane 
resources respectively. 

TIGHT GAS 

The NPC adopted the Federal Energy 
Regulatory Commission's legal definition of a 
tight formation-average in situ permeability 
of 0 .1 millidarcy or less. The total undiscov­
ered tight gas resource base consists of reserve 
growth potential in existing fields, and New 
Fields/reservoirs. The New Field resource 
consists of resources in existing (producing) 
plays and resources in new or undeveloped 
plays. Because gas quantities in existing plays 
(or play areas) are better understood and are 
evaluated separately in the model (they are 
included in the historical "find rate" equa­
tions), the NPC separated estimates for tight 
gas into existing and new plays. The "New 
Fields in new plays" category was modeled in 
the Enhanced Recovery Module. 

In the 1992 Study, 47 tight gas plays were 
characterized by a mean recovery per well, 
total numbers of potential wells, capital and 
operating costs, and dry hole rates. The NPC 
based its estimates of Enhanced Recovery 
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Module resource base, well recoveries, and 
costs on a confidential survey of operators in 
known tight gas formations. Respondents 
included five integrated companies, five inde­
pendents, and two consultants. The survey 
included at least one operator from nine of 
the most significant tight gas producing 
basins and formations (Appalachian, East 
Texas/North Louisiana, Texas Gulf Coast, 
West Texas, San Juan, Denver, Piceance, 
Uinta, and Green River) . Survey data were 
evaluated and transformed into consistent 
distributions of well recoveries and costs for 
use in HSM runs. Survey respondents pro­
vided detailed estimates of formations cur­
rently under development and their best 
judgment on remaining resources in their 
respective areas of expertise. 

In areas not covered by the survey, and as 
a means to validate survey results, historical 
production data, and study results from the 
1980 NPC study on Unconventional Gas 
Sources were used to estimate resource base 
and per well recoveries. Dwight's Energy 
well production data were used for producing 
wells in known tight formations to derive a 
distribution of expected ultimate well recover­
ies. These were used to calibrate survey 
results, or adapted as a basis for estimating 
ultimate recoveries of tight gas wells where no 
survey data were available. Since some of 
these formations contained non-tight wells, 
well distributions were adjusted to exclude 
these non-tight wells. 

For the 1999 Study, EEA supplied each 
regional resource assessment team with the 
key assumptions used in the 1992 Study along 
with recent data of nonconventional gas 
drilling and production data for lower-48 
plays outside of Appalachia. Each subgroup 
reviewed those data and the model projec­
tions to determine if adjustments were war­
ranted. Table S-38 presents a comparison of 
the 1992 and 1999 assessments. One change 
made was a reduction in the most productive 
portion of the tight gas resources in the 
Alberta Basin. This change was caused by the 
belief that those resources were already cap­
tured in the conventional gas reservoirs repre­
sented elsewhere in the model. 

SHALES 

The principal known deposits of gas­
producing shales are concentrated in the 



TABLE S-38 

COMPARISON OF TIGHT GAS RESOURCE ASSESSMENTS 
(Tril l ion Cubic Feet; Technical ly Recoverable) 

1 992 NPC Study 1 999 N PC Study 
Region* (as of 1/1/91 ) (as of 1 /1/98) 

A Appalachia 1 7. 9  1 8 .3 

D Arkla - East Texas 28.3 29.8 

G Texas Gu lf Onshore 9. 1 9 . 1  

F R  Rocky Mtn . Foreland 1 37.2 1 37.0 

SJB San Juan Basin t 5.6 0.0 

J N  Mid-Continent 1 6.9  1 6 .9  

J S  Perm ian Basin 1 9 .5 1 9 .5 

Lower-48 States 234.5 230.6 

Western Canada 89.0 86.8 

*See Figure S-1 for map of regions. 

tin  the 1 999 Study, San Juan tight gas is included with Old Field Reserve 
Appreciation and New Fields. 

Appalachian, Michigan, and Illinois Basins in 
the eastern United States and in several 
Western basins. The Appalachian, Michigan, 
and Illinois Basin deposits have been charac­
terized by delineating the black and gray shale 
horizons. The black shales have a higher gas 
content than the gray shales and are generally 
believed to be the predominant source beds of 
the natural gas found in the shales. Although 
the average total thickness of the shale 
deposits in the Appalachian Basin is many 
times greater than that found in the other two 
basins, a large part of the deposit consists of 
the poorer quality gray shales. 

In the 1992 Study, EEA provided to the 
NPC a set of Devonian and Antrim shale 
resource estimates based on a 1980 NPC study 
of nonconventional gas, Potential Gas 
Committee estimates published in 1984, and 
work by GRI consultants. The NPC reviewed 
the estimates and made revisions based upon 
the field experience of some of its members. 
Estimates were not included for the Illinois 
and Western Basins because they were expect-

ed to remain undeveloped during the time 
frame of that study. 

The original EEA data for Devonian shale 
in the Appalachian Basin encompasses 30 sub­
divisions, or "cells . "  Columbia Natural 
Resources (CNR) supplied Devonian shale 
production data from wells in counties of 
West Virginia, Ohio, Kentucky, and Virginia 
for use by the NPC in verifying the EEA' s pro­
posed assumptions. The EEA cell outlines 
were overlaid on state maps to determine the 
counties or portions of counties included in 
each cell. The National Petroleum Council 
made several comparisons of the EEA and 
CNR data. In general, the averages of the esti­
mated recoveries of old and new wells drilled 
in a given EEA cell compared reasonably well 
with EEA's estimates . In some cells, there 
were sufficient differences to justify changing 
the estimates to reflect the CNR results. 

During the 1992 Study, new information 
was supplied to the NPC by one of its mem­
bers, indicating what area that would be pro­
ductive for Antrim shale gas. These data were 
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TABLE S-39 

COMPARISON OF 
DEVONIAN SHALE RESOURCE ASSESSMENTS 

(Tri l l ion Cubic Feet; Technically Recoverable) 

1 992 NPC Study 1 999 N PC Study 
Basin (Region*) (as of 1/1/91 ) (as of 1 /1/98) 

Appalachian (A) 

Michigan Antrim (C) 

I l l inois New Albany (C) 

Cincinnati Arch (C) 

Fort Worth Barnett Shale (D) 

Lower-48 States 

*See Figure S-1 for map of regions. 

used to set drillable area, number of potential 
wells, and recovery per shale well in the 
Michigan Basin. 

For the 1999 Study, the regional resource 
assessment groups reviewed the assumptions 
used in the 1992 Study and made several 
adjustments reflecting the current state of 
knowledge. Potential resources were reduced 
in the Appalachian Basin to reflect poor 
results from drilling in the last several years in 
certain areas. These areas were expected to be 
of relatively poor quality, but actual results 
were even worse than expected. In the 
Antrim shale in Michigan, certain cells were 
greatly reduced, while well recoveries were 
increased in the area of current activity. Table 
S-39 presents the results of the shale gas 
assessment. 

The 1999 Study added shale resource 
characterizations for the Illinois Basin, the 
Cincinnati Arch, and the Fort Worth Basin. 
Data for the first two areas came primarily 
from resource assessments of the United 
States Geological Survey (USGS), while those 
in the Fort Worth Basin were based on input 
from an NPC member active in the area. 

COALBED METHANE 

For the 1992 Study, the NPC reviewed 20 
coal basins of the lower-48 states, utilizing 
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42.5 23.4 

1 4.7 1 6.9  

0.0 2.9 

0.0 2.2 

0.0 7 .2 

57.2 52.6 

both proprietary and public data to determine 
the potential of these basins to produce 
methane in commercial quantities from the 
coals contained therein. These reviews uti­
lized well logs and production data where 
available and built on the previous estimates 
of the Potential Gas Committee, the 
Department of Energy, and the Gas Research 
Institute. The coals in these basins range in 
age from Paleozoic to Tertiary and in depth 
from the surface to greater than 1 0,000 feet. 
Coal rank varies from subbituminous to 
anthracite. 

Several basins projected to contain sub­
stantial reserves in previous studies were 
downgraded to lesser potential based on more 
recent information; in some cases, these basins 
were excluded from the HSM input. Other 
basins were upgraded to higher levels of 
resources based on production data from the 
last few years, or new information on explo­
ration successes or increased gas contents of 
the coals. The 1992 Study noted that there 
was considerable uncertainty about the pro­
ductivity of the coals in many of the basins 
reviewed, because they had not been tested 
extensively. 

Model inputs developed for the 1992 
Study included gas in place; recovery per 
well; the number of wells per section; geologi-



cal and combined success rate estimates; 
future investment patterns; operating costs 
per well; and production figures for water, 
carbon dioxide, and natural gas liquids. These 
parameters were obtained from published 
production and geological reports as well as 
from proprietary information provided by 
some operators in specific basins. In basins 
where information was scarce, not current, or 
unavailable, best-guess estimates were made, 
or several basins were lumped together and 
an estimate was made of total recoverable 
resources. 

The basins reviewed in detail in the 1992 
Study were the San Juan, the Black Warrior, 
the Piceance, the Raton, the Uinta, the Greater 
Green River, the Powder River, the Wind 
River, and the Northern Appalachian Basins. 
Also reviewed were the Cherokee and Forrest 
City Basins and the Central Appalachian 
Basin, but these were not included in the 
HSM. Other basins were discussed that may 
have potential but for which there were insuf­
ficient data to include in the model. 

For the 1999 Study, the regional resource 
assessment groups reviewed the 1992 Study 
assumptions. In particular, the assumptions 

for recoveries per well were compared against 
actual results compiled by EEA from 
Pl/Dwights production data. The most signif­
icant change coming from this review was a 
downgrading of the potential in much the 
Warrior Basin and the fringe areas of the 
Fruitland coal of the San Juan Basin. Also, 
based on the judgment of the study's Rocky 
Mountain Regional Resource Assessment 
Group, the potential for the Menefee coal in 
the San Juan Basin was reduced substantially. 

The characterization of coalbed methane 
in the Rockies was changed by eliminating 
"general cells" representing several basins and 
substituting cells representing coals in specific 
basins. The data for these new characteriza­
tions came primarily from USGS assessments 
with the exception of the Powder River Basin, 
for which information from a company active 
in that area was used. New cells were also cre­
ated for Midwest and Mid-Continent coals, 
again relying primarily on USGS assessments. 
Finally, the characterization of the Appalachian 
coals was modified to better reflect the results 
of intensive drilling in the last several years in 
Virginia. Table S-40 presents the current 
coalbed methane assessment and compares it 
with that of the 1992 Study. 

TABLE S-40 

COMPARISON OF 

Region* 

A 

B 

c 
FA 

SJB 

JN 

COALBED GAS RESOURCE ASSESSMENTS 
(Trill ion Cubic Feet; Technically Recoverable) 

1 992 N PC Study 1 999 NPC Study 
(as of 111/91 ) (as of 1 11/98) 

Appalachia 1 5 .0 1 9 .4 

Eastern Gulf Onshore 1 0.0 5.2 

North Central 0.0 2 .5 

Rocky Mtn . Foreland 39.0 29.4 

San J uan Basin 33.0 1 0.1 

M id-Continent 0.0 7.4 

Lower-48 States 97.0 74.0 

Western Canada 1 28.0 74.0 

*See Figure S-1  for map of regions. 
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Environmental Costs 

The impact of environmental regulation on 
the cost of natural gas exploration and produc­
tion is an important consideration in assessing 
the potential of North American natural gas 
supply to satisfy future demand expectations. 
More stringent environmental requirements will 
increase the cost of E&P operations, reducing the 
volume of natural gas supply available at a 
given price. The importance of environmental 
considerations and their impact on North 
American gas supplies warranted the establish­
ment of a work group to focus on this issue. 

The environmental work group included 
representatives of API, GRI, and the U.S. 
Department of Energy's Office of Fossil Energy. 
The group analyzed potential future environ­
mental compliance requirements for natural 
gas exploration and production, and consid­
ered technological advances that could reduce 
the costs of compliance. This section describes 
the environmental regulatory and technology 
scenarios analyzed, the sources of data and 
methodology used to estimate associated com­
pliance costs, the incorporation of the costs into 
the HSM, and the results of the model nms. 

Environmental Regulatory and 
Compliance Technology 
Sensitivity Development 

To estimate the impacts of potential 
future regulatory requirements, the Supply 
Task Group defined two regulatory regimes 
that encompass a plausible range of future 
environmental regulation. Technology re­
gimes were also developed to represent a 
plausible range of future environmental com­
pliance technology research and development. 
The results of the regulatory and technology 
scenario analyses formed a matrix from which 
three environmental regulation cases and one 
environmental technology research and devel­
opment (R&D) case were selected for the 
HSM. (The use of the term "case" has several 
meanings in this document. Case refers both 
to the regulatory and technology regimes, and 
to the specific model sensitivities.)  

Environmental Regulatory Cases 

The two regulatory cases were ana­
lyzed-the Risk-Based Regulation case and 
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the Stringent Regulation case. These cases are 
discussed below. 

RISK-BASED REGULATION CASE 

Environmental compliance costs for this 
case are developed assuming a level of envi­
ronmental regulation that effectively protects 
human health and the environment, balances 
the costs and benefits of environmental regu­
lations, and recognizes the value of domestic 
natural gas production. In short, this case 
assumes a balanced, risk-based approach to 
future environmental regulation and initia­
tives. Environmental compliance require­
ments are allowed to increase in the future 
and are based on risk assessment and scientif­
ic data about the impacts of the regulated 
activities, the effectiveness and benefits of the 
compliance requirements, and the total cost of 
compliance. The environmental compliance 
costs developed for the Risk-Based Regulation 
case are above current costs. 

STRINGENT REGULATION CASE 

The Stringent Regulation case assumes a 
level of future environmental regulation that 
represents a willingness to forego some quan­
tity of gas supply to gain perceived environ­
mental benefits . Regulatory decisions are 
made without full consideration to their 
impact on the supply and use of natural gas . 
Although the environmental compliance costs 
developed for the Stringent case are substan­
tially greater than the costs for the Risk-Based 
case, the Stringent case is not a "highest cost" 
or "worst case" scenario. Rather, the Stringent 
case assumes that natural gas E&P activities 
are subject to increasing environmental regu­
lation that heavily weights environmental risk 
reduction over the cost and economic impact 
of reducing such risk. 

Environmental Technology Cases 
Two environmental technology cases 

were defined. The Current Technology case 
defines a scenario in which no substantial 
environmental technology R&D occurs and 
no compliance cost savings are realized . 
The Environmental Technology R&D case 
describes a level of sustained environmental 
technology R&D that yields potential future 
environmental compliance cost savings. 



CURRENT TECHNOLOGY CASE 

The Current Technology case assumes a 
level of environmental compliance technology 
available to the majority of producers today, 
and includes the phasing in of technology that 
is expected to become commercial within the 
next few years. This case assumes no future 
government funded research programs, and 
diminished industry investment in environ­
mental technology research and development. 
Industry environmental R&D initiatives are 
assumed to focus only on technology needed 
for near-term environmental compliance. 

Environmental compliance cost savings 
were not developed for the Current Tech­
nology case. These cost savings are included 
in current gas and oil field cost data and, as 
such, are already captured by the HSM. 

ENVIRONMENTAL TECHNOLOGY 
R&D CASE 

The Environmental Technology R&D 
case assumes that an increased level of com­
pliance technology becomes available through 
a dedicated program of government and 
industry research and development. This case 
assumes that current R&D budgets for gov­
ernment and industry stabilize, that future 
environmental R&D budgets increase moder­
ately, and that government research is orient­
ed towards effective technology transfer to 
industry. Potential impacts of this case should 
be compared to the cost impacts of the Risk­
Based Regulation case, with the result being 
the potential incremental benefit of technolo­
gy R&D. 

Estimation of Incremental 
Environmental Compliance Costs 

ENVIRONMENTAL ISSUES AND 
AFFECTED INDUSTRY ACTIVITIES 

The starting point for estimating future 
environmental compliance costs was a com­
prehensive review and update of projected 
environmental initiatives and emerging tech­
nology conducted in 1998 by the DOE Office 
of Fossil Energy's Oil and Gas Environmental 
Program. Representatives of API, GRI, and 
the Office of Fossil Energy updated DOE's 
1998 review and, for each area of environmen­
tal concern, identified E&P activities likely to 
be significantly affected by future environ-

mental regulatory initiatives or technology 
development. Table S-41 lists the E&P activi­
ties selected for the NPC's consideration of 
future environmental compliance costs. 

METHODOLOGY USED TO ESTIMATE 
FUTURE COMPLIANCE COSTS 

Since forecasting future environmental 
compliance requirements and costs is a highly 
uncertain exercise, an "expected value" 
approach was used to estimate environmental 
compliance costs for each of the 27 E&P activi­
ties defined in Table S-41 .  ICF Consulting ini­
tially developed the incremental compliance 
cost calculations for the 27 issues as part of the 
DOE Office of Fossil Energy's 1998 analysis of 
Oil and Gas Environmental Program impacts.1  
The costing data used to estimate future com­
pliance costs came from a variety of sources 
including published reports, surveys, and 
analyses of environmental initiatives and 
emerging technology by API, GRI, and DOE. 
Other sources included reports prepared by 
the Minerals Management Service and the 
Environmental Protection Agency (EPA), and 
other documentation pertaining to regulatory 
initiatives. A third category of sources includ­
ed issue-specific industry studies and surveys 
conducted by various organizations to analyze 
special issues (for example, the 1998 State 
Survey of Coalbed Methane Activity by the 
Ground Water Protection Council) . After 
review by the environmental work group, the 
1998 compliance cost calculations were 
revised and updated for this analysis. The 
methodology used is as follows:  

• Two to four alternative compliance require­
ments or technology development scenarios 
were developed for each industry activity 
area. The scenarios either define a rea­
sonable range of stringency for future 
regulatory requirements, or define a 
range of applications and market pene­
tration for future technology. For exam­
ple, the four alternative compliance sce­
narios for Onshore Drilling Waste 
Management consider increasingly strin­
gent restrictions on the discharge and 
disposal of drilling waste. 

1 Internal DOE document, "DOE Oil and Gas 
Environmental Program Metrics:  1998 Analysis and 
Results." 
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TABLE S-41 

INDUSTRY EXPLORATION AND PRODUCTION ACTIVITIES 
BY ENVIRONMENTAL ISSUE 

Environmental Issue 

Drilling and 
Drilling Waste 
Management 

Produced Water 
Management 

Production Waste 
Management 

Remediation 

Air Emissions 

Industry E&P Activities 
Affected by Regulatory 

Compliance Issues 

1 . Onshore Dril l ing Waste 
Management 

2. Offshore Dril l ing Waste 
Management 

3. Offshore Dril l ing Synthetic 
Dri l l ing Fluids 

4. Drill ing in Wetlands 

5. Offshore Produced Water 
Disposal 

6. Associated Waste Management 

7. NORM Waste Disposal 

8. NORM Contaminated 
Equipment 

9.  NORM Contaminated Soil 

1 0. Onshore Air Emission Control 

1 1  . Offshore Air Emission Control 

12 .  Control of Stationary Sources 
of PM 2.5 and Regional Haze 
(NOx, SOx, & VOC) 

Underground Injection 1 3. Hydraulic Fracturing 
Control 

Discharge and Releases 1 4. NPDES Storm Water 
Permitting 

1 5. Toxic Release Inventory 

Regulatory Streamlining 1 6. Regulatory Streamlining 
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Industry E&P Activities 
Affected by Environmental 

Technology R&D Issues 

1 7. Offshore Dri ll ing with 
Synthetic Dri l l ing Fluid 

1 8. Wetlands Mitigation 

1 9. Onshore Produced Water ­
Volume Reduction 

20. Onshore Produced Water ­
Water Treatment 

21 . Offshore Produced Water ­
Volume Reduction 

22. Offshore Produced Water ­
Water Treatment 

23. NORM Waste Management 
& Minimization 

24. Salt Cavern Disposal of 
Non-Hazardous E&P Waste 

25. Remediation of Hydrocar­
bon Contamination 

26. Remediation of Saltwater 
Contamination 

27. Greenhouse Gas Emission 
Reduction 



• For each individual scenario, a unit cost of 
compliance or unit cost savings is calculated. 
Compliance costs are expressed in $/new 
well. The unit costs of compliance may 
be different for the Risk-Based and 
Stringent Regulation cases. Costs vary 
by region, depth, and resource type. 

• A probability of occurrence and year of imple­
mentation are estimated for each scenario 
appropriate to the philosophy underlying each 
case. For individual scenarios, different 
probabilities are assigned in the Risk­
Based and Stringent Regulation cases. In 
general, higher probabilities are assigned 
to more stringent scenarios in the 
Stringent case. Within each case, Risk­
Based, Stringent, or Technology R&D, the 
sum of probabilities for individual sce­
narios must equal l .OO. 

• For each scenario, the unit cost of compliance 
or unit cost savings is multiplied by its prob­
ability. The probability-weighted costs 
for individual scenarios are summed to 
obtain a final "expected value" compli­
ance cost for each industry E&P activity. 

• Future incremental compliance costs for all 
industry activities are summed by applicable 
year of implementation to provide the total 
"per well" incremental compliance cost for a 
given year. The assigned year of imple­
mentation determines the year in which 
the incremental cost is applied. In the 
Environmental Technology R&D case, 
new technologies are assigned a year of 
initial implementation and are assumed 
to follow a market penetration curve, 
achieving a target penetration (often less 
than 100 percent of wells) in eight years. 
The Risk-Based and Stringent regulatory 
compliance cases require incremental 
compliance costs (additions to present 
costs) whereas the Environmental 
Technology R&D case produces cost sav­
ings to industry. 

• The total incremental compliance costs for 
each case are input to the HSM as capital 
costs or operating costs applied to oil or gas 
wells. The costs are specified in the model 
by region, depth interval, and resource 
type. This analysis focuses primarily on 

federal environmental requirements and 
assumes that most of the regulatory initia­
tives considered are applied nationwide. 
Site-specific costs are incorporated into 
the analysis for specific situations and 
issues (e.g. ,  wetlands, offshore areas, 
remediation, hydraulic fracturing, etc.) .  

A "Stringent Fracture Case" was devel­
oped to portray the impact of just one signifi­
cant regulatory change. This sensitivity case 
imposed additional high costs on all hydrauli­
cally fractured gas wells in the United States. 
This issue falls under activity #13 (hydraulic 
fracturing) in Table S-41 . Such a scenario is a 
possible outcome of a recent 11th Circuit 
Court of Appeals decision in the case of LEAF 
v. EPA. In that federal appeals court decision, 
hydraulic fracturing of coalbed methane wells 
in Alabama was determined to be subject to 
regulation as underground injection under the 
Safe Drinking Water Act. The EPA argued 
that this was never intended under that law 
and no environmental damage from such frac­
turing has ever been documented. The imme­
diate result has been to add regulatory testing 
and permitting requirements, costing an esti­
mated $17,000 per well, for hydraulic fractur­
ing of coalbed methane wells in Alabama. 
The opinion of this court has the potential to 
be applied nationwide to any type of 
hydraulically fractured well. Additional test­
ing and diagnostic requirements that may 
result from this nationwide application of the 
ruling have been estimated by API to increase 
costs up to an additional $67,000 cost on every 
hydraulically fractured gas well in the United 
States. In addition to increased costs, poten­
tial restrictions on the types of fracture fluids 
that could be used would decrease well pro­
ductivity and, thus, further decrease future 
production. However, the sensitivity case 
does not take into account this probable loss 
of fracture effectiveness that would result 
from these restrictions. 

LONGER-TERM 
REGULATORY INITIATIVES 
AND TECHNOLOGY DEVELOPMENT 

The expected value approach described 
above is effective for estimating costs for regu­
latory and technology scenarios that can be 
defined and implemented to the year 2005. 
Although future regulatory requirements 
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b:yond 2005 are highly uncertain, this analy­
SIS assun:es that future undefined require­
ments ':"Ill cause 

.
co�pliance costs beyond 

2005 to mcrease. Srmilarly, the Environmental 
Technology R&D case assumes that a sus­
tained level of research and development will 
maint�in a level of technology development 
that yields long-term compliance cost savings. 

After year 2005, the incremental environ­
mental compliance costs for the Risk-Based and 
Stringent Regulation cases are increased at an 
annual rate based upon the average rate of 
compliance cost increase during years 2000 to 
2005, the period for which specific environmen­
tal compliance requirements are identified. 
Similarly, for the Environmental Technology 
R&J? case, incremental compliance cost savings 
are mcreased at an annual rate which continues 
the trend of cost savings from technology 
development during years 2000 to 2005. For all 
cases, the longer-term cost (or savings) growth 
rates are different for capital costs and annual 
operating costs. The longer-term compliance 
costs and cost savings increase at 5% (real dol­
lars) annually for both gas and oil capital costs. 
For operating costs, the annual increase in com­
pliance cost ranges from 8% for onshore gas 
wells, 10% for offshore gas and oil wells, and 
14% for onshore oil wells. 

Average costs per well are shown in 
Table S-42 under Incremental Environmental 
Expenditures ($/well drilled ) .  This table 
illustrates the cost differences between the 
scenarios and shows the cost escalation. The 
average expenditure per well ranges from a 
low of $150 per well in 2000 for the En­
vironmental Technology R&D case to a high 
of $69,000 per well in 2015 for the Stringent 
Regulation case. 

Modeling Approach 
Four environmental regulatory and tech­

nology scenarios were modeled for the 1999 
Study using the HSM. The Risk-Based 
Regulation cost scenario was included in the 
Reference Case, while the three other cases 
were run as sensitivities from the Reference 
(Risk-Based) case. The four scenarios are list­
ed below in order of increasing impact: 

1. Environmental Technology R&D Case 

2. Risk-Based Regulation Case 
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3 .  Risk-Based Regulation with Stringent 
Case Hydraulic Fracture Costs (Stringent 
case environmental costs for hydraulic 
fracturing added to the Risk-Based sce­
nario) 

4. Stringent Regulation Case. 

T�e HSM was run to model the impact 
of environmental regulation and technology 
on new wells. The HSM module that models 
the impact of environmental costs on existing 
wells was not run for the 1999 Study. This 
module was used in the 1992 Study. A review 
of the 1992 results showed that the abandon­
ment of existing wells reduced average annu­
al production by about 0 .25% in the Low 
Impact case, and by about 1 . 7% in the High 
Impact case. The 1992 Low Impact case is 
more comparable to the 1999 Study; the 1992 
High Impact case is much more severe than 
the current Stringent Regulation case. In light 
of the expected small impact of environmen­
tal compliance costs on existing wells, the 
existing well analysis was not updated for the 
1999 Study. 

Modeling Results 

The Stringent Regulation case has the 
greatest impact on production, price, and 
drilling. By 2015, the additional costs 
imposed under the Stringent Regulation case 
result in a decrease in lower-48 gas production 
of 723 BCF (3%), and an increase in the Henry 
Hub gas price of $0.20 per MMBtu (5%) com­
pared with the Reference Case. Total well 
completions for the Stringent Regulation case 
are 4,743 (10%) less than the Reference Case in 
2015. Conversely, the compliance cost savings 
under the Environmental Technology R&D 
case result in a modest annual production 
increase of 75 BCF and a $0.01 per MMBtu 
decrease in gas price by 2015. 

These impacts are in addition to the 
impacts of the Risk-Based environmental 
assumptions contained in the Reference Case. 
The Risk-Based compliance costs result in an 
annual production decrease of up to 170 BCF, 
a decrease in annual gas well completions of 
up to 1,400 wells, and a gas price increase of 
$0.05 per MMBtu compared to a case without 
these costs. 

Extra environmental expenditures under 
the Stringent Regulation case reach $3 billion 



TABLE S-42 

RESULTS OF ENVIRONMENTAL REGULATORY AND TECHNOLOGY CASES 

Lower-48 Annual Gas Well Completions 

Environmental Technology R&D Case 

Reference Case (Risk-Based Regulation) 

Risk-Based + Stringent Fracture Costs 

Stringent Regulation Case 

Lower-48 Total Annual Well Completions 

Environmental Technology R&D Case 

Reference Case (Risk-Based Regulation) 

Risk-Based + Stringent Fracture Costs 

Stringent Regulation Case 

Lower-48 Annual Gas Production 
(Bil l ion Cubic Feet) 

Environmental Technology R&D Case 

Reference Case (Risk-Based Regulation) 

Risk-Based + Stringent Fracture Costs 

Stringent Regulation Case 

Henry Hub Natural Gas Price 
(1 998 Dollars per M i l l ion Btu) 

Environmental Technology R&D Case 

Reference Case (Risk-Based Regulation) 

Risk-Based + Stringent Fracture Costs 

Stringent Regulation Case 

2000 2005 201 0 201 5 

1 1 ,594 1 1  ,31 1 1 6 ,588 23,85 1 

1 1 , 593 1 1, 400 1 6, 505 23,830 

1 1  ,561 1 1 , 1 24 1 5,849 21 ,654 

1 1 ,554 1 1 , 1 73 1 5 ,397 20,746 

2000 2005 201 0  201 5 

23, 1 1 7  25, 1 82 37,495 49,084 

23, 1 1 6 25, 180 37,252 48,438 

23,080 24,838 36,798 46,31 8 

23,065 24,633 35,099 43,695 

2000 2005 201 0 201 5 

1 9,465 22,097 24,678 26, 1 46 

19,465 22, 039 24,640 26, 071 

1 9,465 22,008 24,538 25,730 

1 9 ,465 21 ,938 24,328 25,348 

2000 2005 201 0 201 5 

$3.21 $2.83 $3. 1 8  $3.75 

$3.21 $2. 85 $3. 19 $3. 76 

$3.21 $2.87 $3.24 $3.86 

$3.21 $2.90 $3.31 $3.96 
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TABLE S-42 (CONTINUED) 

Total Incremental Impact of 
Increased Environmental Expenditures* 

(Mil lions of 1 998 Dollars) 2000 2005 201 0 201 5  

Environmental Technology R&D Case $4 $205 $462 $757 

Reference Case (Risk-Based Regulation) $ 12 $482 $8 1 0  $ 1,202 

Risk-Based + Stringent Fracture Costs $25 $853 $1 ,205 $1 ,678 

Stringent Regulation Case $36 $1 ,31 4 $2,042 $2,997 

I ncremental Environmental Expenditures* 
(Dollars per Well Drilled) 2000 2005 201 0 201 5 

Environmental Technology R&D Case $1 54 $8, 1 36 $ 1 2 ,326 $ 1 5,422 

Reference Case (Risk-Based Regulation) $505 $ 1 9, 139 $21, 73 1  $24,8 1 6  

Risk-Based + Stringent Fracture Costs $1 ,076 $34,341 $32,743 $36,226 

Stringent Regulation Case $1 ,552 $53,344 $58 , 1 66 $68,590 

Incremental Environmental Expenditures* 
(Dollars per MCF Produced) 2000 2005 201 0 201 5 

Environmental Technology R&D Case $0.00 $0.0 1 $0.02 $0.03 

Reference Case (Risk-Based Regulation) $0.00 $0. 02 $0.03 $0.05 

Risk-Based + Stringent Fracture Costs $0.00 $0.04 $0.05 $0.07 

Stringent Regulation Case $0.00 $0.06 $0.08 $0. 1 2  

Change i n  Lower-48 Annual Production 
(Bill ion Cubic Feet) 2000 2005 201 0 201 5 

Environmental Technology R&D Case 0 58 38 75 

Reference Case (Risk-Based Regulation) 0 0 0 0 

Risk-Based + Stringent Fracture Costs 0 -31 -1 02 -341 

Stringent Regulation Case 0 -1 01  -31 2  -723 

"Represents expenditures for environmental mitigations above those in existence in 1 998. 
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(constant 1998 dollars) in 2015, while these 
expenditures reach $757 million in the 
Environmental Technology R&D case. 
Impacts from the Risk-Based Regulation with 
Stringent Fracture Costs case fall between the 
Stringent Regulation and Environmental 
Technology case impacts. The results of the 
environmental impact cases are summarized 
in Table S-42. The cases are sorted in order of 
increasing impact. 

The model results show that increased 
environmental compliance costs for new wells 
would have a significant impact on drilling, 
production, and gas price. The largest 
impacts are under the Stringent Regulation 
scenario. Comparison of the Stringent 
Regulation results to the Reference Case 
shows that the largest impact is on well com­
pletions. Gas well completions decrease by 
13% (3,084 wells), and total completions (oil, 
gas, dry) decrease by 10% (4,743 wells) in 
2015. The impact on production is smaller as 
a percentage difference from the Reference 
case, but is significant at 2 BCF per day lost by 
2015. Gas prices are $0.20 per MMBtu higher 
under the Stringent Regulation case than the 
Reference Case in 2015. Incremental environ­
mental expenditures for the Stringent Regu­
lation case average $0.12 per MCF produced 
in 2015. 

Results from the Environmental Tech­
nology R&D case show the smallest environ­
mental compliance impact of the four cases. 
Lower environmental costs under this case 
result in small increases in drilling and produc­
tion compared to the Reference Case. By 2015, 
total well completions increase by 1% (650 
wells), and gas well completions increase by 
less than 1% (21 wells) over the Reference 
Case. Gas production in 2015 is 75 BCF 
greater than the Reference Case, an increase of 
less than 1%. Gas prices are comparable to the 
Reference Case. 

The Risk-Based Regulation with Stringent 
Fracture Costs sensitivity produced impacts 
between the Reference Case (Risk-Based Reg­
ulation) and the Stringent Regulation case. 
The addition of the increased environmental 
costs associated with hydraulic fracturing 
resulted in a significant decrease in gas well 
completions (2,176 wells in 2015) compared 
to the Reference Case. This decrease is 70% of 
the gas wells impact of the Stringent Regula­
tion case. 

The environmental compliance impacts 
presented in this document are for new wells. 
The impact of environmental regulation on 
existing wells was not modeled. The 1992 
Study did use the HSM to model environmen­
tal compliance impacts on existing wells. The 
1992 Study, while not comparable to the envi­
ronmental scenarios considered for this study, 
showed an average annual impact production 
of less than 1% over a 20-year forecast period. 

Conclusions 
Future environmental regulations and 

legislation could impose unnecessarily high 
costs on natural gas exploration and produc­
tion, significantly limiting the efforts of the 
industry to supply increasing natural gas 
demand at a competitive prices. Such costs 
would result in reduced production and high­
er natural gas prices. 

The key issue is whether increasingly 
stringent environmental requirements in fact 
result in better environmental quality. 
Requirements should not be imposed only to 
achieve perceived environmental benefits, or 
to minimize environmental risk without con­
sidering the costs. To do otherwise would 
result in increased natural gas prices, impair­
ment of the competitive position of 
natural gas and, ultimately, enhancement of 
the competitive position of less environmen­
tally friendly fuels without any commensurate 
benefit. The modeling results give an indica­
tion of the magnitude of the cost and produc­
tion impact of unnecessarily stringent regula­
tion. 

Environmental regulation should be 
based on environmental risk assessment and 
sound science. Such risk-based regulation is 
protective of the environment while balancing 
the costs and benefits of environmental com­
pliance. This regulation must also be done 
within a national policy context that values 
natural gas use for its positive contributions 
toward improving air quality and mitigating 
global climate change. These benefits should 
weigh heavily in considering the environmen­
tal impacts of natural gas exploration and 
development activity. 

Environmental technology R&D can 
also make a contribution to lowering the cost 
of environmental compliance while improv­
ing the environmental performance of E&P 
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activities. This can save the industry a con­
siderable amount of money, thus freeing 
funds for further resource development. 

Financial Methodology 

Overview of Past Industry 
Financial Performance 

Figure S-60 shows E&P performance in 
terms of Return on Investment, as per the EIA 
over the past several years. In the time period 
plotted in this figure, the average Return on 
Investment is 5.4%. Figure S-60 illustrates that 
industry investment is also dependent on oil 
and gas price swings. 

The oil price decline that was seen in late 
1997 impacted the industry negatively. This 

price decline caused a reduction in industry 
cash flow. This in turn contracted capital bud­
gets, creating severe financial stresses, espe­
cially in the service sector. As a result, the 
industry is now going through, to quote one 
analyst, a period of "capital starvation."  This 
has impacted the smaller independent compa­
nies more than the larger companies. The 
"capital starvation" has impacted the capital 
markets in the following ways: 

• Equity Markets. The lower than desired 
returns forced companies to postpone 
either Initial Public Offerings or the 
issuance of additional shares via sec­
ondary offerings. 

• Debt Markets. This is the area that 
impacted the independents more, given 
that their capital structures are more 

Figure S-60. Rates of Return, 1986-1997 
Oil & Gas Producers vs. Non-Energy 
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leveraged. The pressure felt here was 
especially pronounced with Borrowing 
Base Bank Debt. This form of debt is sub­
ject to periodic review by commercial 
banks (at least once a year) and is a func­
tion of a company's discounted cash flow 
from proved reserves. With the price 
declines experienced in late 1997 and 
early 1998, borrowing base levels 
declined, forcing some companies to 
divert cash flow to debt repayment, 
instead of capital expenditures. 

Although both oil and gas prices recov­
ered in late 1999, the industry's psychological 
state of mind was still rather depressed. It 
was in this backdrop of somewhat depressed 
conditions that the Supply Task Group 
attempted to make financial estimates. 

Study Projections 

Financial Parameters Used in Model. 
The task of the Supply Task Group was to 
determine financial assumptions that most 
closely reflect the North American E&P envi­
ronment. The Supply Task Group engaged 
various sources to determine the values of the 
model's various financial parameters. A sum­
mary is shown in Table S-43. 

TABLE S-43 

SUMMARY OF 
FINANCIAL PARAM ETERS 

Financial Parameter 
I nterest Rate 

Capital Structure 

U .S .  I ncom e  Tax Rate 

Dividend Payout Ratio 

Value 
7.0% 

60% Equity, 
40% Debt 

30% 

20% 

Interest Rate. The assumption of 7% was 
determined using an industry "blended aver­
age." This was determined by calculating an 
effective interest rate from the financial state­
ments of publicly traded E&P companies. 

Capital Structure. Like the interest rate 
assumption, this was based on financial state­
ment analysis. One general observation was 
that major companies are typically less lever­
aged than independents. The above 
debt-equity mix was arrived at in considera­
tion of the following points: 

• A "blended" major-independent capital 
structure weighted by present gas pro­
duction 

• A belief that capital structures will be 
slightly less leveraged. 

Income Tax Rate. The value is based on 
the average income tax rate for the indepen­
dent sector in 1996. The inclusion of the aver­
age tax for major oil and gas companies was 
problematic for the following reasons: 

• A substantial amount of their operations 
comes from foreign operations 

• A significant portion of taxable income 
comes from non-E&P activities. 

Dividend Pay o u t  Ratio.  The payout 
ratio was based on a weighted average from 
both majors and independents . 

Technology 

There is little doubt that technology is a 
critical driver for the performance and growth 
of the natural gas industry in the North 
America. This is compounded by the com­
plexity of the current and future resource base, 
in which long-term success will depend on 
reservoirs that are deeper, more geologically 
challenging, and harder to reach, define, com­
plete, and manage. Continued development 
of multi-disciplinary and cross-company 
teams utilizing high levels of connectivity and 
knowledge management/ acquisition systems 
will be required. Effective management will 
require creating and managing symbiotic rela­
tionships within companies and with external 
groups, such as partners, suppliers/vendors, 
and additional links in industries outside the 
energy sector. 

Significant Future Technologies 

The following brief capsules are intended 
to highlight some of the technologies that are 
expected to have significant influence on the 
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ability of industry to provide adequate gas 
supplies in the future, as envisioned by the 
NPC Technology Group. 

4D Seismic. In the future, we will see a 
coupling between surface seismic and perma­
nent downhole seismic sensors. As a field is 
developed, each well will include permanent 
downhole geophones. The sensor system will 
enable us to see great increases in seismic 
detail as a result of the simultaneous use of 
surface sources and sensors as well as perma­
nent downhole seismic sensors. 

3D Shear Wave Seismic. Compressional 
wave seismic in use today uses only part of 
the possible energy spectrum to image the 
reservoir. Shear wave seismic offers a new 
dimension in which to image the reservoir in 
detail sufficient to define compartmentaliza­
tion and hence increase in-field development 
and extension potential. 

Real-Time Reservoir Model. An enor­
mous amount of all types of data will be pro­
duced in the future and the reservoir model 
must incorporate these data in real-time, all 
the time modifying the assumptions of the 
model. In order to keep up with the anticipat­
ed large increases in data, both the model 
algorithms and computing hardware will 
require constant updating to state of the art 
capability. 

Deep Wireline Measurements.  Deep 
measurements such as gravity and electro­
magnetics provide information that is similar 
to but complementary to seismic. Wireline­
based deep measurements typically have 
higher resolution than seismic and can pro­
vide enhanced detail about gas location and 
movement. In the future, we will see deeper, 
higher resolution measurements with greater 
accuracy. These will also feed into the reser­
voir model mentioned above. 

Integrated Well Planning. Planning pro­
grams and systems would link to reservoir 
and economic models in order to optimize 
well placement in an overall exploration and 
reservoir management plan. By utilizing an 
integrated, data-rich environment, a more 
holistic planning process can be used, result­
ing in maximized planning efficiency, better 
cost/profit controls, and the ability to simu­
late multiple scenarios in a time-effective man­
ner. Interconnectivity between the wide range 
of disciplines involved would also have the 
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potential of significantly decreasing cycle 
time. Overall, an integrated planning process 
would have significant benefit in decreasing 
uncertainties and increasing well/field and 
reservoir efficiency. 

Drilling Systems. The drilling segment 
will be continually challenged to develop and 
implement technologies to "bring the well­
bore" to specific horizons of interest and 
greatest economic value. This will become 
increasingly important in natural gas reser­
voirs, as industry looks at deeper, hostile envi­
ronments, more complex and areally compact 
reservoirs, and to do so in an environmentally 
friendly manner. Bottomhole assemblies 
allowing far greater reliability in wellbore 
placement will be coupled with technologies 
such as retractable bits, high durability bear­
ings, high horsepower /high pressure drilling 
motors, and enhanced well-control processes 
and equipment. Second and third generation 
synthetic muds will allow greater lubricity, 
cuttings transportability, and greater forma­
tion and environmental compatibility. Many 
of these technologies are considered cutting 
edge today. However, strong technical and 
developmental efforts will continue due to the 
necessity of decreased cost and increased effi­
ciency of connecting the surface to the reser­
voir. 

Expandable Tubulars. Expandable casing 
in the future holds promise to reduce the over­
all cost of development because casing strings 
will not be required to run back to surface and 
eliminate the need for casing/liner hangers. 
The expandable casing can be welded into 
place, reducing the need for casing hangers 
and liner tieback equipment. In ultra-deep 
water (10,000 feet of water depth and greater) 
many of these prospects are not drillable due 
to excessive mudweights and number of cas­
ing strings to reach total depth. Another 
future application of this technology is 
expandable screens. This has the potential to 
cut completion costs significantly, due to time 
savings, elimination of at least a portion of the 
downhole completion equipment, and reduc­
tion of the need for annular gravel packing. 

Rigless Spoolable Completion Systems. 
Spoolable completion systems have tremen­
dous potential as a cost saver. Large diameter 
composite tubulars would be expected to have 
greater durability, work at greater depths, and 
offer significant weight advantages for either 



on-platform or vessel usage. An additional 
advantage would be the capability of building 
the tubulars with smart conductors and pre­
built accessories such as sliding side doors, 
nipples, sensors, flow controls, and side-pock­
et mandrels . The possibility of working 
through spoolable, lightweight removable ris­
ers to make the operation more efficient and 
less costly would also be significant. The 
same type of applications might be applicable 
to land operations, but limitations would exist 
in tubular length and diameter due to trans­
portability issues. 

Stimulation. It is anticipated that in the 
future there will be some changes in the 
basics components of hydraulic fracturing 
and reactive fluid (acid, etc . )  treatments . 
Research will continue on stimulation fluids 
that are less damaging to the reservoir, are 
environmentally benign, and are less costly. 
The greatest potential lies in the area of simu­
lations utilized during the planning phase 
and real-time job operations. Enhanced capa­
bility to utilize highly detailed and integrated 
geologic, mechanical, reservoir property, and 
economic factors in treatment design and 
implementation will bring great value. Arti­
ficial intelligence, robust sensors, object tech­
nology driving data integration, and con­
current implementation by linked, virtual 
cross-functional centers of expertise are criti­
cal areas of focus. Success in this arena will 
be important factor in the 10+ year time frame 
based upon projections of greater dependence 
on complex tight gas sands and nonconven­
tional resources (coalbed methane, shale, etc.) .  

Subsea Processing. Development of and 
improvements in subsea separation, metering, 
and pumping will decrease the need for sur­
face facilities and associated risers. It can be 
envisioned that a major portion of the deep­
water Gulf of Mexico out to about 10,000-feet 
water depth could be produced using only 
subsea equipment tied back to relatively shal­
low water and less expensive host platforms. 
A related technology is cold flow, i.e., the abil­
ity to transport produced fluids and gasses at 
low ambient temperatures. This approach 
would allow fewer and less-expensive flow­
lines and the ability to flow these products 
long distances at reasonable pressures. 

Free-Standing Drilling Risers.  Deep­
water moorings and free-standing risers are 
brought together in what several suppliers 

have been calling "Installation In Advance." 
This name is derived from the fact that both 
the moorings and the riser can be installed 
prior to the arrival of the drilling rig. The 
installation is done by a special vessel referred 
to as the "installation vessel" (probably a con­
verted second- or third-generation rig), which 
can be either a moored or dynamically posi­
tioned vessel. The installation vessel might 
also install surface casing to increase the effi­
ciency of the drilling vessel even further. 

Polyester TLMs. Using the new technol­
ogy of taut leg moorings (TLMs),  together 
with polyester mooring lines and anchors that 
can withstand uplift, will allow a drilling rig 
to keep a very tight watch circle (less than 2% 
of water depth) . This would apply even under 
severe environmental conditions that would 
require disconnection of the drilling riser 
using a conventional catenary mooring system 
with steel components. It will also be safer to 
install the polyester TLMs since the loads that 
have to be handled are greatly reduced. Also, 
a polyester mooring is much safer if it is 
dropped (for example on a pipeline or well­
head) than a heavy steel line . Finally, the 
environment is spared the air pollution that 
results from continuously running a dynami­
cally positioned rig to keep it on station. 

Polyester TLMs also have potential to be 
used on production facilities in the future for 
many of the same reasons, i.e., to decrease the 
loads on the vessel (save on buoyancy costs), 
maintain tighter watch circles (simplify risers), 
increase safety in case of dropping a mooring 
line, and generally reducing costs. 

Preset polyester moorings can be of great 
benefit in mooring a vessel to do intervention 
work for subsea satellite wells. One example 
is an operator that plans on requiring a 
moored rig if the intervention involves the 
pulling of tubing. Polyester TLMs have dis­
tinct advantage over steel moorings in such a 
situation due to the large amount of equip­
ment on the seabed that could be damaged in 
the event a line was dropped. Again, this 
technology has the potential to save money 
and reduce risk to the environment. 

Dual Density Drilling. A current exam­
ple of the new era of drilling equipment 
design is the dual density I activity drillships 
currently entering the ultra-deepwater plays. 
These rigs are designed to make deep cuts in 
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drilling time and associated costs and thus 
reduce total well costs. A number of highly 
innovative designs were utilized in terms of 
station keeping, deck loading, well testing 
capabilities, two complete drilling systems 
under a single derrick as well as unique high 
capacity drilling fluids and blow-out preven­
ter/riser systems. Another feature of this new 
approach is the utilization of multi-discipline 
teams of vendors, contractors, and operators 
to make critical planning decisions. 
Experienced gained from this type of design 
and implementation is an example of how 
major cost segments of the well construction 
process can be mitigated by innovation, 
research, and critical path functionality to pro­
mote significant cost efficiencies. It is antici­
pated that this process will continue to drive 
further savings and efficiencies in the future, 
both in offshore and onshore operations. 

Production Facilities. Production and 
gathering facilities are a significant cost factor 
in all offshore operations. Thus, highly 
focused technology efforts are and will contin­
ue to be applied to this segment. 

Production Facilities Design. In the fu­
ture, it is anticipated that enhanced computer­
aided design and linked simulation based 
design of facilities will be directly tied to com­
prehensive subsurface earth models that allow 
for business analysis at each level of the field's 
life. Developments in these areas will lead to 
more complete, comprehensive, and consis­
tent understanding of the overall system 
among the various groups within a company, 
which should lead to better estimates of capi­
tal and operating costs and of total system 
performance through the asset's life. In terms 
of cost, this will lead to facility designs that 
are highly performance-oriented and cost­
effective over the entire field life. An example 
in very deep water might be replacement of 
multiple separate production facilities with a 
single large, floating regional processing and 
transshipping facility (no storage). The unit 
would be highly adaptable to configuration 
changes and tied to extended tiebacks to a 
large number of wells in the area. Subsea 
wellheads would be linked to remotely oper­
ated buoys with high-rate data links and 
moored with composite risers and unbilicals. 
As input volumes increased or decreased, 
required changes could be made in configura­
tion. Advantage of this concept is that it is 
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driven by marginal economics as could well 
be faced in the Gulf of Mexico in the long 
term, where fields are much smaller and fur­
ther apart. 

Impact of Information 
Technologies, Current Examples 

Linkage of Geoscience and Engineering. 
Current technologies allow for cross-platform 
applications, which allow connectivity 
between the Unix-based seismic and geologic 
world and the PC base of the reservoir and 
design engineers . These technologies allow 
much greater data transfer and interdisci­
plinary team activities. 

Visu a lization. Visualization allows 
explorationists and engineers the capability of 
viewing and manipulatin.g massive amounts 
of 3D and other seismic and geologic data in a 
collaborative environment. Utilization of 
viewable data and highly sophisticated data 
management techniques is especially impor­
tant in obtaining reliable information regard­
ing the geology of subsalt deepwater plays in 
the Gulf of Mexico. 

Integrated Vis u a lization. A further 
enhancement of visualization technology is 
the integration of seismic/ geologic informa­
tion and well-planning capabilities.  This 
allows specialists to plan and visualize 3D 
well paths directly in the 3D seismic volume. 
Using multiple scenarios and by monitoring 
real time well activities, tremendous cycle 
time reductions are possible. This concept is 
also applied to design of both integrated sys­
tems and mechanical devices I structures using 
computer-aided design and manufacturing 
and other similar tools, which allow multiple 
scenario investigation and ultimately less cost­
ly, enhanced fit for purpose facilities. 

Connectivity. Utilizing the Internet, 
e-mail, desktop video, and other aids, com­
panies can now stay in personal data-link 
communication with operations anywhere at 
any time. This allows for collaborative plan­
ning and operations regardless of location 
and can expedite problem solving and con­
current modeling of activities. Connectivity 
also promotes better availability and utiliza­
tion of highly experienced personnel, in that 
they need not necessarily be at the well site 



or distant office to provide immediate/ criti­
cal input and expertise. 

Remote Control. Computer and sensor 
systems are currently being integrated into a 
host of unique and hostile environment appli­
cations. The advent of downhole production 
controls, "smart" tools, store and forward data 
systems, and remote direction of on-location 
activities are becoming more commonplace. 

Technology Assumptions Used in 
the Hydrocarbon Supply Model 

The technology drivers set in the HSM 
for the 1999 Study and two alternative cases 
are shown in Table S-44. The 1999 Study rep­
resents the study group's view of what can be 
expected for technological advances based on 
recent levels of R&D funding and the general 
effectiveness of those efforts . The Faster 
Technology Advancement case assumes either 
a higher level of funding or a greater-than­
expected number of significant technological 
breakthroughs. The Slower Technology Ad-

vancement case envisages a decline in R&D 
funding with a resulting halving of each Base 
Case technological driver in the model. 

An explanation of the parameters shown 
in Table S-44 is as follows. 

New Field Exploration Efficiency. 
Improvements discussed above, such as 4D 
Seismic, Deep Wireline Measurements, 
Integrated Well  Planning, and Improved 
Drilling Systems will greatly increased level of 
understanding of landing and keeping the 
well in the pay interval. The Supply Task 
Group envisions that the evolution of the 
above parameters may be somewhat geomet­
ric, resulting in the above percentages increas­
ing over time. 

Platform Cost Reduction.  Items dis­
cussed above, such as Expandable Tubulars, 
Spoolable Completions, Free-Standing Drill­
ing Risers, Polyester TLM, and Information 
Technology influenced the Supply Task 
Group's decision on this Model Driver. In 
arriving at the High Tech Driver of 4%, the 

TABLE S-44 

TECHNOLOGY DRIVERS SET IN HYDROCARBON SUPPLY MODEL 

Faster Slower 
Technology Technology 

Reference Advancement Advancement 
% Annual Improvement Case Case Case 

N ew Field 
Exploration Efficiency 

2000 1 .5% 2.5% 0.75% 

201 0 1 .8% 2.8% 0.90% 

201 5 2.2% 3.2% 1 . 1 0% 

Platform Cost Reduction 1 .5% 4.0% 0.75% 

D&C Cost Reduction 

Onshore & Shelf 2.5% 3.0% 1 .25% 

Deepwater 3.0% 3.5% 1 .50% 

Improvements in EUR per Wel l  

Conventional Gas 1 .0% 1 .5% 0.5% 

Low Permeabi l ity Gas 2. 1 %  2.5% 1 .05% 

Nonconventional Gas 1 .5-3.0% 1 .5-3 .0% 0.75-1 .50% 
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Supply Task Group felt that cutting edge tech­
nologies like Free-Standing Drilling Risers and 
Polyester TLMs could have a major impact in 
an advanced stage of development. 

Drilling and Comp letion (D &C) Cost 
Reduction. Almost all of the factors discussed 
above will impact D&C cost reductions. It 
was the Supply Task Group's opinion that the 
cost-reduction effect would be more pro­
nounced in the deepwater Gulf of Mexico, 
resulting in the higher reduction value. 

Improvements in Estimated Ultimate 
Recovery Per Well. The following items influ-
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enced the Supply Task Group's recommenda­
tion on the model drivers: Integrated Well 
Planning, Stimulation Techniques, Subsea 
Processing, and Information Technology. The 
Task Group envisions a higher improvement 
in Low Permeability and nonconventional gas 
as more future production comes from those 
classifications. Over the past several years, 
coalbed methane and fractured shales experi­
enced a tremendous technology gain due to a 
concerted effort by producers, GRI, DOE, and 
the service industry, which was also spurred 
by tax credits. 
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Summary of Key Findings 
of the Transmission & 
Distribution Task Group 

The National Petroleum Council finds 
that significant expansion and enhancements 
to the delivery system are required to serve 
the growing demand for natural gas. The 
existing transmission and storage system is 
capable of meeting its existing firm require­
ments on an annual and peak-day basis. A 
significant investment in pipeline facilities 
will be necessary to meet the new demand 
requirements and shifts in supply locations to 
deepwater Gulf of Mexico, Rockies, western 
Canada, and the Canadian Atlantic. The fore­
casted average annual capital expenditures 
are slightly less than the average annual capi­
tal expenditures during the last three decades. 
Through 2015, approximately 38,000 miles of 
transmission pipeline and 255,000 miles of 
distribution mainlines are projected to be 
needed to meet the requirements of the future 
market. This rate of growth is not extraordi­
nary and is in fact comparable to the expan­
sion experienced in the last few years. 

This level of expansion combined with 
enhancements to existing infrastructure 
should enable the transmission and distribu­
tion industry to meet the expected growth in 
U.S. natural gas demand well into the twenty-

first century. Yet, there will be challenges 
along the way such as: 

• Access issues that impede installation of 
new infrastructure 

• The need for new services to meet the 
requirements of a changing market 

• The restructured market changes the 
risks associated with investments for 
new infrastructure. 

It is industry's challenge to attract the 
investment capital and human resources to build 
transmission and distribution pipelines, maintain 
the existing infrastructure, and serve new and 
existing customers . It is government's challenge 
to minimize impediments to a competitive market­
place for all sectors of the natural gas industry, 
including companies involved in the transmission 
and distribution of natural gas, while continuing 
to consider the effects of any residual market 
power they may possess .  Such a relationship 
between government and the pipeline/distribution 
industry is essential to continue the efficient and 
reliable transportation of sufficient quantities of 
natural gas supplies to meet the nation's economic 
and environmental goals. 
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Key Findings of the Transmission & Distribution Task Group 

1. Significant expansion and enhancements to the delivery system are 
required to serve the growing demand. 

• By 2015, annual requirements are projected to increase beyond 31 TCF. 

• Peak-day requirements will grow from approximately 111 BCF per day 
in 1997 to over 152 BCF per day in 2015. 

• Supply locations will shift to frontier areas such as deepwater Gulf of 
Mexico, Rockies, western Canada, and the Canadian Atlantic. 

• Through 2015, approximately 38,000 miles of transmission pipeline 
and 255,000 miles of distribution mainlines are projected to be needed 
to meet the requirements of the forecasted market. 

• Working gas storage may need to increase by 0.8 TCF. 

• Based on recent history, there is little concern that the projected 
increase in infrastructure will cause significant problems. 

2. Access issues impede installation of new infrastructure. 

• Issues arise from urban sprawl encroaching on existing rights-of-way, 
heightened public resistance to providing easements, and increasingly 
restrictive government policies and regulations. 

• Unprecedented public protest has arisen to recently proposed pipeline 
projects from the Midwest to serve Northeast markets. 

• Recent proposed policy I regulatory changes demonstrate a movement 
toward additional requirements for the building and maintenance of 
pipelines. 

• Consequences of conflicting policy and regulations within and across 
government agencies will lead to higher costs, directly or via delays. 

• Natural gas has its own environmental benefits that should be taken 
into account when formulating policy so that an appropriate balance 
can be achieved. 



3. New services are needed to serve a changing market. 

• The current delivery system was built to meet the design peak-day 
requirements of LDCs whose loads were primarily residential, com­
mercial, and industrial. 

• Marketers, producers, and other end-users are contracting for capacity 
as the competitive market evolves and many of these customers use 
capacity differently than the LDCs. 

• The tremendous growth in electricity generation demand for natural 
gas will require the delivery system to be re-optimized to meet larger 
off-peak swing loads as well as growing peak-day requirements. 

• New high-efficiency gas-fired turbines for electricity generation 
require significantly higher inlet pressures and higher hourly flow 
rates than other end-use customers. 

• Loads for peaking generators are volatile and of relatively short dura­
tion, thereby requiring greater flexibility and quicker responses by the 
natural gas delivery system. 

• Meeting the requirements of electricity generators will entail changes 
in physical capabilities, operational procedures, communications, con­
tracting (supply and transportation), and tariffs. 

4. The restructured market changes the risks associated with investments 
for new infrastructure. 

• The industry restructuring over the last two decades has led to chang­
ing roles ahd obligations-as well as new risks and different risk pro­
files-for all the industry participants. 

• The Reference Case shows that transmission and distribution compa­
nies will need to make capital investments of approximately $123 bil­
lion through 2015 in the lower-48 states, which includes $35 billion for 
transmission facilities, $84 billion for distribution facilities, and $4 bil­
lion for storage facilities. 

• The shippers' need to limit their long-term exposure does not align 
with the pipelines' traditional need for long-term contract commit­
ments to justify investment risk. 

• Faced with these changing conditions, it is not clear who will be will­
ing to accept the risks for building the infrastructure needed to sup­
port the growth in natural gas demand. 
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General Methodology 
Overview 

The responsibility given the Trans­
mission & Distribution Task Group was to 
conduct an analysis of the natural gas delivery 
system (subject to the assumptions on supply 
and demand developed by the Supply and 
Demand Task Groups) including the identifi­
cation of infrastructure and operational re­
quirements, gas storage, right-of-way, and 
other issues, and to present the findings in 
this report. 

The Transmission & Distribution Task 
Group was comprised of numerous partici­
pants representing the diverse viewpoints, 
perspectives, and interests of producers, inter­
state pipelines, local distribution companies 
(LDCs), marketers, and government. The 
group met several times over the 12-month 
study period to: 

• Determine the approach and scope to, as 
well as the assumptions and sensitivities 
for, the transmission and distribution 
analyses 

• Identify the critical issues I factors facing 
these industry segments based upon 
industry experience over the last seven 
years, current outlooks and trends, and 
the results of the model analysis. 

The Transmission & Distribution Task 
Group's approach was to narrow the scope of 
the analyses and focus on examining the criti­
cal factors to serving a 30+ trillion cubic feet 
(TCF) market, rather than conduct a compre-

hensive analysis and detailed review of all 
aspects of the North American transmission 
and distribution sectors as was undertaken in 
the NPC's 1992 study on natural gas (here­
inafter referred to as "the 1992 Study") .  

Modeling Framework 
The GRI Hydrocarbon Supply Model 

(HSM) was developed by Energy and 
Environmental Analysis, Inc. (EEA) for the 
Gas Research Institute (GRI) in the mid-1980s 
and was used to investigate gas supply issues 
for the 1992 Study. The GRI Hydrocarbon 
Supply Model is a PC-based analytical frame­
work designed for the simulation, forecasting, 
and analysis of natural gas, crude oil, and nat­
ural gas liquids supply and cost trends in the 
United States and Canada. The HSM, along 
with the gas transmission and demand com­
ponents of EEA's Gas Market Data and 
Forecasting System (STM) were chosen as the 
modeling systems for this study. The repeat 
use of the HSM for the 1999 Study allowed the 
Supply Task Group to start its analysis using 
the same assumptions contained in the 1992 
Study. Starting with these assumptions, a 
series of successive "Strawman" cases were 
developed in which various new assumptions 
were tested and adopted until the final 
"Reference Case" was reached. Transmission 
and distribution facilities were added using 
the STM model to bring the new and incre­
mental supply found in the "Reference Case" 
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to the incremental demand generated. The 
STM model solves for monthly gas produc­
tion, storage activity, pipeline flows, end-use 
consumption and prices. The model helped 
determine the new pipeline and storage 
infrastructure that would be economically jus­
tified by the market conditions and assump­
tions in the Reference Case and each of the 
sensitivities. 

Sensitivities 
Seven sensitivities are analyzed in the 

Transmission & Distribution Task Group 
Report. These are shown in Table T-1 .  More 
detailed definitions of the sensitivities are 
included in the Demand and the Supply Task 
Group Reports. In addition, a High Pipeline 
Cost Sensitivity was run where pipeline cost 
was increased by 30% over the forecast per­
iod of 2015 .  It was run to mimic regulatory 
delay along with eminent domain and access 
problems. Because there were not any signif­
icant differences in pipeline mileage or 
city gate prices with the Reference Case, it 
was dropped in favor of using the other sen­
sitivities. 

Transmission & Distribution 
Task Group Key Assumptions 

The economic, exogenous oil price, end­
use demand, electricity demand, and power 
generation assumptions are covered separate-

ly in the Demand and the Supply Task Group 
Reports . Key assumptions made by the 
Transmission & Distribution Task Group are 
as follows: 

• Liquefied Natural Gas (LNG) Imports. 
Lower-48 LNG imports grow to 780 bil­
lion cubic feet (BCF) by 2015. The exist­
ing re-gasification capability of the four 
existing LNG terminals was assumed to 
be utilized at up to 75% of its maximum 
capacity and capped at that level on an 
annual basis. These import terminals are 
located at Everett, MA, Cove Point, MD, 
Elba Island, GA, and Lake Charles, LA. 
New LNG import terminals are not built 
during the forecast period, but the exist­
ing terminals may need to be enhanced 
to perform at these levels toward the end 
of the forecast period. 

• Productivity Improvement. A produc­
tivity improvement factor is included for 
both Transmission (pipelines) and 
Distribution and is 1 .0% annually. 

• Pipeline Capital Structure. The capital 
structure for all new p ipelines and 
expansions of existing pipelines is 60% 
debt and 40% equity. 

• Transmission Pipeline Costs and 
Expansion Costs. Generic pipeline 
capacity is built in the model when it is 
economically justified, that is, when the 
regional cost basis (marginal value) 

TABLE T-1 
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KEY CHANGES I N  SENSITIVITIES ANALYZED I N  1 999 STUDY 

Sensit ivity 
Higher Oil Price 

Lower Oi l  Price 

Higher G OP G rowth 

Lower G OP Growth 

Faster Technology 
Advancement 

Slower Technology 
Advancement 

Larger Resource Base 

Key Change 
Increased WTI oi l  prices to $22.00 

Decreased WTI oil prices to $1 5 .00 

Increased annual U .S .  GOP growth to 3% 

Decreased annual U .S.  G O P  growth to 2% 

Acceleration of supply technology improvements 

50% of 1 999-201 5  supply technology gains in  
Reference Case 

Additional 250 TCF Reserves added to Reference Case 



between receipt and delivery node 
exceeds the cost of new pipeline develop­
ment. It was assumed that this basis 
must exceed the cost-of-service of an 
expansion by 20% for three consecutive 
years before the capacity would be 
placed in-service. The expansion costs 
used were based on historical costs of 
projects as reported in the Oil and Gas 
Journal. The base capital cost for new 
pipe is $1 .68 per thousand cubic feet per 
day (MCF /D) per mile. This was less 
expensive than what was used in the 
1992 Study and is an indication that 
p ipeline costs are declining on a real 
basis. Regional multipliers to reflect dif­
ferences in costs to build are shown in 
Table T-2. To determine regional capital 
cost per MCF /D per mile, the base capi­
tal cost of $1 .68 is multiplied by each 
regional multiplier. 

TABLE T-2 

REGIONAL M U LTIPLIERS 

Regional Cost 
Region M ultipl ier 

Northeast 1 .4 

Southeast 0.9 

East South Central 1 . 1 

Midwest 1 .3 

Plains 1 .0 

West South Central 0.9 

Rockies 1 . 1 

Pacific 1 .3 

Offshore 1 .2 

Canada 0.8 

Mackenzie Delta 1 .6 

• Storage Expansion Costs. Like pipeline 
capacity, storage capacity is built when it 

is economically justified. Expansion costs 
were based on analysis by EEA of histori­
cal storage expansions. The capital cost of 
new storage ranges between $3 million 
and $6 million per BCF. Seasonal price 
spreads (dollars per million British ther­
mal units (MMBtu)) justifying new stor­
age are shown in Table T-3 .  Only areas 
where the geology is favorable can have 
storage built. 

TABLE T-3 

SEASON A L  P R I C E  S P R EADS 
(Depleted Field Storage Only) 

Region 

New York and 
Eastern Canada 

Pennsylvania 

Ohio and West Virgin ia 

Midwest 

Producing Area 

Rocky Mountains and West 

Expansion 
Costs 

per M M Btu 

$2.00 

$1 .80 

$1 .60 

$1 .40 

$1 .20 

$1 .60 

• Transmission and Distribution Unit 
Revenues. The economic equilibrium 
process of the model has transmission 
unit revenues moving toward the 
marginal cost (value) of transmission over 
time. Also, shippers become less willing 
to pay contractual premiums (revenue in 
excess of the marginal value). The histor­
ical 1995-97 average contractual premium 
of $7.5 billion shrinks to $4.8 billion in 
2015. In real terms, per-1.mit distribution 
revenues are assumed to decline over 
time as efficiency gains and the competi­
tive drive toward marginal cost are con­
sidered. 
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Background 

Prior to the 1990s, nearly all natural gas 
flowing in the interstate market was owned by 
the major pipeline companies, which trans­
ported and sold the gas to their customers that 
were primarily LDCs. The regulatory changes 
by the Federal Energy Regulatory Commission 
(FERC), starting with Order 436 in 1985 and 
culminating in Order 636 in 1993, changed 
everything from the roles and obligations of 
the participants, procurement practices, and 
customer relationships, to operations and ser­
vices of the delivery system. FERC Order 436 
required interstate pipelines to transport gas 
owned by others on a non-discriminatory, 
first-come, first-serve basis. But this did not 
prove adequate to foster efficient price signals 
and the complete unbundling of services. In 
1992, FERC issued Order 636, which changed 
the fundamental structure of the industry. 
With this order, interstate pipelines exited the 
gas sales business and thus became strictly 
transporters of gas owned by third parties 
offering unbundled transmission and storage 
services. Another key aspect of Order 636 was 
the capacity release provisions that allow firm 
capacity owners to assign their capacity rights 
to others, either temporarily or permanently, 
subject to various conditions. These initiatives 
and emerging market forces created open­
access transportation on the interstate pipeline 
system and provided increasing flexibility in 
the way the industry operates. They have also 
allowed for many new entrants such as mar­
keters to offer services. 

From 1990 through 1998, natural gas 
consumption in the United States increased 
by 14% and pipeline deliverability increased 
sharply in response to the increased demand 
and changes in supply sources. At least 17 
new interstate pipeline systems have been 
constructed since 1990, adding more than 
8 billion cubic feet per day (BCF /D) of capac­
ity by the end of 1998. 1  In addition, several 
pipeline expansions have been completed to 
bring greater flows from Canada. In the early 
1990s, three geographic regions were the pri­
mary focus of capacity expansion: the 
Western, Midwest, and Northeast regions. 
All three regions shared a common element, 
greater access to Canadian supplies. In addi­
tion, the Western Region had expansions out 
of the San Juan Basin of New Mexico. The 
greatest increase in capacity since 1990 
occurred on those routes between Canada 
and the U.S. Northeast, 1 .9 BCF /D.2 The 
largest increase in purely domestic capacity, 
however, was between the Southwestern and 
Southeastern states, 1 . 1  BCF / D.3 This 
increase was driven primarily by the growth 

1 Energy Information Administration, EIAGIS-NG 
Geographic Information System, Natural Gas Pipeline 
State Border C apacity and Natural Gas Proposed 
Pipeline Construction Database, as of December 1998. 

2 Department of Energy (DOE / EIA-0560(98)) 
Natural Gas 1 998 Issues and Trends, p. 1 12. 

3 1bid. 
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in electric power and industrial demand for 
natural gas in the Southeast, particularly in 
Florida. In regard to storage, development of 
additional storage capacity has slowed since 
1993, the decade's peak year for storage 
development. In that year, about 103 BCF of 
working gas capacity and nearly 4 BCF /D of 
deliverability were added. The years since 
then have seen a significant drop in expan­
sion activities. The development slowdown 
includes salt cavern storage. Although there 
has been a slowdown in storage development 
activity and a recent slight reduction in work­
ing gas capacity from 3,793 BCF in 1990 to 
3,724 BCF in 1998, storage deliverability is up 
at least 20% during this period.4 In fact, the 
current transmission and storage system is 
capable of meeting its existing firm require­
ment contracts on an annual, seasonal, and 
peak-day basis. 

Today, the interstate pipeline system is a 
national grid with sufficient flexibility to 
move gas in many directions as markets and 
economics dictate. The largest flows of natu­
ral gas are from the Southwest to the Midwest 
and along the East Coast (see Figure T-1).  In 
1998, approximately 25% of natural gas con­
sumed in the United States was from the off­
shore Gulf Coast area. The onshore areas of 
Texas, Louisiana, New Mexico, and Okla­
homa account for another 45% of total deliv­
ered supply.s With the expansions of the 
TransCanada pipeline systems, gas imported 
from Canada, which accounted for less than 
8% of total U.S. consumption in 1990, has 
grown to about 14% of total U.S. consump­
tion.6 Imports from Canada primarily serve 
the Pacific, Midwestern, and Northeast mar­
kets and are projected in this study to increase 
from 3 TCF in 1998 to over 4 TCF by 2015, 
continuing to represent about 14% of the 
delivered supply to meet U.S. demand. 

Natural gas consumption is expected to 
grow steadily into the next century, with this 
study projecting annual average demand to be 
32 TCF or 87 BCF /D by 2015 and peak-day 

4 Energy Information Administration. 

5 Energy Information Administration, Natural Gas 
Annual, 1998. 

6 Energy Information Administration, Natural Gas 
Monthly, August 1999. 
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requirements of approximately 152 BCF /D. 
The prospect of a large increase in annual 
average and peak-day demand and the shifts 
in supply locations to the deepwater Gulf of 
Mexico, Rockies, western Canada, and the 
Canadian Atlantic regions has significant 
implications for the natural gas delivery sys­
tem. Key questions are what kinds of infra­
structure (transmission, storage, and distribu­
tion) changes and what level of investment 
will be required to serve such a market. In 
addition, there will be challenges: obtaining 
access to rights-of-way, providing new flexible 
services, and adapting to changing risks to 
attract capital. 

There will be additional pressure on 
obtaining access resulting from population 
growth. Population in the United States has 
been growing at a rate of about 1 .1% in the 
1990s. Even though this is expected to slow to 
0.5% in the next century, population in the 
United States by 2015 will increase by nearly 
40 million. Population growth, and the atten­
dant urban sprawl, combined with greater 
environmental awareness have resulted in 
more "Not In My Back Yard" (NIMBY) behav­
ior and more restrictive environmental regula­
tions. Public protest to recently proposed 
pipeline projects from the Midwest to serve 
Northeast markets has delayed their regulato­
ry approval by FERC. 

Since natural gas is the cleanest fossil 
fuel, the greater environmental awareness is 
helping drive the demand for gas-fired elec­
tricity generation along with favorable eco­
nomics and the restructuring of the electric 
industry. Since 1990, yearly consumption of 
natural gas for use in generation of electricity 
has varied from 2.7 to 3.2 TCF, down from the 
3.9 TCF in the early 1970s. But, now the 
future of natural gas is expected to be closely 
tied to electricity generation, with consump­
tion in that sector projected in this study to 
increase to 7.8 TCF in 2015. The physical and 
operational aspects of new gas-fired genera­
tion combined with the large growth in this 
load will have major implications for the natu­
ral gas delivery system infrastructure and the 
need for new flexible services. 

As a result of the natural gas industry 
restructuring, now almost all natural gas is 
purchased directly by marketers and large 
end-users from producers in an open mar­
ket with the interstate pipeline and LDCs 



Figure T-1 .  Major Natural Gas Producing Basins and Transportation Routes to Market Areas 
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Source: Energy I nformation Admin istration, E IAGIS-NG Geographic Information System, Natural Gas Pipeline State Border Capacity Database, as of December 1 997. 



principally providing transportation ser­
vices for these customers. However, most 
residential and commercial customers still 
purchase their gas supplies via bundled ser­
vices provided by their LDCs. The greater 
access to transportation services, the growth 
in new services and pipeline routings, and 
greater participation in the market by 
end-users, marketers, and others has result­
ed in a much more competitive natural gas 
delivery system than existed a decade ago. 
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Along with increased competition, the 
industry restructuring has led to new and 
changing risks and uncertainty for all 
industry participants . 

The following chapters will present the 
results from the Transmission & Distribution 
Task Group's analysis and an examination of 
the challenges for these segments of the indus­
try as they look forward to fulfilling their 
potential toward meeting the environmental 
and energy needs of the nation. 



Chapter One 

Significant Expansion 
and Enhancements to the 
Delivery System are Required 
to Serve the Growing Demand 

Substantial changes are expected in nat­
ural gas supply and consumption patterns by 
the year 2015. These anticipated changes cre­
ate a need for enhancements to the existing 
delivery system and construction of new 
transmission and storage facilities. The con­
sumption of natural gas in the United States 
peaked in 1972 at 22.1  TCF. Since then, geo­
graphic shifts in supply and demand (such as 
the decline of the industrial Midwest and 
increases in supply from the Rockies and 
Canada) have caused the interstate transmis­
sion and storage system to expand more 
slowly than otherwise expected (Figures T-2 
and T-3) .  Today there are more than 270,000 
miles of gas transmission pipelines and 
approximately 3.8 TCF of working gas stor­
age capacity. The U.S. delivery system also 
includes another 952,000 miles of gas distri­
bution mainlines ("mains") .  

Transmission Facilities Analysis 

Two shifts in the flows on the interstate 
transmission grid have developed recently. 
First, there has been a significant decrease in 
Gulf Coast and Mid-Continent supply moving 
to the Midwest (i.e., Chicago area). This shift 
has been caused by slow market growth in the 
Midwest and displacement of Gulf Coast and 
Mid-Continent supply by Rockies and 
Western Canadian production as additional 
pipeline infrastructure has come on line . 
Second, a significant amount of Gulf Coast 

supply now flows to the Southeast to meet 
increased market demand. In the future, 
increased supply from the Rockies and 
Western Canada will be flowing to the 
Midwest, turning Chicago into a supply hub. 
The Reference Case shows that significant 
new or incremental transmission capacity will 
be built from the Rockies to California, 
Canadian Atlantic to New England, Gulf of 
Mexico to Florida, Western Canada to the 
Pacific Northwest, and the Mackenzie Delta to 
Alberta. 

A significant investment in delivery sys­
tem facilities will be necessary to meet the 
new demand requirements and the shift in 
supply locations to the deepwater Gulf of 
Mexico, Rockies, western Canada, and 
Canadian Atlantic regions. Although the level 
of investment is significant, it is unlikely to 
pose a constraint on reaching the anticipated 
31 TCF market. As shown in Figure T-4, the 
forecasted average annual capital expendi­
tures of $2.5 billion per year for transmission 
and storage facilities are slightly less than the 
average annual capital expenditures during 
the last three decades. 

Historical and projected annual U.S. capi­
tal expenditures for natural gas transmission 
are shown in Figure T-5. The sawtooth pat­
tern is normal and reflects capital expendi­
tures when pipeline construction makes eco­
nomic sense. Pipeline construction is cyclical 
and in the STM model generally follows the 
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Figure T-2. U.S. Natural Gas Pipeline 
Cumulative Mileage 
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Source of historical data: American Gas Association, 1998 Gas Facts. 

pattern of "basis" differentials between source 
and delivery nodes. The historical data were 
obtained from Gas Facts, an annual publication 
from the American Gas Association (AGA), 
and are presented in 1998 dollars. In the 
1970s, annual expenditures averaged $2.7 bil­
lion. Expenditures were flat during the 
1980s, but increased to $3.3 billion annually 
from 1990 through 1997. This increase in 
expenditures from the late 1980s to the mid-
1990s tracked the rebound in U.S. natural 
gas consumption. Many of the expendi­
tures in this period were for projects 
designed to increase U . S .  access to 
Canadian gas (Great Lakes expansion, 
Iroquois, Northern Border expansion, 
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Niagara, and the Pacific Gas Transmission 
expansion) . 

The total capital expenditures in the 
Reference Case for U . S. gas transmission 
infrastructure, stated in 1998 dollars from 1999 
to 2010, are projected to be $29.1 billion in the 
Reference Case. Total capital expenditures 
include new pipeline projects, pipeline expan­
sions, replacement projects, and new storage 
projects. After 2010, the uncertainties in 
assumptions begin to escalate, making it diffi­
cult to determine an exact level of capital 
expenditures. From 1999 to 2015, total capital 
expenditures range from $33.6  billion to 
$43.7 billion across the seven sensitivities. A 



total of $43.7 billion is spent in the Higher 
GDP Growth sensitivity. The lowest capital 
spending of $33.6 billion occurs in the Lower 
Oil Price sensitivity. These two sensitivities 
are displayed in Figure T-6. The projected 
annual average ranges from $2.0 to $2.6 bil­
lion. This is significantly lower than the his­
torical average capital expenditure of about 
$3 billion in 1998 dollars over the last 15 years. 
This decrease is attributable in part to the 
assumption that there will be an annual 1% 
productivity improvement. However, the 
major reason is due to the efficient way the 
STM model adds pipelines. The model only 
builds pipeline capacity when the basis justi­
fies it. Over-building due to competitive rea­
sons is not factored into the analysis. During 

the partial deregulation of the 1990s, building 
pipelines has become a more competitive 
business. It is often the case that pipelines are 
designed to allow for cost-effective expansion 
of the system in the future. Also, many proj­
ects have been built where the basis did not 
initially justify their construction. This has 
contributed to the marked increase in capital 
expenditures in recent years. If this trend con­
tinues, future average capital expenditures 
will be higher than projected in the model 
results. 

It is projected that pipeline projects to 
import Canadian supplies and increased 
pipeline infrastructure in the Midwest will 
account for the greatest expenditures through 

Figure T-3. Underground Natural Gas Storage Capacity 
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Figure T-4. Average Annual Historical and Projected 
Transmission and Storage Capital Expenditures for Lower-48 States 
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Figure T-5.  Historical and Projected 
Capital Expenditures for Lower-48 States 
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Figure T-6. Cumulative New Pipeline Capital Cost 
(including replacement) for Lower-48 States 
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2010, as is shown in Figure T-7. Cumulative 
pipeline cost for the Canadian and Midwest 
regions are $9.3 billion and $6.0 billion, respec­
tively. In all of the sensitivities, spending in 
the Rockies supply region increases signifi­
cantly such that it nearly equals or passes the 
Midwest to become the area with the second 
greatest capital expenditures through 2015. 
An example of this is shown in Figure T-8. 
For a geographical depiction of the regions 
used in the STM model, see Figure T-9. 

There is no easy way of summarizing 
into a single statistic the "capacity" of the 
entire U.S. gas pipeline infrastructure. The 
ability to flow gas on any given day 
depends on where the gas is  being pro­
duced or withdrawn from storage and 
where the gas is being consumed. As such, 
this study analyzes capacity from the per­
spective of specific interregional flows and 
capacities and how they might change in 
the future. As mentioned p reviously, 
Figure T-9 shows the different regions as 
defined in the STM model output. Figure 
T-10 shows the nodes and nodal paths used 
to represent the North American natural 
gas transmission network. 

201 0 201 5 
YEAR 

In the Reference Case and all sensitivities, 
significant shifts in gas supply increase flows 
on some pipes, but decrease flows on others. 
As noted previously, significant shifts in sup­
ply locations to deepwater Gulf of Mexico, 
Rockies, western Canada, and the Canadian 
Atlantic are projected. Building capacity to 
these frontier supply basins is the single 
biggest driver of pipeline costs in the scenar­
ios. Significant shifts in gas supply require 
significant investment in new production-area 
pipe. For the purpose of this study, frontier 
supply is defined as deepwater Gulf of 
Mexico, Rockies, Mackenzie Delta, and the 
Canadian Atlantic .  In the Reference Case, 
67% of the new pipeline capacity built is from 
frontier supply areas. 

Over 30 BCF /D of interregional pipeline 
capacity is projected to be built from 1998 to 
2015 in the Reference Case and nearly all the 
sensitivities. The average lower-48 load fac­
tor is projected to rise only slightly through 
2010 in the Reference Case, as can be seen in 
Figure T-11 .  This is largely due to the signifi­
cant shift to frontier supply decreasing flow 
on some existing pipelines. The load factor in 
2015 ranges from 65% in the Lower Oil Price 
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Figure T-7. Reference Case, Year 2010 New Long-Haul 
Pipeline Cost (excluding replacement) and Storage Added to Market Areas 
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Figure T-8. Lower Oil Price Case, Year 2015 New Long-Haul 
Pipeline Cost (excluding replacement) and Storage Added to Market Areas 
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Figure T-9 .  STM Model* Regions 

* The STM model is EEA 's Gas Market 
Data and Forecasting System. 

sensitivity to 72% in the Larger Resource Base 
sensitivity. Load factor is reduced in the 
Lower Oil Price sensitivity due to the produc­
tion decline post-2010 in both the Gulf of 
Mexico and Western Canadian Sedimentary 
Basin and the significant increase in new 
capacity to the frontier regions. Load factor 
increases in the Larger Resource Base sensi­
tivity since not as much new pipeline capacity 
is built to the frontier regions. 

Net Canadian imports increase by over 
50% in the Reference Case and all the sensitiv­
ities. This is shown in Figure T-12. As was 
mentioned earlier, the areas with the greatest 
expenditures of new long-haul pipe are 
Canada and the Midwest for projects to 
import Canadian gas. Canadian imports will 
continue to be a key factor in providing ade­
quate supply to meet the growing demand of 
the lower-48 states. 

Through 2015, approximately 38,000 miles 
of transmission pipeline is projected to be built 
to meet the requirements of the future market. 
This rate of growth is not extraordinary and is 
in fact comparable to the expansion experi­
enced in the last few years, as can be seen in 

Figure T-13. Figure T-13 also shows the miles 
of pipeline expected to be constructed during 
each year through 2015. The sawtooth pattern 
is normal. Again, this reflects pipeline capacity 
being built only when the basis supports con­
struction. The average annual miles, including 
replacement varies from a high of 2,458 miles 
in the Larger Resource Base sensitivity to a low 
of 1,856 miles in the Lower GDP Growth sensi­
tivity. The Reference Case averages 2,366 miles 
through 2010. According to AGA's Gas Facts, 
there were over 3,000 miles of new gas trans­
mission line built in both 1991 and 1992 and 
over 4,000 miles of new gas transmission line 
built in 1997. With the historical annual aver­
age from 1990 to 1997 being 2,156 miles, there 
is little concern that the projected increase will 
cause significant problems with pipeline 
equipment manufacturers and construction 
companies. 

Gas prices remain volatile over the peri­
od of the study and in the Reference Case 
trend higher-particularly in the period 
beyond 2010 .  Since price is significantly 
affected by the input assumptions used by the 
model, sensitivity analyses were run for the 
key variables . This approach resulted in a 
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Figure T-10.  STM Model* Nodal Paths 

• The STM 
model is EEA's 
Gas Market Data 
and Forecasting 
System. 

range of outcomes for demand and price that 
were both higher and lower than the 
Reference Case. A range of outcomes using 
sensitivity analyses was also developed for 
regional prices in order to compare with the 
projected Henry Hub natural gas price. 

As discussed in the Demand Task Group 
Report, all regions show significant growth in 
gas demand. Interestingly, growth is fairly uni­
form throughout the lower-48 states. The 
change in the regional pattern of the produc­
tion of gas in North America has the largest 
impact on the changes in basis. The changes in 
Henry Hub price versus New York City, 
Chicago, and Opal (Wyoming) are shown 
respectively in Figures T-14, T-15, and T-16. For 
these locations, the basis increases in all 
instances for the Reference Case and the sensi-
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tivities throughout this projection. Henry Hub 
price versus Mid-Continent and Southern 
California are shown in Figures T-17 and T-18, 
respectively. Here the basis stays relatively flat 
for the Reference Case and most of the sensitiv­
ities. The only notable exception is the Larger 
Resource Base sensitivity that shows a signifi­
cant decline for the Southern California basis. 
The Henry Hub versus AECO (Alberta Energy 
Company) basis shown in Figure T-19 shows a 
downward trend for the Reference Case and all 
sensitivities. The AECO basis versus Chicago 
and versus Southern California shows a down­
ward trend for the Reference Case and all sensi­
tivities, as shown in Figures T-20 and T-21, 
respectively. The last basis analyzed is Opal to 
Southern California, shown in Figure T-22. 
This has an upward trend for the Reference 
Case and all sensitivities. 
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Figure T-13.  Miles of Pipeline Including Replacement 
Constructed Each Year for Lower-48 States 
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Figure T-14. Change in Henry Hub Price versus New York City 
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Figure T-15. Change in Henry Hub Price versus Chicago 
0.7�------�------------------------------------------------------, 

HISTORICAL 

0.6 1--------1------l 
Reference Case 

Higher Oil Prices 

Lower Oil Prices 

Higher GOP Growth 

Lower GOP Growth 

Faster Technology Advancement 

Slower Technology Advancement 

Larger Resource Base 
' . ·  , r • ' 

/ ' ,, 

0��--�--�----�--�------------------------�--�--�----------� 
1 995 2000 2005 

YEAR 

201 0 

Figure T-16.  Change in Henry Hub Price versus Opal 
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Figure T-1 7. Change in Henry Hub Price versus Mid-Continent 
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Figure T-18.  Change in Henry Hub Price versus Southern California 
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Figure T-19.  Change in Henry Hub Price versus AECO 
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Figure T-20. Change in AECO Price versus Chicago 
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Figure T-22. Change in Opal Price versus Southern California 
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Two conclusions can be drawn from 
these trends in basis . Prices are increasing 
faster at Henry Hub than at AECO, and prices 
at AECO are increasing faster than at Opal. 
This reinforces the conclusion that the pattern 
of pipeline expansion for the Reference Case 
and all sensitivities is driven by declining pro­
duction post-2010 for the Gulf Coast shelf and 
Western Canadian Sedimentary Basin, as 
shown in the Supply Task Group Report. 

As discussed earlier, gas prices grow 
throughout this projection. Average acquisi­
tion prices for gas delivered to transmission 
pipelines increase significantly throughout 
this forecast, mirroring the significant 
increases in production area prices. In real 
terms, transmission revenue declines nearly 
14% by 2010 in the Reference Case. Trans­
mission revenues decline over the projection 
in the Reference Case and all the sensitivities 
as can be seen in Figure T-23. Two factors 
drive this decline. The first is the assumption 
that shippers become less willing to pay con­
tractual premiums (revenue in excess of the 
marginal value) . The second is the assump­
tion that operational efficiencies decrease the 
unit costs of transmission over time. As 
shown in Figure T-24, the decline in unit rev­
enues is more than offset by increased 
pipeline throughput, hence total pipeline rev­
enues increase over time even though unit 
revenues are declining. 

In real terms, per-unit distribution rev­
enue also declines over time, as can be seen in 
Figure T-25. This is largely due to competitive 
pressures resulting in improvements in opera­
tional efficiencies over time, as well as growth 
in high-volume power generation load. As 
with transmission, increasing gas volumes 
more than offset the decline in unit costs, 
yielding a small increase in real revenue for 
distributors, as shown in Figure T-26. 

Fuel costs, the costs of fuel used in the 
compression of the gas to move it to markets, 
go up steadily in the Reference Case and all 
sensitivities, as seen in Figure T-27. As 
one would expect, fuel costs increase from the 
increased load factor and the larger market 
being served. They also increase due to high­
er wellhead prices. 

As mentioned previously, average annual 
requirements are projected to increase beyond 

31 TCF by 2015, which equates to 87 BCF /D. 
Peak-day requirements will  grow from 
approximately 111 BCF /D in 1997 to over 152 
BCF / D  in 2015, as shown in Figure T-28 .  
Seasonal requirements are projected to grow 
as well. However, the annual load profile by 
month will become flatter. 

The winter peak demand month in 
North America generally occurs in January 
while summer peak demand month usually 
occurs in August. The average North 
American daily demand in January divided 
by the average daily demand in August 
gives a seasonal demand ratio . The larger 
the ratio, the greater the difference between 
average winter and summer peak months. 
As can be seen in Figure T-29, the peak 
month seasonal demand ratio for the 
Reference Case and all sensitivities trends 
downward. This shows that demand is 
becoming less seasonal. This is caused by 
the incremental load coming from power 
generation, which peaks in the summer 
months . 

Large seasonal price spreads justify sig­
nificant investments in new gas storage. 
Over 0.4 TCF of additional working gas 
storage capacity is added in the Reference 
Case through 2 0 1 0  and an additional 0 .4  
TCF by 2015 .  Cumulatively, this i s  equiva­
lent to 21% of today's capacity. As can be 
seen in Figure T-30, most of the storage is 
built in the Mid-Atlantic region. Other areas 
that see significant amounts of additional 
storage are the Pacific Northwest, Mountain 
(Rockies), and California regions. The key 
driver for the amount of storage addition is 
the change in oil price. Higher oil prices 
cause fuel switching and increased demand 
for gas while lower oil prices cause fuel 
switching to oil and decreased demand for 
gas . This is the greatest factor in seasonal 
gas pricing differences. In the Higher Oil 
Price sensitivity, over 1 .0 TCF of additional 
storage is built in the lower-48 states, as 
shown in Figure T-31 .  Most o f  this i s  built 
in the last few years of the forecast, as 
shown in Figure T-32 .  This occurs in all the 
sensitivities and is a result of significant 
wellhead gas price increases in the latter 
years of the analyses due to the constrained 
supply resource base .  In the Lower Oil 
Price sensitivity, only 0 .62 TCF is built. 
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Figure T-23. Transmission Unit Revenue 
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Figure T-24. Transmission Revenues 
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Figure T-25. Distribution Unit Revenue 
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Figure T-26.  Distribution Revenues 
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Figure T-27. Fuel Costs 
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Figure T-28.  Peak-Day Demand by Year 
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Source: EEA, I nc., Gas Market Data and Forecasting System. 
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Figure T-30. Reference Case Cumulative Storage Capacity 
(Working Gas) Added to Market Areas through 2010 
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Figure T-31 .  Higher Oil Price Case Cumulative Storage Capacity 
(Working Gas) Added to Market Areas through 2015 
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Conclusions 
Significant expansion and enhance­

ments to the delivery system will be required 
to serve the growing demand.  Based on 
recent history, there is little concern that the 
projected increase will cause any significant 
problems. 

Pipeline flows, basis, transmission mar­
gins, and revenues are significantly influ­
enced by the regional supply shifts in all 
cases. In general, there are shifts in produc­
tion to deepwater Gulf of Mexico, Rockies, 
western Canada, and the Canadian Atlantic. 
In the Reference Case, 71% of the new 
pipeline capacity built is from frontier sup­
ply areas. Canadian imports will continue to 
be a key factor in providing adequate supply 
to meet the growing demand of the lower-48 
states. 

New pipeline capacity in western 
Canada and the Rocky Mountains de-con­
strains gas supply in those regions. Declining 
supply in the Gulf Coast and Western 
Canadian Sedimentary Basin has significant 
influence on pipeline builds, particularly after 
2010. This is somewhat mitigated in the 
Larger Resource Base sensitivity. 

Natural Gas Storage and 
Peak-Day Demand 

Peak-day requirements represent the 
sum of all loads on a system on the day of 
highest demand (as measured by volume) .  
Gas utility systems use a combination of flow­
ing gas, storage gas, and LNG or propane-air 
sources to meet their customers' firm require­
ments on peak days . Almost all  U.S .  gas 
pipelines and distribution companies experi­
ence their peak day during the winter months 
due to space-heating load that is highly 
dependent on weather and the severity of its 
conditions (primarily temperature and dura­
tion) . During the remaining months of the 
year, these utilities have unutilized capacity 
beyond that needed to meet market require­
ments and to refill storage. It is this unuti­
lized capacity and related unutilized system 
capabilities that is referred to elsewhere in 

this Transmission & Distribution Task Group 
Report as "seasonal or off-peak slack" in the 
delivery system. 

Any p articular system, whether a 
transmission pipeline or an LDC, must have 
the ability to meet its customers' firm 
requirements on design peak day. 
Therefore, the sizing and/ or capabilities of 
these delivery systems are dependent upon 
the projected growth in peak-day require­
ments. The increased demand by 2015 in 
the residential and commercial sectors, and 
to a lesser extent the industrial and electric­
ity generation sectors,  will s ignificantly 
increase peak-day demand and thus neces­
sitate construction of additional pipeline, 
storage, and LNG or propane-air peaking 
facilities (see Figure T-33 ) .  Certain cus­
tomers, principally industrials and electrici­
ty generators, are willing (and in some 
instances required) to limit natural gas con­
sumption on p ea k  d ays and switch to 
another fuel .  The flexibility to switch to 
alternative fuels, such as oil and coal that 
do not burn as clean as natural gas, is often 
limited by restrictions in environmental reg­
ulations. This is becoming more common, 
particularly for the new electricity genera­
tion facilities, as fuel-switching capabilities 
are becoming more difficult to permit in 
some areas of the United States .  Thus, the 
new electricity generation load will likely 
have a higher impact on peak-day require­
ments than in the past .  However, some 
level of fuel-switching capability is neces­
sary to handle overall energy needs on peak 
days and to lessen pipeline and storage 
expansion needs. 

In 1997, the U.S. natural gas transmission 
and distribution system was capable of deliv­
ering up to about 131 BCF of natural gas on a 
peak day. Of this amount, about 42% (54 BCF) 
was available directly from lower-48 natural 
gas production. The remaining capacity was 
provided by imports, storage withdrawals, 
LNG, and propane-air peaking facilities. 
Figure T-33 illustrates the relative importance 
of the different components in providing this 
capacity. As shown in this figure, natural gas 
storage and peaking facilities provide about 
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Figure T-33. 1997 Peak-Day Natural Gas Deliverability and Demand 
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51% ( 67 BCF) of peak-day gas supply.1 This 
additional capability above the 1997 annual 
consumption of 22 TCF, and estimated peak­
day demand of 111 BCF /D, allows non-firm 

1 EIA estimates total lower-48 natural gas storage 
field deliverability to be about 75 BCF /D. This figure 
represents the sum of the non-coincidental peak-day 
deliverability reported by each individual field. Actual 
useful coincident peak-day deliverability is significantly 
lower. Many fields share infrastructure (such as 
pipeline capacity) that constrains useful deliverability 
on any given day to less than the sum of the maximum 
deliverability of the individual fields. In addition, many 
fields are sited in regions or locations where the full 
deliverability will not be required or useful on a national 
peak day. For example, in the producing areas, less than 
half of available storage working gas capacity is used, 
and peak-day deliverability for these fields will be com­
mensurately lower. Finally, the deliverability reported 
by the EIA may not fully reflect field degradation over 
time. Actual effective storage peak-day deliverability 
for 1997 is estimated to be about 52 BCF/D. 
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customers to use capacity on peak days, adds 
reliability, and enables the system to support a 
growing U.S. gas market over the near term. 

Storage facilities also smooth over differ­
ences between natural gas production patterns 
and seasonal changes in natural gas demand, 
and minimize the total costs of the natural gas 
transmission and distribution system. Figure 
T-34 compares the seasonal pattern of U.S. 
natural gas demand with domestic production 
and Canadian imports. 

The differences between supply (pro­
duction and imports) and demand are 
accounted for by injections into and with­
drawals from storage. Without storage, both 
production deliverability and delivery sys­
tem capacity in the United States and Canada 



Figure T-34. U.S. Natural Gas Supply and Demand 
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would need to be greatly increased to meet 
peak winter demand. 

New Storage Requirements 

Lower-48 end-use natural gas demand is 
projected to increase by 32% from 19.9 TCF in 
1997 to 26.3 TCF by 2015 in the Reference 
Case. A significant amount of new storage 
capacity and storage deliverability must be 
developed to meet this increase in demand. 
As shown in Figure T-35, lower-48 storage 
capacity for working gas is projected to 
increase by 21% between 1997 and 2015, from 
3.8 TCF to 4.6 TCF. The increase in storage 
capacity is estimated to require a total invest­
ment of almost $5 billion (1998$). The annual 
investment costs associated with storage field 
expansion are shown in Figure T-36. 

The need for new storage facilities in the 
future will be driven by two major factors. 
First, increases in seasonal natural gas 

Jan-94 Jan-95 Jan-96 Jan-97 Jan-98 

YEAR 

demand and seasonal natural gas price 
spreads will stimulate demand for storage 
capacity. Second, operational changes in the 
nature of gas demand and transportation 
(including short-term fluctuations of demand 
in the power generation sector and the growth 
in importance of hub storage to meet opera­
tional requirements) will stimulate demand 
for high-deliverability storage fields such as 
salt dome storage and strategically located 
depleted field storage with greater operational 
flexibility. 

The need for new storage capacity is 
driven primarily by the increase in seasonal 
natural gas demand (including peak-day 
demand) relative to the overall annual aver­
age natural gas demand. Figure T-37 shows 
natural gas demand load duration curves for 
1997, 2000, 2005, 2010, and 2015 corresponding 
to the Reference Case. Each load duration 
curve represents daily lower-48 demand, 
determined using 1997 weather in each year, 
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Figure T-36. U.S. Storage Expenditures 

1 ,000 HISTORICAL 

800 
(f) 
a: 
<1: ....J ....J 
0 
0 600 co Q') 
Q') ,.... 
LL 
0 
(f) 
z 400 
0 
::::i ....J 
� 

200 

201 5 

0 �----�----�----�----�-----r--�-r----�----�------r 

1 970 1 975 1 980 1 985 1 990 1 995 2000 2005 201 0 201 5 

YEAR 



Figure T-37. Total Lower-48 End-Use Demand 
Peak-Day Demand Analysis 
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sorted from the highest coincident peak day to 
the lowest. This figure illustrates the growth 
in coincident peak demand for the lower-48 
states between 1997 and 2015. 

Overall, the load duration curve for 2015 
is slightly flatter than the load duration curve 
for 1997, reflecting the large growth in electric­
ity generation demand relative to the other 
end-use sectors. The electricity generation 
demand for gas tends to peak in the summer 
and otherwise spread evenly throughout the 
remaining months of the year. Nonetheless, 
the gap between the peak-day demand and 
average demand continues to grow through-
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201 0 
2005 
2000 
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out the period, indicating that additional stor­
age and peaking capacity will be required.  

Table T-4 illustrates the increase in peak­
day gas requirements for the Reference Case. 
Between 1997 and 2015, peak-day demand is 
expected to increase by 40.7 BCF / D, or 
37%. Average daily demand increases by 
23.4 BCF /D, indicating that peak-day demand 
is expected to increase by 17.3 BCF /D more 
than average daily demand. New transmis­
sion capacity upstream of storage will be 
required to meet the increase in aru1Ual aver­
age demand. New storage and peaking facili­
ties, as well as transmission and distribution 

TABLE T-4 

CHANGES I N  LOWER-48 PEAK-DAY DEMAND PATTERNS 
(Reference Case) 

1 997 2000 2005 201 0 
Average Daily Demand (BCF/D) 54.5 56.6 65.3 71 .9  

Peak Day Demand (BCF/D) 1 1 1 .1 1 1 6.6 1 32.4 1 43.0 

Difference Between Peak Day and 
Average Day Demand (BCF/D) 56.6 60.0 67. 1 71 . 1  

201 5 
77.9 

1 51 .8 

73.9 
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pipeline capacity downstream of storage, will 
be required to meet the incremental growth in 
peak-day demand. 

The type of facility selected to meet the 
incremental growth in peak-day demand will 
depend on the location (upstream or down­
stream of the city gate) and duration of the 
incremental peak load. While most of the 
increase in peak-day demand will be down­
stream of the city gate, there will be an 
increasing contribution to peak-day require­
ments upstream of the city gate due to 
baseload electricity generation tmits served off 
the transmission pipelines. Table T-5 indicates 
a significant amount of incremental growth in 
peak season demand in an addition to the 
peak-day demand growth shown above. This 
table compares average daily demand to the 
average daily demand during the highest 
usage quartile of the annual load profile, e.g., 
the average of the 91 days with the highest 
demand. 

Overall, the growth in seasonal and peak­
day demand indicates that seasonal natural 
gas deliverability will need to increase by 
roughly 31% between 1997 and 2015. Because 
most new pipeline construction is not eco­
nomic unless operated at very high annual 
load factors, the bulk of the increases in sea­
sonal and peak-day incremental demand will 
require construction of additional storage and 
peaking facilities. 

Potential to Expand 
Storage Capacity 

The Reference Case indicates that about 
800 BCF of working gas capacity must be 
added to natural gas storage capability in 

order to meet the expected increase in season­
al and peak-day demand. This represents a 
21% increase over the available working gas 
capacity in 1997. The U.S. Energy Information 
Administration (EIA) regularly tracks pro­
posed storage field development and expan­
sion projects. As of 1997, the EIA was tracking 
a total of 95 proposed storage projects with a 
total of 372.2 BCF of working gas capacity and 
10.5 BCF /D of deliverability. 

Data tracked by AGA showing storage 
field expansion potential of existing fields 
indicates the technical potential to expand 
existing fields by more than 2 TCF, with an 
estimated 1 .2 TCF of working gas capacity. In 
addition, new storage fields not yet 
announced are also likely to be developed. 
Hence, the technical feasibility of expanding 
storage capacity to meet the Reference Case 
requirements would not appear to be a signifi­
cant concern. However, the costs of storage 
expansion appear likely to increase over time 
as lower cost storage opportunities are devel­
oped first. For a more detailed discussion, see 
Appendix M. 

The storage field expansion potential 
included in the AGA storage database is 
almost certainly higher than the level of 
expansion in existing fields that will be 
achieved over time. Roughly half of the 
potential is located in aquifer fields. Due to 
cost concerns, and the limited flexibility of 
these fields, much of this potential capacity is 
likely to remain undeveloped. In addition, a 
significant proportion of the expansion poten­
tial for depleted field storage facilities proba­
bly will never be developed due to a variety of 
problems, including costs, land use and per-

TABLE T-5 

T-38 

CHAN G ES I N  LOWER-48 SEASONAL DEMAND PATTERNS 
(Reference Case) 

1 997 2000 2005 201 0 
Average Daily Demand (BCF/D) 54.5 56.6 65.3 71 .9  

Average of  Daily Demand for 
91 Highest Days (BCF/D) 80.8 83.9 96.0 1 04.8 

Difference Between Average Daily 
Demand for 91  H ighest Days and 
Average Daily Demand (BCF/D) 

26.3 27.3 30.7 32.9 

201 5 
77.9 

1 1 2.3 

34.4 



mitting issues, poor field location, poor field 
geology, and other issues. 

Conclusions 

The evaluation of natural gas storage 
requirements indicates that natural gas stor­
age will continue to play a key role in meeting 
seasonal natural gas requirements, and in 
ensuring the reliability and flexibility of the 
overall natural gas delivery system through­
out the year. As natural gas demand increases 
throughout the forecast period, additional 
storage space and deliverability will also be 
required. The primary conclusions of the stor­
age analysis include: 

• Both peak-day and seasonal storage 
capacity will need to expand by roughly 
25% between 1997 and 2015 in order to 
meet growth in seasonal and peak-day 
demand. 

• Significant new investments in storage 
and peaking facilities will be required to 
meet future growth in seasonal natural 
gas demand. Overall, incremental stor­
age investment during this time period is 
expected to total about $4 billion (1998$) . 

• There appears to be sufficient potential 
storage capacity available to meet pro­
jected storage requirements. 

• The price of expanding storage capacity 
is likely to increase as the most desirable 
storage fields are developed or expanded 
first. The cost of storage expansions is 
closely related to the cost and effective­
ness of new storage field wells, pipeline 
costs, and compression. Technological 
improvements in these areas, particularly 
in well productivity and drilling costs, 
will have a significant impact on future 
storage development costs and are likely 
to offset a significant part of the storage 
development cost increases . 

Distribution Analysis 

In the gas industry, the distribution sys­
tem is defined as that portion of the gas deliv­
ery pipeline network that is owned, operated, 
and maintained by LDCs. LDCs broadly cate­
gorize their sales and transportation service 

customers into two classes: firm and inter­
ruptible. 

LDC system capacity is currently de­
signed to meet firm customer loads without 
exception under design weather conditions. 
The definition of design weather conditions 
varies by state, as does the mix of customers 
served by gas within each state. Distribution 
system capacity is adequate to meet firm 
loads, but may or may not be adequate to 
meet all interruptible gas customer load under 
design weather conditions. 

It is projected that between 1999 and 
2015, the gas industry will add about 900,000 
new customers per year. Consequently, distri­
bution companies will add about 15,000 miles 
of new mains per year, and approximately 
10,000 miles of new service lines per year in 
order to serve new customers. 

Distribution investment required to serve 
new customers can be classified into direct 
and indirect investments . Direct investments 
include the costs of new facilities needed to 
connect new customers to the existing system, 
and include mains extensions, installation of 
new service lines, and meters and regulators. 
Indirect investments include the costs of 
increasing system capabilities to serve addi­
tional customers, and could include mains 
reinforcements, regulator replacement, region­
al debottlenecking, and improved flow design. 
Indirect investment costs also include expan­
sion of computer systems, new customer call 
centers, and other similar investments that 
improve customer service and reduce operat­
ing expenditures. LDCs typically install sys­
tems sized to allow for significant customer 
growth, hence the need for these types of indi­
rect investments generally cannot be linked 
directly to a specific new customer or group of 
new customers. 

Table T-6 shows distribution facility costs 
for new customers in 1997, used as the base­
line for projecting future LDC investment 
requirements . These costs include the direct 
costs of connecting new customers, as well as 
an allocation for the indirect costs. The costs 
used in the NPC analysis are based on distri­
bution system costs from a recent GRI study 
of LDC cost trends,2 refined based on the 

2 GRl, Historical Cost Trends and Current Regulatory 
Initiatives in the Local Gas Distribution Industry, May 1999. 

T-39 



TABLE T-6 

DISTRI BUTION FACILITY COSTS FOR N EW CUSTOMERS I N  1 997 

Residential 
Distribution Mains 

($/Foot) $22 

Distribution Services 
($/Foot) $ 6  

Cost Per Meter $250 

AGA "Best Practices" review. The allocation 
of indirect investment costs was calibrated to 
reflect total national LDC investment. It 
should be noted these reflect smaller average 
size industrial and electric utility connections. 
It is assumed the larger average size industrial 
and electric utility are connected directly to an 
interstate pipeline. Table T-7 shows the 
footage of Mains Per New Customer assumed. 
Other Facilities Per New Customer assumed 
in this analysis are shown in Table T-8. 

TABLE T-7 

ASSUM E D  FOOTAGE O F  MAINS 
PER NEW CUSTOMER 

Residential  Commercial 
Region Customers Customers 

New England 75 78 

Middle Atlantic 65 70 

South Atlantic 1 1 5 1 20 

Florida 1 60 1 75 

East South Central 1 1 5 1 40 

Midwest 90 1 1 0 

Upper M idwest 90 1 1 0 

Central 85 1 1 0 

South Central 1 1 0 1 20 

Southwest 1 1 0 1 50 

Mountain 85 1 1 0 

West North Central 1 05 1 1 0 

Northwest 1 05 1 1 0 

California 50 60 

T-40 

Electric 
Commercial Industrial Ut i l ity 

$22 $28 $30 

$ 6  $ 6  $ 6  

$600 $1 ,500 $1 ,500 

TABLE T-8 

OTH E R  FACILITIES 
PER N EW CUSTOMER 

Service 
Footage M eters 

Per  Per  
Customer Customer 

Residential 60 1 .00 

Commercial 60 1 .0 1  

Industrial 200 1 .70 

Electric Util ity 300 2.00 

Distribution systems are in a state of con­
stant maintenance and upgrade to ensure sys­
tem reliability and to minimize future mainte­
nance costs. Typically, mains and meters have 
an expected service life of about 40 years, 
resulting in a replacement rate of about 2.5% 
per year. Services generally have a much 
longer life, with a replacement rate of 
about 1% per year. Distribution Facility 
Replacement Requirements assumed are 
shown in Table T-9. Given current technology, 
it is generally much cheaper to replace facili­
ties than to install new facilities. Most current 
mains replacements and upgrades can be 
completed by insertion of plastic piping into 
existing cast iron and steel pipe, which allows 
for higher pressures and increased through­
put. System upgrades such as extended pipe­
wrap accomplish the same results. The aver­
age replacement cost is expected to be about 
50% of the cost for installing new facilities. 

Between 50% to 60% of investment over 
the forecast period is attributable to new cus-



TABLE T-9 

DISTRIBUTION FACIL ITY 
R EP LACEMENT R EQ UI R EME NTS 

Faci l ity Life 
Distribution Mains 

Distribution Services 

Meters/Regulators 

Replacement Costs for 
Distribution Facilities 

Years 
40 

1 00 

40 

50% of new 
facil ity cost 

tomer requirements, and 40% to 50% of invest­
ment for replacement and refurbishment of 
existing facilities. However, individual com­
pany requirements will vary substantially. 

To accommodate the demand projected 
by this study, the results from the distribution 
analysis show that total annual facility invest­
ment requirements for distribution companies 
will average $4.9 billion. This is not expected 
to be a concern as average annual expendi­
tures during the 1990s averaged slightly more 
than $4.8 billion. Historical annual capital 
expenditures in 1998 dollars can be seen in 
Figure T-38. It is assumed that distribution 
company productivity will increase by about 
1 .0% per year and this significantly lowers the 
projected costs. It is not expected that ade­
quacy of the distribution infrastructure will 
be a constraint in the future. However, the 
permitting and construction of new or 
replacement facilities is becoming more 
expensive as a consequence of various growth 
management, building code, and environ­
mental requirements. 

Figure T-38.  Historical Distribution Facility Investment 
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Chapter 'Two 

Access : Rights-of-Way 
and Permitting 

The projected shifts in supply regions 
and regional growth patterns will require 
building incremental pipelines to tap new 
supply sources, expanding infrastructure 
along existing corridors, building laterals to 
attach new markets, and attaching new stor­
age facilities to the pipeline grid. A funda­
mental requirement to develop this infrastruc­
ture is access to land for attaching, gathering, 
and processing the natural gas and then trans­
porting the natural gas to market or to storage 
fields for eventual delivery to market. 

Just as access to land has become critical 
for the exploration and production segment of 
the industry, access will become more critical 
for the transmission and distribution seg­
ments. As discussed in detail in the Supply 
Task Group Report, access to public lands is 
necessary to better estimate the resource 
potential underlying these areas and eventual­
ly to develop the potentially economic gas 
resources. Access to rights-of-way or ease­
ments for pipelines to traverse public lands 
are not only needed to develop the resources 
underlying the public lands. It can also be 
needed when the most direct and cost­
efficient route for a pipeline project to deliver 
supply from a non-public lands area to a mar­
ket area would be to cross public lands. 
Having to route or reroute pipeline projects 
around public lands can increase the costs of 
projects, can result in an uneconomic project, 
and / or cause significant delays. Industry 
participants recognize on a case-by-case basis 

that there are valid reasons for restricting 
access to public lands. As some restrictions 
were put in place 20 or more years ago, 
aspects of these restrictions may no longer 
make sense due to new construction proce­
dures, techniques, and improved land remedi­
ation methods. One example is improved 
directional drilling techniques for stream and 
river crossings. Another example is the mod­
ern compressor station, particularly if it uses 
electric motor drives, which is highly auto­
mated, relatively quiet, and has a much small­
er footprint than compressor stations of the 
past. Access to public lands will become 
increasingly important to the growth of the 
energy infrastructure because much of the 
future supply will come from these areas. 

Access issues are becoming increasingly 
important due to urban/ suburban sprawl 
encroaching on existing rights-of-way, height­
ened public resistance to providing easements, 
and increasingly restrictive government poli­
cies and regulations. Urban/ suburban sprawl 
has several impacts on the acquisition, man­
agement, and maintenance of easements and 
delivery system infrastructure. Surface struc­
tures and subsurface infrastructure (water, 
sewer, cable, etc.) resulting from urban sprawl 
create significant routing issues. Noise abate­
ment and visual aesthetics can become issues 
as residential developments approach existing 
compressor stations or as compressor stations 
are potentially sited near residential areas 
and/ or cultural landmarks. These issues have 
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the potential to remove routes for new pipeline 
infrastructure not only for new supply to mar­
ket area projects, but also for de-bottlenecking 
of existing infrastructure. 

Also, the approaching of residential and 
commercial establishments near the rights-of­
way I easements of high-pressure transmission 
pipeline and / or distribution pipeline may 
trigger a reduction in the maximum allowable 
operating pressure of the line segment by the 
Department of Transportation, thereby reduc­
ing pipeline efficiency. For transmission 
pipelines, this situation is easily remedied by 
either replacing the segment of pipe with 
thicker walled pipe or burying the replace­
ment pipe deeper in the ground, depending 
upon the circumstances. For distribution sys­
tems, advancements in plastic pipe technology 
have resulted in the ability to operate distribu­
tion pipelines at higher pressures than cur­
rently allowed. This could be rectified, for 
example, through modifications to pipeline 
safety regulations that recognize technological 
advancements and current industry practices. 
A result of the ability to operate these types of 
pipes at higher pressures, if recognized by the 
Department of Transportation regulations, 
would enable more gas to move through the 
existing distribution systems. Hence, more 
flexibility in regulations would enable compa­
nies to utilize these advances in technology 
and practices without compromising safety, 
while increasing reliability and lowering costs. 

Urban/ suburban sprawl also impacts the 
maintenance of delivery system infrastructure 
by necessitating the use of different tech­
niques and even the scheduling of mainte­
nance so as not to disturb nearby residents. In 
addition, street opening permits and fees add 
costs to construction projects and tying in ser­
vices after the mainline construction is com­
plete requires additional fees and permits . 
These issues and the pressure they exert on 
increasing costs will be magnified over time 
with the growth in population and the need 
for delivery system infrastructure to support 
that growth. 

Another consequence of a growing popu­
lation and urban/ suburban sprawl is 
increased public awareness and involvement 
in infrastructure projects. Although there are 
positive aspects of increased public aware­
ness, greater public involvement can result in 
upward pressure on delivery system costs. A 
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disturbing trend has arisen wherein the public 
has expressed resistance to the construction of 
new delivery system infrastructure, especially 
the large transmission pipeline projects such 
as those proposed from the Midwest to the 
Northeast and others in the Southeast. The 
resistance is often the result of misinforma­
tion, lack of information, and in some 
instances poor business practices. This has 
largely been the failure of industry and gov­
ernment. 

Ultimately, government policies, regula­
tions and their implementation at all levels of 
government (federal, state, local) guide and 
facilitate the ability of companies to obtain 
rights-of-way I easements and permits for the 
development of delivery system infrastruc­
ture. Major delivery system projects require 
extensive interactions with multiple levels and 
agencies of federal, state and local govern­
ments. For example, the recently constructed 
Portland Natural Gas Transmission System 
involved obtaining over 150 permits or 
approvals from federal, state, and municipal 
government agencies. There were 5 federal 
agencies, 23 state agencies, and 46 county and 
municipal agencies from which approvals 
were required. While some agencies look at 
different data, there is a tremendous amount 
of redundancy. More importantly, the large 
number of agencies increases the potential for 
inconsistencies in government policies and 
regulations and their interpretation. 

Recently, both industry and government 
(specifically FERC) have taken action to 
address these types of public concerns to bet­
ter enable the industry to meet the needs of 
both the market and of the public at large. For 
example, FERC recently amended its regula­
tions (Docket No. RM98-17, Final Rule, Order 
No. 609) by adding certain early landowner 
notification requirements. FERC also issued 
the following orders to help facilitate pipeline 
projects: 

• Collaborative Procedures for Pipeline 
Facilities Applications (RM98-16)-In 
this rule, FERC offers project applicants 
the option of designing a collaborative 
process to include environmental analy­
sis and issue resolution prior to filing an 
application. FERC stressed that it will 
not prejudice processing of applications 
prepared by standard means nor curtail 



the legal rights of any party to intervene 
and participate fully in the Com­
mission's post-filing proceedings. How­
ever, applicants may elect to treat the 
agreement as an offer of settlement if 
that is what the collaborative process 
yields. The Commission declined to 
adopt general deadlines, but participants 
can adopt deadlines for themselves in 
the process. Additionally, participants 
and not PERC are to determine the issues 
to be addressed in the collaboration. To 
initiate collaboration, applicants must 
file a request at PERC, which will be 
reviewed by the Director of the Office of 
Pipeline Regulation who will, after com­
ments, decide whether to approve the 
proposed process. In conjunction with 
this rule, the Commission also issued a 
rule on early landowner notification 
requirements. 

• Ex Parte Rule (RM98-1 )-The Com­
mission revised and clarified their ex 
parte rules this year in an effort to facili­
tate communications between staff and 
constructing pipeline personnel and 
between PERC and other agencies that 
share environmental jurisdiction. 

• Order on Revising Existing Certificate 
Regulations (Order No. 603) (RM98-9)­
FERC revised its certificate filing require­
ments and expanded the definition of 
"eligible facilities" under the blanket cer­
tificate prior notice procedures. 

While many of PERC's actions are 
intended to streamline the certification pro­
cess and facilitate communication among all 
participants, other access/permitting policies 
and regulations are becoming more restrictive 
and more complex in response to environ­
ment, landowner, and public-benefit concerns. 
The following examples of proposed or 

recently approved policy /regulatory changes 
demonstrate the movement toward additional 
requirements for the building pipelines: 

• On July 21, 1999, the Corps of Engineers 
proposed to modify Nationwide Permits 
in certain areas, which if implemented 
could affect the ability to obtain permits 
in a timely and cost-effective manner. 

• The U.S. Fish & Wildlife Service (FWS) 
has developed a "Draft Compatibility 
Policy Pursuant to the National Wildlife 
Refuge System Act of 1997" that would 
significantly impact the ability to obtain 
permits from the FWS for non-wildlife­
dependent activities. 

• On September 15, 1999, PERC issued a 
Statement of Policy (Docket No. PL99-3-
000) that it will use in deciding whether 
to authorize the construction of major 
new pipeline facilities. The change in 
policy now requires that an applicant 
demonstrate that the economic benefits 
to the public outweigh the adverse 
impacts . Only when the benefits out­
weigh the adverse effects on economic 
interests will the Commission proceed to 
complete the environmental analysis and 
consider other interests. Prior to this pol­
icy change, the economic test was much 
simpler, relying on the percentage of 
long-term contracts as the measure of 
demand for a proposed project. 

Careful consideration must be given to 
the issues enumerated in this and other sec­
tions of this study, in order to balance the myr­
iad of interests and policy goals that exist. 
The consequences of conflicting policy and 
regulations within and across government 
agencies will lead to higher costs, directly or 
via delays, and hinder the ability of the natu­
ral gas industry to meet the energy demands 
of the nation. 
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Chapter Three 

The Need for New Services 
to Serve Electricity 
Generation Loads 

Restructuring 
The ongoing regulatory restructuring of 

the natural gas and electricity markets and the 
dynamic operational requirements of serving 
the anticipated large load growth from elec­
tricity generators drives the need for new gas 
transmission, storage, and distribution ser­
vices. The restructuring of the natural gas 
industry that began at the federal level in the 
1980s has progressed through the 1990s and 
continues to unfold in many different ways 
and at differing paces at the state level . 
Restructuring is changing the roles, obliga­
tions, and interrelationships among all indus­
try participants and creates both opportunities 
and risks for new market participants. As 
restructuring progresses at the state level, the 
traditional roles and obligations of LDCs will 
be changing. The provision of open access 
and unbundled services to all end-use cus­
tomers may reduce the LDCs' obligation to 
serve with the corresponding and offsetting 
need for a new gas supplier to contract for 
firm transmission and/ or natural gas supply. 
New gas-market participants may be obliged 
to accept some aspects of the former roles and 
obligations of the LDCs as services are unbun­
dled and open-access customer choice is 
implemented. Many new participants, such 
as producers, generators, marketers, energy 
service providers, and end-users, have already 
begun to contract for and use transmission 
and storage capacity differently from the man-

ner in which LDCs have historically obtained 
and utilized it. This is because their risks and 
market demographics differ from the load 
profiles and physical needs of the LDCs. 

Natural gas restructuring led in part to 
the initiation of restructuring of the electricity 
industry. Traditional electric utilities are now 
reorganizing and unbundling their assets to 
become transmission and / or d istribution 
focused and as such are either selling off or 
spinning down their generation assets to 
other commercial, non-utility entities. Many 
of the traditional regional electric pools have 
implemented, or will implement, regional 
commercial and operational transmission 
structures (RTOs) and rules that will allow 
electricity trading transactions to occur effi­
ciently and transparently, both within new 
expanded service areas and between RTOs. 
A financial market for "forward power" is 
also developing alongside the physical mar­
ket. This will introduce additional trading 
dynamics and settlement products or process­
es to the electricity trading business.  A 
NYMEX electricity futures contract has been 
developed and trading hubs have been estab­
lished within the Pennsylvania, New Jersey, 
and Maryland control area, at Palo Verde, and 
at the California-Oregon Border. Additional, 
non-NYMEX, trading hubs are likely to 
develop with time. In some respects, such as 
open-access transmission, the unbundling of 
services, and implementation of new market 
structures (futures and trading hubs),  the 
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electric restructuring is analogous to the natu­
ral gas restructuring. Likewise, the roles, 
obligations and interrelationships of the mar­
ket participants are continuing to change as 
restructuring progresses and competitive 
market forces come into play. 

A significant aspect of the electric 
restructuring on the natural gas delivery sys­
tem and its services is the change in existing 
and new gas-fired generation asset manage­
ment brought about by a more competitive 
electricity trading environment. The new 
owners/managers of generating assets face a 
market that is becoming more competitive and 
that may be more geographically diverse in 
terms of potential customers (markets) than 
that of the former electric utility. The new 
asset managers will be pursuing the maxi­
mization of margin as opposed to the mini­
mization of production costs. This is particu­
larly true for the managers of merchant plants 
(non-utility entities that bid their generation 
into the open market rather than dedicate 
such to a term-contract arrangement) . 
Generation asset managers will be subject to 
day-ahead pool bidding structures that will 
influence bid behavior, the electric services 
bid, which entity will provide the product, the 
generation resource utilized, etc . It now 
appears the exact format of the pool bidding 
structures will vary by pool. Their ability to 
respond to different markets will require new 
flexible services from fuel-service providers. 

Operating Character of 
Electricity Generation Load 

While restructuring complicates and pro­
vides additional impetus for new flexible ser­
vices, the basic drivers for determining the 
optimal configuration of new services targeted 
to serve electricity generators are related to 
the operational requirements of the load and 
the magnitude of growth in gas-fired genera­
tion. In years past, natural gas has been used 
in primary and co-firing applications in boil­
ers to generate steam to push turbines. It has 
been used as the primary and/or alternative 
fuel source for early design gas turbines, oper­
ating either in simple or combined-cycle con­
figurations. These early generation plants 
(units) have relatively low inlet pressure 
requirements and modest hourly flow rates. 
Some of these units are capable of operating 
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on local distribution system facilities (mains) .  
LDC no-notice service on the pipeline was his­
torically sufficient to allow the LDC to sup­
port plant volume swings. Power load may 
have been interrupted, or the units requested 
to switch to alternative fuel if service to the 
plant conflicted with the LDC operations or 
needs. Others of these units are directly con­
nected to interstate pipelines. These units 
generally utilized interruptible gas transporta­
tion services on the pipeline, and plant vol­
ume swings were often supported by line­
pack of the pipeline infrastructure. Also in the 
past, most load growth by the electric utilities 
was anticipated to be met by electric peaking 
unit applications, which in many cases was of 
minimal concern to the gas delivery system 
because it was for summer electric peak load 
occurring in the off-peak summer gas load 
season. To date, the "seasonal slack or off­
peak slack" in the delivery system has been 
adequate to provide the capacity and opera­
tional flexibility needed to meet many of the 
demands placed on this system by increasing 
electricity generation load requirements while 
servicing the needs of the other gas customer 
segments. 

For the foreseeable future, a new genera­
tion of high-technology, high-efficiency gas 
turbines lead the marketplace as the choice for 
electric power generation. These units-rang­
ing in size from 40 megawatts to 200 mega­
watts each-have relatively high minimum 
inlet pressure requirements ranging between 
475 and 680 psig, faster ramp rates to full load, 
and higher fuel quality requirements as com­
pared to previous units. These units are likely 
to be served directly off the transmission 
pipelines. 

In addition to meeting these equipment 
requirements, delivery system capabilities and 
services will have to respond to the growing 
dynamic electricity load patterns (as well as 
the load dynamics/requirements of the other 
gas segments / customers) .  Electricity load 
patterns vary regionally by season, by day of 
the week (weekday /weekend), and by hour of 
the day (peak/ off-peak) . Because electricity 
today cannot be efficiently and economically 
stored on a large scale, the electricity genera­
tion systems must be constantly monitored by 
the pool operator and adjusted to change their 
output instantaneously as electricity demand 
changes. 



As gas-fired generation units are ramped 
up or down, and are brought on-line or taken 
off-line to follow electricity load, gas supply 
and the delivery systems will have to respond 
quickly (very quickly in the case of peaking 
units) .  This will require the ability to coordi­
nate the nomination and scheduling of fuel 
supply and delivery services on an hourly 
basis. In order to accomplish this, differences 
in the "gas day" and the "electric day" must 
be reconciled and become more operationally 
transparent. The electricity generation opera­
tor will need to provide an estimated 
bum/ dispatch profile to the delivery system 
operator to prepare their system for the antici­
pated demand. In addition, actual hourly 
operating/usage and next hour forecast data 
will need to be continuously exchanged 
between the operating entities in order to 
adjust their systems to real-time conditions 
that can vary considerably from estimates due 
unplanned plant outages and sudden varia­
tions in electricity load. An example of a 
transmission service that recognizes the need 
for hourly nominations and service capability 
is the recently approved FERC tariff filing by 
Reliant Energy for hourly firm pipeline trans­
portation service. 

Looking ahead, the tremendous growth 
in demand, particularly by electricity genera­
tors, will require the delivery system to be 
expanded, enhanced, and re-optimized to 
meet larger off-peak swing gas loads as well 
as growing gas annual and peak-day require-

ments . The expected annual growth of 
combined-cycle gas generation facilities in this 
projection (as well as those noted in forecasts 
of others) is in addition to previously antici­
pated summer season peaking units . The 
combination will increase annual and peak­
day consumption. The increase in overall 
demand from all end-use sectors will soon 
begin to absorb/utilize much of the existing 
"seasonal or off-peak slack" in the current 
delivery system. As natural gas demand from 
electricity generation is projected to grow 
faster than all other sectors, there will also be 
an increasing amplification of the electricity 
generation load patterns and swings on the 
natural gas delivery system. To realize the 
growth potential from electricity generators 
will require infrastructure enhancements and 
expansions of the natural gas delivery system 
designed to meet the electricity market's 
requirements. Additional compression, opti­
mally placed, that is more responsive to meet 
increasing short-duration load swings will be 
needed to bring the gas from supply areas to 
market hubs or city gates. This is especially 
true because most regional pipeline storage 
facilities are usually too far away from the 
specific pipeline segment affected and cannot 
change from injection to withdrawal mode 
quickly enough to match the remote electricity 
demand. New or enhanced communication 
and operations systems and software will be 
needed to coordinate and synchronize opera­
tions between the two industries. 
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Chapter Four 

Uncertainty, Risk, and 
Attracting Capital for 
New Infrastructure 

Although the capital required for trans­
mission and distribution infrastructure expan­
sions is not of the same magnitude as for the 
upstream sectors, investment issues are just as 
critical. The Reference Case shows that trans­
mission and distribution companies will need 
to make capital investments of approximately 
$123 billion through 2015. This total includes 
$35 billion for transmission facilities, $84 bil­
lion for distribution facilities, and $4 billion 
for storage facilities .  Clearly, to meet the 
needs of a 31 TCF market by 2015, companies 
will need to make considerable investments in 
infrastructure to serve new customers, man­
age seasonal and peak-day consumption 
swings, and replace aging facilities. 

A primary question that looms in the 
transmission and distribution segments of the 
industry is about who will accept the chang­
ing risks of financing and constructing major 
new facilities to meet such a market. The 
changing risks stem from the restructuring of 
the natural gas and electricity markets, regula­
tory uncertainty, challenges in obtaining 
rights-of-way, and competition for capital. 

The restructuring of the natural gas 
market started in the mid-1980s and has pro­
gressed through the 1990s. While the major 
aspects of restructuring at the federal level 
for interstate transmission have been imple­
mented, there remains regulatory uncertainty 
in the process of "fine tuning" of the regula­
tory structure to meet the needs of the mar-

ketplace. In addition to uncertainty at the 
federal level, restructuring continues to 
unfold on a state-by-state basis for LDCs.  
There is  considerable uncertainty for all 
industry participants as to the final "end­
state" for LDCs .  States continue to seek 
answers to questions such as who should be 
the provider of last resort and whether LDCs 
should be remain in the merchant functions. 
For example, many LDCs are in the process 
of either assessing, or reducing and divest­
ing, their long-term interstate transmission 
contracts as state regulators redefine the 
LDCs' role in the marketplace. The new mar­
keters that are taking over the merchant and 
service aggregator roles have risk profiles 
that make projects (greenfield or looping and 
compression on existing pipelines) harder to 
justify because of the short-term and compet­
itive nature of the business. States' decisions 
on these and other issues will be driven by 
what is determined to be most beneficial for 
the local consumers . Regardless of its form, 
however, regulatory restructuring will con­
tinue to define and redefine the risk equation 
among the industry participants. 

Over the last two decades, the industry 
restructuring has led to changing roles, obliga­
tions, and new market participants-as well 
as new risks and different risk profiles-for all 
the industry participants . In the past, cost 
recovery for downstream investments in gas 
pipelines and storage fields were heavily reg­
ulated and the process of aggregating demand 
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for and support of investment in expansion of 
these facilities-as well as the process of facili­
ties planning-involved primarily the pipeline 
companies and LDCs. The LDCs, as franchise 
holders, had principal access to the end-use 
market and thus had a level of certainty for 
entering long-term contracts that supported 
the investment in new facilities. Restructuring 
has led to the complication of these processes 
by increasing the number and diversity of par­
ticipants and increasing competition. The 
larger number of market participants (and 
competition) makes it more difficult to aggre­
gate demand because many of their customer 
portfolios are more geographically diverse 
than the "traditional" LDCs. 

The increase in competition makes 
obtaining information/ data/plans more diffi­
cult for facilities planning purposes as infor­
mation once commonly or more readily avail­
able is now kept confidential due to 
competitive concerns. It also increases the 
potential for bypass of LDCs facilities to serve 
large industrial and electricity generator 
loads, thereby increasing the potential for rev­
enue loss for the LDC and potentially increas­
ing costs to other LDC customers. 

Much of the investment for transmission 
infrastructure is required to serve the enor­
mous growth anticipated from the electricity 
generation sector. This market too is going 
through a major restructuring, creating uncer­
tainty about the future economics of generat­
ing assets and fuel supplies. The restructuring 
will have electricity generators competing 
intensely with each other. Fuel supply, a 
major cost component for electricity genera­
tors, will be a major concern and plant own­
ers/operators may be averse to entering into 
long-term wellhead and delivery service con­
tracts that require any substantial guaranteed 
payments (demand charges) such as those 
needed for investment in new delivery system 
infrastructure. New supply to market area 
greenfield pipelines may be particularly sus­
ceptible to this problem. 

As restructuring of the gas and electricity 
markets unleashes competitive market forces, 
the traditional forms of ratemaking for trans­
mission pipelines and LDCs may not be ade­
quate to meet the evolving needs of the mar­
ketplace. One alternative, however, is to allow 
for flexibility in pipeline rates while still pro­
tecting those shippers who may not have 
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many options for service. One example of this 
type of solution is the move in federal regula­
tion to allow pipelines to negotiate rates with 
shippers so long as a recourse or backstop 
cost-of-service rate is maintained. Most 
notably, this negotiating authority has been 
used by sponsors of new pipeline projects to 
design rates that enable the sponsors to clear 
the market hurdles for new projects. In this 
growth market, these and other types of cre­
ative and flexible regulatory policies will be 
necessary at the federal, state and local level. 
Other examples of creative solutions include 
incentive rate mechanisms that are developed 
by the company along with the regulatory 
agency that governs its rates. 

In the face of changing market condi­
tions, shippers place less value on entering 
contracts with a duration of more than three 
or five years. Shippers view a long-term obli­
gation to pay demand charges as unnecessari­
ly risky. In fact, the duration of long-term 
contracts has shown a significant decline 
since 1994, as shown in Figure T -39 . As a 
result, there is a mismatch of risk between a 
pipeline's need for long-term contract com­
mitments to minimize investment risk and 
the need of shippers to limit exposure to risk. 
This is true for the existing pipeline infra­
structure, but there is an even greater mis­
match problem for maj or new greenfield 
pipeline projects. To keep rates competitive, a 
new pipeline project requires substantial debt 
(usually 70-80%). This level of debt coupled 
with rate pressure requires debt terms of 15 to 
20 years. LDCs who used to be able to sign 
20-year contracts are generally not partici­
pants in new capacity projects because of 
state restructuring programs (discussed pre­
viously). The new market players generally 
have shorter time horizons with regard to 
transportation commitments, usually 3 to 5 
years, and are thereby unwilling to sign long­
term contracts for the capacity. This situation 
creates a mismatch between financing term 
and contract term that increases risk to the 
pipeline developer. 

There are additional factors contributing to 
increased risks for delivery system infrastruc­
ture development and/ or investment. A major 
factor that is more fully addressed in a separate 
section of this Transmission & Distribution Task 
Group Report is access to rights-of-way. The 
inability to obtain rights-of-way in a timely and 



Figure T-39.  Average Contract Length 
for Contracts with Terms of 3 Years or More, 

by Year of Contract Start, 1994 to 1998 
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cost-efficient manner increases the risk/uncer­
tainty, particularly of major greenfield pipeline, 
that a project will be built. A long delay will 
make the return on investment lower than 
expected. This possibility could make the proj­
ects sponsors more risk averse as they pursue 
new projects or may make them pursue fewer 
projects. 

The risks for the delivery system seg­
ments of the natural gas industry have 
changed substantially in this decade and will 
continue to change. From a fundamental 
financial investment perspective, risk requires 
a return on investment commensurate with 
that risk. If returns on delivery system invest­
ments are not commensurate with the risks 
inherent in the delivery system business, less 

capital will be invested in this infrastructure 
relative to investments in other businesses 
that have a better risk/ return profile. To 
obtain the financing needed for the expan­
sions and enhancements to serve a 31 TCF 
market, the energy companies that sponsor 
these projects must compete with other non­
energy companies with similar risk profiles 
for the same capital. 

Regulatory agencies that set the allowed 
rates of return need to be sensitive to the 
changing risks of this industry so that these 
companies are not disadvantaged in the capi­
tal markets and are able to raise the $34 billion 
for transmission facilities, $5 billion for stor­
age facilities, and $84 billion for distribution 
facilities. 
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Mr. Joe B .  Foster 
Chair 

The Secretary of Energy 
Washington, DC 20585 

May 6, 1 998 

National Petroleum Council 
1 625 K Street, N.W. 
Washington, D . C .  20006 

Dear Mr. Foster: 

Appendix A 

In 1 992, the National Petroleum Council released a study entitled, "Potential of 
Natural Gas in the United States." That study was critical in identifying natural 
gas as an abundant domestic resource that can make a significantly larger 
contribution to both this Nation' s energy supply and its environmental goals. 

Since the release of the study, the Nation has experienced five years of sustained 
growth in the use of natural gas. In addition, the study did not anticipate at least 
two major forces that are beginning to take shape, which will profoundly affect 
energy choices in the future -- the restructuring of electricity markets and growing 
concerns about the potentially adverse consequences that using higher carbon­
content fuels may have on global climate change and regional air quality. These 
issues offer opportunities and challenges for our Nation's  natural gas supply and 
delivery system. For a secure energy future, Government and private sector 
decision makers need to be confident that industry has the capability to meet 
potentially significant increases in future natural gas demand. 

Accordingly, I am requesting that the Council reassess its 1 992 study taking into 
account the past five years' experience and evolving market conditions that will 
affect the potential for natural gas in the United States to 2020 and beyond. Of 
particular interest is the Council ' s  advice on areas of Government policy and 
action that would enable natural gas to realize its potential contribution toward 
our shared economic, energy, and environmental goals. 

Given the significance of this request, Deputy Secretary Elizabeth Moler will co­
chair the study committee. I offer my gratitude to the Council for its efforts since 
our meeting in December 1 997, to assist the Department in defining a more 
concise study scope. The breadth of issues related to natural gas supply and 
demand is vast and I recognize that further refinements in scope may be necessary 
once the study is underway to address the most significant concerns about future 
natural gas availability. 

Sincerely, 

Federico Pefia 



The Secretary of Energy 
Washington ,  DC 20585 

Mr. Joe B .  Foster 
Chair 

National Petroleum Council 
1 625 K Street, N.W. 
Washington, D.C.  20006 

Dear Mr. Foster: 

November 1 8, 1 998 

This is to convey my approval to establish a Committee on Natural Gas and to 
appoint industry members as proposed in your letter of October 6, 1 998.  I also 

approve the establishment of a coordinating subcommittee and the appointment of 
subcommittee members identified in your letter. 

The Deputy Secretary will serve as the Government co-chair of the committee; the 
Assistant Secretary for Fossil Energy will co-chair the coordinating subcommittee. 
Staff involved in this study will be from the Office of Fossil Energy and the Office 

of Policy and International Affairs. In addition, the Energy Information 

Administration has expressed an interest in providing technical and analytic 
support. The Deputy Assistant Secretary for Natural Gas and Petroleum 
Technology will serve as the alternate for the Government co-chair of the 
subcommittee. 

I agree that it would be appropriate for a representative of the Department of the 

Interior to be a member of the coordinating subcommittee, and we are pursuing 
this issue. 

For a secure energy future, Government and private sector decision-makers need 
to be confident that industry has the capability to meet the significant increases in 

natural gas demand forecasted for the twenty-first century. I am pleased that the 
National Petroleum Council recognizes the challenge facing the domestic natural 
gas industry and has agreed to conduct a study of natural gas supply availability. I 

look forward to the study' s results. 

Yours sincerely, 

Bill Richardson 



Description of the National Petroleum Council 

In May 1946, the President stated in a letter to the Secretary of the Interior that he had been im­
pressed by the contribution made through government/ industry cooperation to the success of the 
World War II petroleum program. He felt that it would be beneficial if this close relationship were 
to be continued and suggested that the Secretary of the Interior establish an industry organization 
to advise the Secretary on oil and natural gas matters . 

Pursuant to this request, Interior Secretary J. A. Krug established the National Petroleum Council 
on June 18, 1946. In October 1977, the Department of Energy was established and the Council was 
transferred to the new department. 

The purpose of the NPC is solely to advise, inform, and make recommendations to the Secretary 
of Energy on any matter, requested by the Secretary, relating to oil and natural gas or the oil and 
gas industries. Matters that the Secretary of Energy would like to have considered by the Council 
are submitted in the form of a letter outlining the nature and scope of the study. This request is 
then referred to the NPC Agenda Committee, which makes a recommendation to the Council. 
The Council reserves the right to decide whether it will consider any matter referred to it. 

Examples of recent major studies undertaken by the NPC at the request of the Secretary of Energy 
include: 

• Enhanced Oil Recovery (1984) 

• The Strategic Petroleum Reserve (1 984) 

• U.S. Petroleum Refining (1986) 

• Factors Affecting U.S. Oil & Gas Outlook (1987) 

• Integrating R&D Efforts (1 988) 

• Petroleum Storage & Transportation (1989) 

• Industry Assistance to Government (1 991) 

• Short-Term Petroleum Outlook (1991) 

• The Potential for Natural Gas in the United States (1992) 

• U.S. Petroleum Refining-Meeting Requirem.ents for Cleaner Fuels and Refineries (1.a93) 

• The Oil Pollution Act of 1 990-Issues and Solutions (1994) 

• Marginal Wells (1 994) 

• Research, Development, and Demonstration Needs of the Oil and Gas Industry (1995) 

• Future Issues-A View of U.S. Oil & Natural Gas to 2020 (1995) 

• Issues for Interagency Consideration-A Supplement to the NPC's Report: Future Issues (1996) 

• U.S. Petroleum Product Supply-Inventory Dynamics (1998) . 

The NPC does not concern itself with trade practices, nor does it engage in any of the usual trade 
association activities . The Council is subject to the provisions of the Federal Advisory Committee 
Act of 1972. 

Members of the National Petroleum Council are appointed by the Secretary of Energy and repre­
sent all segments of the oil and gas industries and related interests. The NPC is headed by a Chair 
and a Vice Chair, who are elected by the Council. The Council is supported entirely by voluntary 
contributions from its members. 
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President 
Alcorn Exploration, Inc. 
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Dasco Energy Corporation 
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Chief Executive Officer 
Anadarko Petroleum Corporation 
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President 
The Anschutz Corporation 
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President 
Armstrong Energy Corporation 
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Chairman of the Board, President 

and Chief Executive Officer 
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Ralph E. Bailey 
Chairman and 

Chief Executive Officer 
Xpronet Inc. 
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Chairman, President and 

Chief Executive Officer 
Schlumberger Limited 
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William W. Ballard 
President 
Ballard Petroleum, L.L.C. 

Michael L. Beatty 
Michael L. Beatty & Associates 
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Chairman and 

Chief Executive Officer 
Bechtel Group, Inc. 
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Former President 
Marathon Oil Company 
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President and 

Chief Operating Officer 
TXU 

Peter I. Bijur 
Chairman of the Board and 

Chief Executive Officer 
Texaco Inc. 

Frank Bishop 
Executive Director 
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Jack S. Blanton 
President and 

Chief Executive Officer 
Eddy Refining Company 

Carl E. Bolch, Jr. 
Chairman and 

Chief Executive Officer 
Racetrac Petroleum, Inc. 



John F. Bookout 
Chairman, President and 

Chief Executive Officer 
Contour Energy Co. 

Mike R. Bowlin 
Chairman of the Board, President 

and Chief Executive Officer 
Atlantic Richfield Company 

William E. Bradford 
Chairman of the Board 
Halliburton Company 
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President and 

Chief Executive Officer 
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Chief Executive Officer 
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Acronyms and Abbreviations 

AECO Alberta Energy Company EUR Estimated Ultimate Recovery 

AGA American Gas Association FERC Federal Energy Regulatory 
Commission 

API American Petroleum Institute 
GDP gross domestic product 

BCF billion cubic feet 
GOM Gulf of Mexico 

BCF/D billion cubic feet per day 
GRI Gas Research Institute 

BLM Bureau of Land Management 
GW gigawatts 

BOE barrels of oil equivalent 
HDD heating degree days 

Btu British thermal unit 
HSM Hydrocarbon Supply Model 

CDD cooling degree days 
IPP independent power producer 

D&C drilling and completion (costs) 
KWH kilowatt-hours 

DOE Department of Energy 
LDC local distribution company 

E&P exploration and production 
LNG liquefied natural gas 

EEA Energy and Environmental 
Analysis, Inc. LPG liquefied petroleum gas 

EEl Edison Electric Institute MCF thousand cubic feet 

EIA Energy Information MMBtu million British thermal units 
Administration 

MMCF million cubic feet 
EPA Environmental Protection Agency 

MMS Minerals Management Service 
ERM Enhanced Recovery Module of 

the Hydrocarbon Supply Model MW megawatts 
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NERC North American Electric PGC Potential Gas Committee of the 
Reliability Council Colorado School of Mines 

NOAA National Oceanic and R&D research and development 
Atmospheric Administration 

National Petroleum Council 
RACC Refiner Acquisition 

NPC Cost of Crude in the United States 

NRC Nuclear Regulatory 
SNG synthetic natural gas Commission 

NUG non-utility generation TCF trillion cubic feet 

NYMEX New York Mercantile Exchange USGS United States Geological Survey 

ocs Outer Continental Shelf WTI West Texas Intermediate crude oil 
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Glossary 

Access 

The legal right to build transmission and 
distribution facilities on public and/ or pri­
vate land. 

AECO (Alberta Energy Company) 

Natural gas pricing point in Alberta, 
Canada. 

Assessed Additional Resources 

The sum of natural gas deposits estimated 
to be in-place (using accepted engineering 
models and analytical tools) that will be­
come recoverable in the future at various 
assumed technology and price levels; cur­
rent economic and operating conditions 
are insufficient to justify Proved Reserves 
status for this category. 

Basis 
The difference in price for a commodity at 
two different geographical locations. For 
natural gas, basis has meant the difference 
between the NYMEX futures contract at 
Henry Hub and the cash price at other mar­
ket points. For natural gas, basis reflects 
the value of transportation costs, although 
regional supply and demand factors are 
also important. In the model analysis, it is 
the difference in gas prices between any 
two nodes at the same instant in time. 

Brownfield Pipeline 
Adding compression and/ or looping to 
add capacity to an existing pipeline. 

Capacity, Peaking 

The capacity of facilities or equipment 
normally used to supply incremental gas 
or electricity under extreme demand con­
ditions. Peaking capacity is generally 
available for a limited number of days at 
maximum rate. 

Capacity, Pipeline 

The maximum throughput of natural gas 
over a specified period of time for which a 
pipeline system or portion thereof is de­
signed or constructed, not limited by exist­
ing service conditions. 

City Gate 

The point at which interstate and intra­
state pipelines sell and deliver natural gas 
to local distribution companies. 

Cogeneration 
The sequential production of electricity 
and useful thermal energy from the same 
energy source. Natural gas is a favored 
fuel for combined-cycle cogeneration 
units, in which waste heat is converted to 
electricity. 

Commercial 
A sector of customers or service defined 
as non-manufacturing business establish­
ments, including hotels, motels, restau­
rants, wholesale businesses, retail stores, 
and health, social, and educational insti­
tutions. 
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Compression 
Natural gas is compressed during trans­
portation and storage. The standard pres­
sure that gas volumes are measured at is 
14 .7  pounds per square inch (psi) . 
Pipelines have compression stations in­
stalled along the line (one about every 
100 miles) to ensure that the gas pressure 
is maintained while the gas is being 
transported. Current pipelines can carry 
compressed natural gas at nearly 1 ,500 
psi, but most tend to operate at closer to 
1,000 psi. 

Cost of Service 
The total amount of money, including re­
turn on invested capital, operation and 
maintenance costs, administrative costs, 
taxes, and depreciation expense, to pro­
vide a utility service. 

Cubic Foot 
The most common unit of measurement of 
gas volume; the amount of gas required to 
fill a volume of one cubic foot under stated 
conditions of temperature, pressure, and 
water vapor. 

Cumulative Production 
The total volume of natural gas that has 
been withdrawn from producing reservoirs. 

Delivery Point 
A point on a pipeline's system at which it 
delivers natural gas that it has transported. 
The city gate is the most common delivery 
point for a pipeline or transportation com­
pany because this is where the gas is trans­
ferred to the LDC. 

Distribution Line 
Network-like pipeline that transports nat­
ural gas from a transmission line to an 
end-user 's service line or to other distribu­
tion lines. Generally, large pipelines are 
laid in principle streets, with smaller lat­
eral lines extending along side streets and 
connected at their ends to form a grid; 
sometimes lateral lines are brought to a 
dead end. 

Electric 
A sector of customers or service defined as 
generation, transmission, distribution, or 
sale of electric energy. 
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Electric Day 
An arbitrary 24-hour period of time estab­
lished by an electric utility for the opera­
tion of its system, usually beginning at 
midnight. 

End-User 
One who actually consumes energy, as op­
posed to one who sells or re-sells it. 

FERC (Federal Energy Regulatory 
Commission) 

The federal agency that regulates inter­
state gas pipelines and interstate gas sales 
under the Natural Gas Act. 

Firm Customer 
A customer who has contracted for firm 
service. 

Firm Service 
Service offered to customers under sched­
ules or contracts that anticipate no inter­
ruptions, regardless of class of service, ex­
cept for force majeure. 

Fuel-Switching 
Substituting one fuel for another based on 
price and availability. Large industries of­
ten have the capability of using either oil 
or natural gas to fuel their operation and 
of making the switch on short notice. 

Fuel-Switching Capability 
The ability of an end-user to readily 
change fuel type consumed whenever a 
price or supply advantage develops for an 
alternative fuel. 

Gas Day 
An arbitrary 24-hour period of time estab­
lished by a pipeline for the operation of its 
system, often beginning at seven or eight 
o'clock in the morning. 

Greenfield Pipeline 
Development of a new pipeline. 

Henry Hub 
A pipeline interchange near Erath, 
Louisiana, where a number of interstate 
and intrastate pipelines interconnect 
through a header system operated by 
Sabine Pipe Line. The standard delivery 
point for the New York Mercantile Ex­
change natural gas futures contract. 



Industrial 

A sector of customers or service defined as 
manufacturing, construction, mining, agri­
culture, fishing, and forestry. 

Interruptible Customer 

A customer who does not have firm service. 

Interruptible Service 

Gas sold to customers with a provision 
that permits curtailment or cessation of 
service at the discretion of the supplier un­
der certain circumstances, as specified in 
the service contract. 

Load Duration Curve 
A curve of loads, plotted in descending or­
der of magnitude, against time intervals 
for a specified period. The curve indicates 
the period of time load was above a cer­
tain magnitude. Load duration curves are 
profiles of system demand that can be 
drawn for a period of time (daily, monthly, 
yearly) . 

Load Factor 
The ratio of average load to peak load dur­
ing a specified period of time, expressed as 
a percent. The load factor indicates to 
what degree pipeline capacity has been 
utilized relative to total system capability. 

Local Distribution Company 
A company that obtains the major portion 
of its natural gas revenues from the opera­
tions of a retail gas distribution system and 
that operates no transmission system other 
than incidental connections within its own 
or to the system of another company. 

Looping 
Adding extra segments of pipe to add ca­
pacity to an existing pipeline. 

Mains, Distribution 
Pipes transporting gas within service 
areas to the point of connection with the 
service pipe.  

Marketer (natural gas) 
A company, other than the pipeline or 
LDC, that buys and resells gas or brokers 
gas for a profit. Marketers also perform a 
variety of related services, including ar­
ranging transportation, monitoring deliv­
eries and balancing. An independent mar-

keter is not affiliated with a pipeline, pro­
ducer or LDC. 

Mid-Continent 

Natural gas pncmg point for the 
Kansas/Oklahoma region. 

New Fields 

A quantification of resources estimated to 
exist outside of known fields on the basis 
of broad geologic knowledge and theory; 
in practical terms, these are statistically de­
termined resources likely to be discovered 
in additional geographic areas with geo­
logic characteristics similar to known pro­
ducing regions, but which are as yet 
untested with the drillbit. 

Nominal Dollars 

Dollars that have not been adjusted for in­
flation. 

N onconventional Gas 

Resources that are estimated to be con­
tained in known strata of deposits requir­
ing application of technologies different 
from those required to extract conven­
tional high permeability gas reserves 
( i .e . ,  shale gas, coalbed methane, tight 
gas, etc . ) .  

Old Field Reserve Appreciation 
Additional estimated conventional re­
sources resulting from the recognition that 
currently booked Proved Reserves are con­
servative by definition and will continue 
to grow over time; based on historical ex­
perience, existing fields have been shown 
regularly to contain, and ultimately pro­
duce, significant additional quantities of 
natural gas in excess of initial proved re­
serve estimates. 

Opal 
Natural gas pricing point in Wyoming for 
the Rockies region. 

Peak-Day Demand 
The . maximum daily quantity of gas used 
during a specified period, such as a year. 

Peak Shaving 
Methods to reduce the peak demand for 
gas or electricity. Common examples are 
storage and use of LNG. 
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Proved Reserves 
The most certain of the resource base cate­
gories representing estimated quantities 
that analysis of geological and engineering 
data demonstrate with reasonable certainty 
to be recoverable in future years from 
known reservoirs under existing economic 
and operating conditions; generally, these 
gas deposits have been "booked," or ac­
counted for as assets on the SEC financial 
statements of their respective companies. 

Real Dollars 
Dollars in a particular year that have been 
adjusted for inflation to make financial 
comparisons in different years more valid. 
This NPC study generally adjusts dollars 
to the year 1998. 

Receipt Point 
A point on a pipeline's system at which it 
receives natural gas into its system. 

Refiner Acquisition Cost of Crude Oil (RACC) 
The cost of crude oil to the refiner, includ­
ing transportation and fees. The compos­
ite cost is the weighted average of domes­
tic and imported crude oil costs. 

Regional Transmission Organization (RTO) 
Voluntary organization of transmission 
owners, transmission users, and other en­
tities interested in coordinating transmis­
sion planning, expansion, and use on a re­
gional and interregional basis. 

Residential 
The residential sector is defined as private 
household establishments which consume 
energy primarily for space heating, water 
heating, air conditioning, lightning, refrig­
eration, cooking, and clothes drying. 

Revenue 
The total amount money received by a 
firm from sales of its products and / or 
services. 

Shipper 
One who contracts with a pipeline for 
transportation of natural gas and who re­
tains title to the gas while it is being trans­
ported by the pipeline. 

So Cal 
Pipeline pricing point located in southern 
California. 
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Spot Market 
Commodity transactions in which the 
transaction commencement is near term 
(e.g., within 10 days) and the contract du­
ration is relatively short (e.g., 30 days) .  

Storage Service 
A service in which natural gas is received 
by the seller of the service and held for the 
account of the customer for redelivery at 
later time. Storage services are typically 
utilized by customers to allow more even 
purchases or sales of natural gas through­
out the year, despite variations in end-use 
demand. Storage service is also a critical 
element of the peak period deliverability 
of many interstate natural gas pipelines 
and distributors. 

Supply Hub 
A geographic location where supply is 
available from more than one basin. 

Synthetic Natural Gas 
A manufactured product chemically simi­
lar in most respects to natural gas, result­
ing from the conversion or reforming of 
petroleum hydrocarbons or from coal 
gasification. It may easily be substituted 
for or interchanged with pipeline quality 
natural gas. 

Tariff 
A document filed by a regulated entity 
with either a federal or state commission. 
It lists the rates the regulated entity may 
charge to provide service to its customers 
as well as the terms and conditions that it 
will follow in providing that service. 

Total All-Time Recovery 

The sum of Total Remaining Resources 
plus Cumulative Production; the estimate 
of total natural gas that will ultimately be 
produced after all wells cease economic 
production. 

Total Remaining Resources 
The sum of Proved Reserves and Assessed 
Additional Resources; this term is often 
used interchangeably with "Total Re­
sources" and refers to the total quantity of 
natural gas estimated to remain available 
for production. 
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